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Chapter 1

Introduction

1.1 Enhanced Oil Recovery

Worldwide “the race is on” to develop sustainable energy alternatives, including renewable
sources such as wind and solar power. The share of oil in the global energy consumption in
2015 was 32.9%, while natural gas had a market share of 23.8% of the primary energy
consumption (BP, 2016). The share of renewables, besides hydropower, currently accounts for
2.8% of the primary energy consumption, with wind energy being the largest renewable energy
source (BP, 2016). Yet, several industry forecasts predict that by 2030 there will still be a vast
huge gap between resource availability and demand, and that fossil fuels will remain the main
source of energy supply (“OPEC” 2016). Carbon Capture Utilization and Storage (CCUS)
offers opportunities to combine power generation from fossil fuels by reinjecting CO, into
maturing oil fields. CCUS can enhance energy security by collecting CO, and using it for
Enhanced Oil Recovery (EOR), while at the same time making hydrocarbon-based power
generation carbon neutral. There are currently 14 large-scale CCUS projects in operation
around the world, with a further eight under construction. The majority of these projects will
utilize CO, for EOR (World Energy Outlook, 2016).

A large part of the current oil production comes from mature fields where most of the easy
to produce oil reservoirs are already depleted. In addition, the rate of discoveries of new oil
reservoirs during the last decades has been declining steadily. As the probability of continuous

large new oil discoveries is getting smaller, the costs that are involved in the exploration of



2 Chapter 1

new oil and gas fields around the world become extremely high. To meet the increase in
energy demand, the energy sector should increase production. Therefore, increase of the oil
recovery factors from mature fields is critical to meet growing energy demands in the coming
decades (Alvarado & Manrique, 2010). This could be achieved by the introduction of new
technologies for maturing oil fields, such as (Enhanced Oil Recovery) EOR (“IEA”, 2016).
Crude oil production from oil reservoirs includes three distinct phases: primary, secondary, and
tertiary recovery. Primary oil production utilizes the natural reservoir pressure or lifting to
drive oil into the production wellbore. The contribution of primary oil recovery ranges from
15% to 25% of an Qil Initially-In-Place (Ol1IP) of one reservoir. The secondary recovery phase
extends a field’s productive life after pressure depletion of a reservoir, usually by injection of
water, or possibly gas, to either maintain the reservoir pressure or displace oil towards a
production wellbore. The recovery factor by secondary recovery ranges from 20 to 40% of
OlIP (Kokal & Al-Kaabi, 2010). This means that on average between 50% and 70% of
identified oil is left behind in the reservoirs.

The main reasons for large amounts of oil to remain unproduced are: 1) capillary forces
which cause the trapping of oil, 2) low-permeable and fractured characteristics of reservoir
formation, 3) layering and heterogeneity of a reservoir and 4) poor mobility control and poor
volumetric sweep efficiency during the secondary phase of oil production. Due to the high
demands for energy, the need to improve the recovery factor and to accelerate oil production is
of a great importance. The Department of Energy (DoE) of US, and many industry experts are
on record in stating that tertiary oil recovery process, known as EOR, offer prospects for
producing oil up to 60% - 70% of OIIP after primary and secondary phases (DoE, 2016). EOR
includes chemical flooding, miscible and immiscible gas flooding and thermal methods.
Although most of the EOR methods are undertaken in the tertiary phase of oil production,
several EOR methods, such as miscible CO, flooding, low salinity water flooding, and foam
injection, can also be applied in the secondary phase of oil production. Chemical EOR, such as
polymer flood, surfactants and alkali flooding or a combination of these, can be a solution to
increase the mobility control and improve the sweep efficiency by increasing viscosity, and
decrease the capillary force by reducing the interfacial tension (IFT). The challenge to EOR

lies in the complex interaction of the injected agent(s) with the formation and reservoir fluids
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(Schlumberger, 2015). Carbonate reservoirs, that are mainly oil wet and fractured, can pose
specific difficulties for a high recovery during water flooding in the secondary phase.

Gas injection, in either continuous or Water-Alternative-Gas (WAG) modes and mainly
under miscible conditions, was particularly successful in the USA (Christensen et al., 2001;
Crogh et al., 2002). However, both continuous and WAG injection suffer from gas segregation
due to gravity override and early breakthrough due to both viscous fingering and channelling
through thief zones (Rossen & Shen, 2007). Thermal EOR techniques, such as steam flooding
and in-situ combustion, have classically been used for recovering heavy oil, since they provide
a significant oil viscosity reduction. Thermal EOR methods are not always applicable, for deep
reservoirs, due to high capital investment; and even for thin/small reservoirs, that would be

economically unjustifiable (Khoshnevis Gargar et al., 2014).

1.2 Gas Injection

Most of the oil production by EOR was, in the past (Jacquard, 1991) as well as in the recent
years (OGJ Survey, 2014), produced by gas injection from both oil and gas-condensate
reservoirs. It has long been recognized that phase and volumetric behaviour of gas-oil systems
during gas injection has a significant effect on oil recovery efficiency. Gas flooding typically
includes the injection of CO,, flue gas, natural gas or nitrogen into oil reservoirs under either
miscible or immiscible conditions.

Under miscible conditions injected gas ‘completely mixes’ with oil, forming a new single
oleic phase. This leads to lowering of viscosity, swelling of the oleic phase, and reduction of
the Interfacial Tension (IFT) between the oleic and water phases. CO, flooding above a certain
Minimum Miscibility Pressure (MMP) is a typical example of miscible gas flooding where
CO; behaves as a ‘solvent’ and can potentially recover 100% of the oil initially in place. Under
‘Immiscible’ conditions, injected gas, like nitrogen, does not ‘mix completely’ with the oleic
phase. Swelling and viscosity reduction of the oleic phase may still occur if sufficient gas
undergoes mass-transfer into the oleic phase. However, swelling and viscosity reduction are
limited compared to the miscible flooding conditions. This is the case for CO; injection under

the MMP, where traditionally one of the main purposes is to provide the energy or drive by
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increased pressure. The method of gas injection depends heavily on the availability of gas.
Hydrocarbon gases are usually exported. However, in many cases exporting produced gas is
either impossible or not economically viable. At Prudhoe Bay (Alaska, USA), it was not
economically viable to construct a new pipeline to transport the hydrocarbon gas, which led to
the decision to use it for reinjection into the reservoir (McGuire & Holt, 2003). The CO, EOR
injected into the Permian basin reservoirs in Texas (USA) originates from natural CO,
reservoirs in Colorado (USA) (Gozalpour et al., 2005). When injection of the gases is the
desirable EOR method while no gas is present locally, large investments are necessary to
transport the gas to the production site. Therefore, the usage of hydrocarbon gas and CO; is
limited by its availability and the costs.

Gas injection suffers from poor volumetric sweep efficiency due to gravity segregation,
viscous fingering, channelling and through high permeability streaks. These effects are due to
low viscosity and density of injected gas compared to oil and reservoir water. For a favourable
volumetric sweep efficiency, the mobility ratio between displacing and displaced fluids should

be less than unity. One of the most effective methods for achieving this is by foaming the gas.

1.3 Foam Flooding

Foam is a dispersion of a gas phase in a liquid phase, where the thin liquid films (called
lamellae) between gas bubbles are stabilized by a surfactant which adsorbs onto the gas/liquid
interfaces. The flow of the gas and surfactant solution through the porous media results in in-
situ foam generation. Foam, in a porous media characteristic of reservoir formation, flows so
that the liquid phase is mainly continuous and the gas phase is discontinued by lamellae
(Hiraski, 1989). Foam can be used for a gas shut-off, a gas mobility reduction during gas EOR
processes, an aquifer remediation, a water shut-off, an acid diversion during matrix acidizing,
and for hydraulic fracturing (Rossen, 1996; Schramm et al., 1993). The use of foam can reduce
the gas relative permeability (krg) by trapping the gas in bubbles in the porous media. The
presence of bubbles also increases the effective viscosity of the gas phase. These mechanisms
lead to a more favourable mobility ratio, which may improve the displacement efficiency of oil

in the foam EOR process. Another potential application of foam is conformance control in
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heterogeneous reservoirs. Foam has a lower mobility in high permeability layers, which can
hinder the flow in a thief zone and consequently divert the foam flow from high to low
permeability layers (Kovscek & Radke, 1994; Schramm & Smith, 1996). Thus, foam can
improve oil recovery over gas continuous injection or WAG in three main ways: 1) reducing
the mobility of displacing fluid (gas or foam) and increasing apparent viscosity of the gas
phase, which provides a favourable mobility ratio; 2) blocking a high-permeable swept zone
and diverting foam and fluids into the low permeable/un-swept zone; 3) reducing capillary
forces by reducing interfacial tensions.

Foam mobility control, an essential foam characteristic for EOR, is controlled by ‘foam
texture’, i.e. the number of lamellae per unit volume of porous media. Foam texture scales like
the inversely proportional to the bubble size. It depends on several physical parameters
including pore geometry, pore size distribution, surfactant formulation, flow rate, oil saturation
etc. Foam texture consisting of small bubble size reduces gas mobility significantly and is
called strong foam. There are three main foam generation mechanisms on the pore-level: snap-
off, lamellae division, and leave-behind (Schramm & Smith, 1996). Capillary snap-off is one
of the most important foam generation mechanism in porous media. Several studies have
shown that gas mobility can be reduced several hundred folds when foam is generated by a
snap-off mechanism (Ettinger & Radke, 1992). Lamellae, generated by each one of
aforementioned three mechanisms, ensure that foam stability is not diminished, as foam is
thermodynamically metastable.

Foam stability depends upon capillary pressure, gas diffusion, salinity, disjoining pressure,
the anti-foaming effect of oil, surfactant concentration and mechanical distributions. Several
experimental studies have shown that oil is detrimental to foam stability at an oil saturation
above 5% to 20% (Schramm & Smith, 1996). Thus, foam mobility in the presence of oil is
much higher than in the absence of oil, due to the destabilization and coarsening effects of oil
on foam (Schramm et al., 1993). Strong foam in porous media can be generated when the
pressure gradient is higher than the minimum pressure gradient (Dicksen et al., 2002; Falls et
al., 1988; Rossen & Bruining, 2007). The minimum pressure gradient for foam generation is a

function of porosity, permeability, pore size distribution and total velocity. The minimum
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pressure gradient increases with the decrease of permeability (Gauglitz et al., 2002).

Foam flow in porous media in absence of oil exhibits two different flow regimes under
steady-state conditions at constant total superficial velocity, depending on the gas fractional
flow of foam flow: 1) the low-quality regime and 2) the high-quality regime, where quality
indicates the gas fractional flow f, of foam at the inlet. In the low quality-regime, the pressure
gradient is only a function of the superficial velocity of the gas phase, while in the high-quality
regime, it is only dependent on the superficial velocity the water phase. Consequently, during
the foam quality-scan test at a fixed total Darcy velocity, in the high-quality regime the
pressure gradient decreases with increasing foam quality, while in the low-quality regime the
pressure gradient increases with increasing foam quality (Kam & Rossen, 2003). As foam
strength increases by increasing foam quality, subsequently at a certain water saturation, foam
starts to coalesce and dries out suddenly as capillary pressure reaches the ‘limiting capillary
pressure (Pc*)’. Water saturation at the limiting capillary pressure Pc*, so-called “critical water
saturation (S,,)’, at which the maximum foam strength is reached in the high-quality regime,
and below which foam weakens in the low-quality regime. Water saturation is reduced during
strong foam flow, which causes a rise of capillary pressure (Khatib et al., 1988). But, if the
final capillary pressure is lower than the limiting capillary pressure, foam flow falls in the low-

quality regime rather than the high-quality regime.

1.4 ASF Flooding

Alkali-Surfactant-Polymer (ASP) is one of the most attractive chemical-Enhanced Oil
Recovery (CEOR) methods. In properly designed ASP formulations, the alkali-surfactant
provides ultralow IFT between the drive fluid and the displaced oil, and polymers ensure a
good mobility control. Nevertheless, the efficiency of ASP can be much less than expected
under various reservoir conditions, such as low permeability, high temperature, high formation
brine salinity and the presence of divalent cations (Ca™?, Mg*?) in the formation brine. This is
due to polymer degradation and low injectivity, alkali precipitation and scaling in the well and
in the surface equipment. Moreover, polymers substantially reduce the capability of the

treatment of produced water to be used for re-injection, upcycling or discharge.
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This is due to the fact that polymers used for secondary and tertiary oil recovery are linear
anionic homopolymers or copolymers, such as hydrolyzed polyacrylamide or acrylamide
copolymers. Anionic polymers cause the water phase to have a strong anionic charge, which
cannot easily be neutralized by the treatment and processing of the produced polymer water
phase. Other restrictions concern the use of high molecular weight polymers in low
permeability, High Salinity High Temperature (HPHT) reservoirs. Polymer injectivity is rather
low in low permeability reservoirs, which may lead to clogging of the formation or even to
unwanted fracturing (Delamaide et al., 2014; Zechner et al., 2013; Zechner, Clemens et al.,
2014). Foam offers better properties than polymers for conformance control issues, because of
the behaviour of foam with ‘selective mobility reduction’. Foam has been identified as an
attractive alternative to polymer in Alkaline-Surfactant-Polymer (ASP) flooding for either low
permeability reservoir formations or for reservoirs with high salinity formation water (Guo et
al., 2012; Srivastava et al., 2009). Alkali-Surfactant-Foam (ASF) flooding is a new EOR
method, which uses foam as a mobility control agent instead of polymer, and provides low IFT
to increase the capillary number (Guo et al., 2012). Others have proposed similar processes
under the name of Alkali-Surfactant Gas (ASG) or Low Tension Gas (LTG) flooding
(Szlendak et al., 2013; Tang et al., 2014; Wu et al., 2010). IFT reduction has led to an increase
in the capillary number to improve sweep efficiency (Kang et al., 2010; Yugiang et al., 2008).
For water-flooded oil reservoirs, low IFT-generating formulations, such as ASP and ASF
chemical agents, are sought for EOR applications, in order to mobilize the residual oil which is
trapped by capillary forces. Surfactant formulations reduce capillary forces, enabling the
residual oil to be produced (lglauer et al., 2010). A process based on surfactant phase
behaviour screening has been described for evaluating potential EOR surfactants (Levitt et al.,
2009). This approach is based on a well-established relationship between a low IFT and micro-

emulsion phase behaviour.

1.5 Research Objective of Thesis

This Ph.D. thesis is aimed at providing further insights and a better understanding of the

Alkali-Surfactant-Foam (ASF) flooding process for oil recovery. We wanted to discover the
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mechanism of oil displacement by ASF flooding in terms of 1) the formation of oil bank 2)

the transport of dispersed oil, 3) the movement and pushing of oil bank(s) and dispersed oil by

foam. The main premise of this thesis is, whether immiscible foam flooding as an EOR

technique can be improved by ASF flooding in a combination of the mechanisms of ASP

EOR and Foam EOR methods? In order to answer this main question of the thesis, the

following more specific objectives were formulated:

Investigation of the dynamic of immiscible foam flow in the porous media at transient
and steady-state conditions in the absence and presence of oleic phase by numerical
modelling. To this end, we aim to determine the foam model parameters dedicated to
the effect of water saturation, surfactant concentration, capillary number (gas velocity)
and oil saturation functions.

Developing of a mechanistic model to explore the causes behind the comparable
amount of oil recovery by ASP flooding at under-optimum and at optimum salinity
conditions of micro-emulsion phase behaviour. The aim is to use a research simulator,
that combines multiphase multicomponent simulation with robust phase behaviour
modelling together with the geochemical module.

Investigating and better understanding of ASF’ mechanisms under bulk condition by
discovering a synergistic effect between surfactant phase behaviour and foam stability.
The focus is on the interaction of ASF chemical agents with oil in the presence and
absence of a naphthenic acid component and in-situ soap generation. The impact of
alkalinity, salinity, IFT reduction and in-situ soap generation were systematically
studied.

Investigating why, despite the possibility of generating strong foam in the presence of
oil, incremental oil recovery by the foam flooding is limited. To this end, identifying
how foam behaves physico-chemically in the oil recovery process from a rock in terms
of microscopic displacement of trapped oil and volumetric sweep efficiency.

Proposing a new chemical EOR approach that has the potential to overcome the

drawbacks of chemical EOR methods involving alkali and polymers.
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1.6 Thesis Outline

This thesis is based on a number of articles published by the author, describing the results
in the research area of ASF flooding EOR process. The dissertation consists of seven chapters.

Chapter 1 is the introduction. The reminder of the thesis is composed of two parts. The
first part consists of chapters two and three, and is devoted to numerical simulation and
mechanistic modelling of Foam flooding EOR process, and ASP flooding EOR process. The
second part includes chapters four to six, and is based on the systematic laboratory
experimental study of ASF EOR and the proposal of a novel chemical EOR approach.

Chapter 2 presents an integrated approach for the numerical simulation of foam flooding
in a porous media in the absence and presence of oleic phase. To conduct the numerical
simulation, a foam model was applied that is based on a Local Equilibrium (LE) and Implicit-
Texture (IT). The foam model describes dependency of the foam mobility reduction factor,
using several independent functions of the relevant physical variables (liquid saturation, foam
velocity, etc.). Firstly, numerical simulations investigated the effect of surfactant concentration
on pressure drop across the core in the foam flooding in the absence of oil. Secondly,
numerical simulations investigated oil displacement by foam, where the main goal was
determining the foam model parameters dedicated to the oil saturation-dependent function.

Chapter 3 is devoted to mechanistic modelling of the alkaline/surfactant/polymer flooding
process at under-optimum salinity conditions for EOR. The numerical simulation is based on
the recent experimental study of ASP floods, based on a single Internal Olefin Sulfonate (10S)
in natural sandstone cores with varying salinity from under-optimum to optimum conditions,
indicating that high recovery factors can also be obtained at under-optimum salinity conditions.
Developing a mechanistic model was aimed to explore the causes behind the comparable
amount of oil recovery by ASP flooding at under-optimum, and at optimum salinity conditions
of micro-emulsion phase behaviour. The results provide a basis to perform improved
modelling of the under-optimum salinity series of experiments and optimizing the design of
ASP flooding methods for the field scale with more complicated geochemical conditions.

Chapter 4 presents a laboratory study of the ASF method to better understand its

mechanisms under the bulk condition. The focus is on the interaction of ASF chemical agents
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with oil in the presence and absence of a naphthenic acid component, and in-situ soap
generation. The impact of alkalinity, salinity, IFT reduction and in-situ soap generation were
systematically studied by measurement of 1) surfactant phase behaviour using the glass tube
test method, 2) interfacial tension, and 3) foam stability analysis. This approach aimed to
discover a synergistic effect between surfactant phase behaviour and foam stability under the
bulk conditions, to come up with an optimized ASF EOR process. The method discussed in
this study can be successfully applied to formulate high-performance chemical agents for the
achievement of the ASF EOR process according to the reservoir fluid condition, i.e. the
properties of oil and formation water.

Chapter 5 addresses the question why the incremental oil recovery remains low despite the
fact that strong foam was generated. It further explores why a large part of the oil recovered by
immiscible foam flooding consists of a mixture with surfactant solutions. The chapter presents
an experimental study of an ASF flooding process as a tertiary oil recovery method to improve
immiscible foam flooding. The Alkali-Surfactant (AS) formulation, including two anionic
surfactant formulations, was formulated: 10S, which exhibits low interfacial tension (IFT),
AOS which creates strong foam.

Chapter 6 is directed toward issues of using polymer and alkali in the chemical EOR
methods for the low permeable and high salinity reservoirs, that can lead to polymer
degradation and low injectivity, alkali precipitation and scaling in the well and in the surface
equipment. This chapter reports on an experimental study of a new chemical EOR approach
that has the potential to overcome the aforementioned drawbacks. The new chemical
formulation consists of the combination of a non-polymeric viscosity enhancement compound
and a blend of two surfactants. The performance of this chemical formulation was evaluated by
a series of core-flood tests on Bentheimer sandstone cores, under stable gravity conditions,
with the aid of X-ray Computed Tomography. A significant reduction in the residual oil
saturation was observed by constructing the Capillary Desaturation Curves (CDC), suggesting
that the proposed formulation is potentially a robust chemical EOR agent.

Chapter 7 presents the main conclusions of this Ph.D. dissertation.



Chapter 2

Numerical Simulation of Foam Flooding
In Porous Media in Absence and

Presence of Oil

2.1 Abstract

This chapter reports a series of numerical simulations of foam core-flood experiments in
the absence and presence of oil. The experiments consisted of the co-injection of gas and
Alpha-Olefin Sulfonate (AOS) surfactant solution into Bentheimer sandstone samples initially
saturated with the surfactant solution [see (Simjoo & Zitha, 2013)]. The foam model
implemented in the PumaFlow simulator (in-house reservoir simulator of IFPEN) is based on a
local equilibrium and describes dependency of foam mobility reduction factor using several
independent functions, such as liquid saturation, foam velocity, oil saturation and capillary
number.

First, a series of numerical simulation was conducted to investigate the effect of surfactant
concentration on pressure drop across the core for the foam flooding in the absence of oil. To
this end, the dry-out and gas velocity functions in the foam model were determined from the

experimental data obtained at low and high-quality regimes of foam flow at a constant

The content described in this chapter is published in: Hosseini-Nasab et al. “Numerical Simulation of Foam Flooding in
Porous Media in Absence and Presence of Qil”, 8th International Conference on Porous Media & Annual Meeting (InterPore)
on May 9 - 12, 2016, Cincinnati, Ohio, USA.

11



12 Chapter 2

injection velocity. Next, pressure drop profiles of foam flooding at two different surfactant
concentrations were modelled to determine the parameters of the surfactant-dependent function
in the foam model. The simulation results fit the experimental data of pressure drops very well.

Then, the numerical simulations investigated the oil displacement, by foam where the main
goal was to determine the foam model parameters dedicated to the oil saturation-dependent
function. The pressure drop across the core, oil-cut, and oil recovery factor were modelled, and
an excellent match was obtained between the pressure profile and the oil recovery obtained

numerically compared with those obtained from the corresponding core-flood experiments.

2.2 Introduction

Gas injection for EOR suffers from poor sweep efficiency. Three reasons are associated
with this deficiency of gas flooding: 1) segregation and gravity override due to the lower
density of gas compared to oil and/or water, 2) viscous fingering due to a high mobility ratio
between injected gas and oil and/or water, and 3) channeling through high-permeability streaks
or layers in heterogeneous and layered reservoir (Lake et al., 2014). Foam can improve the
volumetric sweep efficiency by reducing gas mobility, providing a favourable mobility ratio
and contacting a larger fraction of the reservoir to mitigate the effect of heterogeneity, gas
segregation and viscous instability (Rossen, 1996; Farajzadeh et al., 2010; Simjoo et al., 2011).

Design of the foam EOR process for field-scale application requires an accurate prediction
and description of foam behaviour in porous media with and without the oleic phase.
Modelling of foam flow in a porous media can be categorized into two different approaches:
the local equilibrium with implicit texture (LE-1T) foam model, and the population balance
approach. The LE-IT foam model assumes that a local steady state of foam dynamics in terms
of creation and destruction of foam is reached instantaneously, wherever gas and surfactant (as
a foaming agent) coexist in porous media (Rossen & Wang, 1999; Boeije & Rossen, 2013; Ma
et al., 2015). This model implicitly takes into account the presence of foam generation and
coalescence through a mobility interpolation factor, which itself depends on water saturation,
gas velocity and other factors (Cheng et al., 2000). Application of the LE-IT foam model for

the field-scale requires dependency of the model parameters on the variety of geological
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properties of the reservoir, in particular permeability, porosity and fracture geometry in each
direction (Farajzadeh et al., 2015). The LE-IT empirical foam model is unable to model the
correct foam density as a function of foam quality where the foam quality can vary in thick
reservoirs based upon various factors, such as permeability, pore size distribution etc.

The population balance approach describes the dynamics of foam generation and
destruction where the foam mobility reduction is based on the bubble size and bubble density
(foam texture) (Kovscek et al., 1995; 2010). Although the population balance model provides a
comprehensive mechanistic description of foam flow in porous media, it requires many
physical parameters which are not easy to determine for the field application. On the other
hand, the empirical LE-IT model is more pragmatic and simpler for the field-scale simulation,
as it requires fewer simulation parameters and, there are less numerical difficulties and lower
computational costs compared to the population balance model (Kapetas et al., 2015; Rossen &
Boeije, 2015). Much work in the literature has focused on the simulation of foam flooding in
the absence of an oleic phase. Simjoo and Zitha (2015) studied the transient foam flow in an
oil-free porous media by using the stochastic bubble population model. The premise of this
model is that foam flow in porous media is a complex fluid and bubble generation is a
stochastic process. They obtained a good match between the numerically calculated fluid
saturation and pressure data compared with those obtained from the experiments at which foam
was generated by co-injecting nitrogen and alpha olefin sulfonate surfactant into Bentheimer
sandstone. Boeije et al. (2015) proposed a method to calculate the parameters of the water-
saturation-dependent function as well as the shear-thinning function from the foam pressure
gradient data at low and high-quality regimes at a fixed total velocity. This method can provide
the initial estimates for the foam model physical parameters to be used in the reservoir
simulator for foam simulation at a large scale. Ma et al. (2013) estimated the parameters of the
water-saturation-dependent function to describe the dry-out effect in the absence of the oil
phase. In their approach, shear-thinning behaviour at the low-quality regime of foam flooding
was ignored.

The effect of permeability variation of porous media on the behaviour of foam flow in the

absence of oil was studied experimentally and theoretically by Kepetas et al. (2015). They
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showed that permeability can have a significant impact on the critical foam saturation, such
that the higher permeability layer exhibits lower critical water saturation (S;,). However, they
did not come up with a robust correlation between the permeability and the transition
abruptness characteristic of the LE-IT foam model for the foam quality-scan experiments at
different foam-flow regimes. Jones et al. (2016) fitted the core-flood results of foam flooding
without oil for different surfactant concentrations by the LE-IT foam model. To be able to
predict the effect of the concentration on the foam apparent viscosity, they extended the model
such that five foam parameters vary with surfactant concentration.

Lotfollahi et al. (2015) presented a numerical model to simulate foam flooding in the
presence of micro-emulsion phase. However, in this work no validation was given with respect
to the experimental data. Similarly, Lashgari et al. (2015) applied the black-oil model system
coupled with the micro-emulsion phase behaviour model for simulation of low-tension gas
flooding. They used the IFT reduction as the main factor to control the incremental oil
recovery, even though this mechanism in foam flooding does not always function. Therefore,
most of the research has modelled foam flow in porous media, either in the absence or in the
presence of oleic phase. On the other hand, many experimental data of foam flooding for EOR
purposes have been reported.

Thus, the aim of this study was to investigate the application of the LE-IT foam model for
numerical modelling of foam flow in sandstone rock, both in the absence and in the presence
of an oleic phase. The foam model used is similar to that in the CMG-STARS™ simulator
(Computer Modelling Group Ltd., 2007). To this end, first the parameters of the dry-out and
gas velocity functions in the foam model were determined by a least-square matching of the
model to the experimental data obtained at low and high-quality regimes at a constant
superficial velocity. Then, numerical simulations were conducted to investigate the effect of
the surfactant concentration on the pressure drop across the core sample for the core-flood
laboratory data of foam flooding in the absence of oil. Thereafter, the effect of oil on the
modelling of foam flooding was elaborated by fitting foam parameters to the experimental data
of the foam flooding in the presence of oil.

The structure of this chapter is as follows. First, we describe the main features of the foam
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model used in this study. Next we present an overview of the experimental study on foam
flooding in sandstone porous media with and without the oleic phase. The chapter proceeds
with the simulation results obtained from numerical modelling of the experimental data, and

finally the main conclusions are drawn.

2.3 Theoretical Description of LE-IT Foam Model

Features of the local equilibrium and implicit-texture (LE-IT) foam model, in PumaFlow
reservoir simulator, are described as follows. Reduction of gas mobility due to presence of a
foaming agent is assigned to the relative permeability function, while gas-phase viscosity is
assumed unchanged, no matter whether a foaming agent is present or not. The relative
permeability reduction factor is interpolated between a (maximum) reference value, known or

measured in optimal foaming conditions, and a unity value in the absence of the foaming

foam

agent. Gas relative permeability in the presence of foam, k; 4

, Is rescaled to gas relative

permeability in the absence of foam (i.e. continuous gas), k7,°, by multiplying k7, by a

dimensionless interpolation factor, FM.
kI3 = k2 x FM (2-1)

The FM function, also known as the mobility reduction factor, is a product of various
functions to capture the different physical effects on the foam stability in porous media. The
FM function generally includes the contributions of four variables, namely surfactant

concentration, water saturation, gas phase velocity and oil saturation.

1

FM =
1+ (Myos — 1)F,F,F;3F,

(2-2)

The term M, is the (reference) maximum foam mobility reduction factor obtained without
the impact of other factors (F1, F»...). The functions F;, F, F3 and F4 incorporate the effects of
a foaming agent concentration, water saturation, oil saturation and capillary number (gas phase
velocity), respectively. The F; values are within the range [0; 1]: the closer they are to 1 the

more efficient the foam will be. Through the indices (as described in the following part), one
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can decide to neglect the dependency on some parameters by simply inputting €; = 0.
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F1 is a power-law relationship to describe the effect of the foaming agent concentration. It

T

is controlled by parameters Cfraf and es, where Cf;’; is the critical surfactant concentration

above which gas mobility is independent of surfactant concentration (Cs). Cfra’; depends on

surfactant type and is larger than the Critical Micelle Concentration (CMC). When surfactant
concentration is larger than the CMC value, foam becomes more stable due to the increase of
disjoining pressure (Kovscek & Radke, 1994; Schramm & Smith, 1996). Note, that the foam
coalescence rate is lower than the foam film creation rate, as long as the disjoining pressure is
larger than the local capillary pressure (Buchavzov & Stubenrauch, 2007; Ekserova &
Kruglﬁkov, 1998; Schulze-Schlarmann et al., 2006).

F, is namely a foam dry-out function, which describes the dependency of foam strength on
water saturation Sy,. Sy, in the function F; is the critical water saturation at which the maximum
foam strength is reached in a high-quality regime (‘foam quality’ referring to gas fractional
flow), and below which foam weakens in a low-quality regime (Kam & Rossen, 2003). For the
water saturation lower than S, as the foam quality increases, foam (in a high-quality regime)
begins to significantly dry out and coarsen by the ‘limiting capillary pressure, P’ (Khatib et
al., 1988). During a foam quality-scan test with a fixed superficial velocity, the high-quality
regime is the range of foam quality where the pressure gradient decreases with increasing foam

quality, while in the low-quality regime the pressure gradient increases with increasing foam
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quality (Tanzil et al., 2002). In the F, function, f,, is the dry-out coefficient that controls the
collapse rate of the foam in the high-quality regime as a function of water saturation (Kapetas
et al., 2015). This coefficient (f,) has a significant effect on the predictions of the pressure
gradient, particularly near the transition between the low/high-quality regimes.

Larger values of f,, yield a sharper transition between the high and low-quality regimes,
which means that foam dries out faster; while small values cause a gradual transition between
the regimes, which means that the foam gradually dries out. If the transition between high and
low-quality regimes is abrupt, then the S, parameter corresponds to the water saturation at the
limiting capillary pressure P.*, i.e. the water saturation at which foam strength collapses
(Gauglitz et al., 2002). F3 represents the destabilization effect of oil on the foam stability. The
S, parameter is the oil saturation threshold above which foam is destroyed and the mobility
reduction factor decreases. The e, is the exponent of the function of F3, which controls the rate
of disappearance of the foam when oil is present. By setting a zero value for this exponent, one
can neglect any detrimental effect of the presence of oil on the generated foam and, thus, on
the gas mobility control properties.

F4 is the shear-thinning velocity effect that represents the influence of non-Newtonian
power-law shear thinning of foam rheology on the foam strength. It was noted that the apparent
foam viscosity decreases as the velocity increases, as result of which the foam behaves as a
non-Newtonian shear thinning fluid (Hirasaki & Lawson, 1985; Xu & Rossen, 2003). In the F,4
function, N is the capillary number, and O<Ncref<1 is a range of reference rheology capillary
number values. The capillary number is a dimensionless number, which is defined by the ratio

of viscous forces to capillary forces. It is defined by the following equation:

Ne=ux Uapp/(pawg =k X Vp/oy, (2-7)

where u is the total Darcy velocity (gas + liquid), ugp,, is the apparent viscosity of the
displacing fluid in the porous media (here i.e. foam), ¢ is porosity of rock, k is absolute brine-
permeability of rock, Vp is the pressure gradient, and gy, is the surface tension between gas

and foaming agent solution, which is a function of the concentration of the surfactant agent in

the aqueous phase. Other definitions of the capillary number have been used in the literature
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(Lake et al., 2014), but Eq. (2-7) is the most commonly used for foam flooding (Simjoo et al.,
2012). The capillary pressure has an important impact on the foam stability and, in this study,

the capillary number is used to model this effect.

Since the maximum value of function F is equal to 1, therefore the value of Ncrefshould be

set equal to the lowest capillary number expected in the simulations. Below this value of the

capillary number (i.e. Ncref), the shear-thinning behaviour is not represented. The parameter ec
controls the significance of the shear thinning; the larger it is, the stronger the shear-thinning
behaviour effect becomes. A value of ec = 0 represents Newtonian behaviour. It is an
advantage for foam to be a shear thinning fluid for improved sweep efficiency purposes in
reservoir applications, because near the injection wellbore where the velocity is high, the
apparent foam viscosity will be low and, thus, the injectivity will be high (Ashoori et al.,
2011). However, deep in the reservoir, the apparent foam viscosity will be high, and therefore

foam will act as an efficient mobility control agent.

2.4 Overview of the Core-flood Experiments

2.4.1 Materials and Methods

Brine was prepared by adding sodium chloride (NaCl, Merck) at a fixed concentration of 3
wt% in de-ionized water (pH=6.8+0.1). Surfactant solutions with different surfactant
concentrations were prepared with the same salinity as the brine. Normal hexadecane (n-Cig)
with a density of 0.78+0.01 g/cm® was used as model oil. The surface and interfacial tensions
were measured using a KSV Sigma tensiometer by the DuNouy ring method. Surface tension
of 1.0 wt% AOS surfactant solution was 28.0 0.1 mN/m, and IFT between the surfactant
solution and model oil was found to be 1.9 +0.1 mN/m (both measured at 20°C). The CMC of
the AOS solution in the presence of brine was 4.0x10 wt%. The properties of the chemicals
used in this work are summarized in Table 2.1, and the physical properties of the core samples
are presented in Table 2.2. Details of the experiment conditions and results can be found

elsewhere (Simjoo and Zitha, 2013).
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Table 2.1: Properties of the materials used to conduct the experiments at the ambient

temperature  21°C and atmospheric pressure
_ _ Mole_cular Viscosity Active _
Materials  Formulation weight (cP) content Supplier
(g/mole) (Wt%)
Salt NaCl 58.50 solid 99.98 Merck
Qil n-C16 226.00 3.3+£0.01 99.99 Sigma
Surfactant AOS 315.00 1.08 £ 0.01 40.00 Stepan
Gas N, 28.01 0.017 99.98% 3M
Rock  mainly SiO, - - 93.00% Be;‘]ti':liim

Table 2.2: Physical properties of the core samples used in the

core-flooding experiment

Core sample

Bentheimer

Length (cm)

Diameter (cm)

Porosity (%)

Pore volume (cm®)

Core density (g/ cm?)
Brine permeability (Darcy)

17.0+0.1
3.8+0.1
21.0+0.1
42.5+0.5
2.65 +0.02
25+0.1

2.4.2 Core-flooding Set-up and Procedure

The set-up used to perform the core-floods is shown schematically in Fig. 2.1. The

sequences and conditions used to conduct the core-flooding experiments are summarized in

Table 2.3.
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Fig. 2.1: Schematic of the experimental set-up used to perform the core-flooding experiments. The core-holder
was held vertically on the bench of the CT scanner.

First, air from the core sample was removed by flushing it with CO, at 5 bar injection
pressure. Then, the dry core sample was saturated by injecting approximately 10 pore volumes
(PV) of brine while increasing back-pressure up to 25 bar. Back pressure was increased to
ensure that any CO, present in the core was dissolved into the water phase (100% core
saturation with brine). For each individual experiment, after core was fully saturated with
brine, absolute brine permeability was measured by the standard method (Christiansen &
Howarth, 1995). For the experiments in the absence of oil, the core was pre-flushed with a
surfactant prior to foam flooding. Surfactant pre-flush was executed to satisfy the adsorption
capacity of the rock surface and, thus, to shorten the delay in foam generation. A different
injection sequence was undertaken for the experiments mimicking foam EOR: after the core
was fully saturated with brine, first, oil was injected into the core till connate water saturation
was reached (primary drainage). Then, the core was water-flooded till residual oil was reached
(imbibition). Next, similar to the experiments without oil, the core was pre-flushed with a

surfactant solution and then subjected to foam flooding.
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Table 2.3: Overview of the experimental procedure used for the foam flooding experiments
with and without oil

Injection step sequence FIo;/vra_te Back pressure Ir)ject!on
(cm°/min) (bar) direction

Foam flooding without oil
CO, flushing to remove air >20 5 Downward
Core saturation with brine 1.0-6.0 25 Upward
Surfactant preflush 1 20 Upward
Foam flooding (co-injection) 1.1 20 Upward
Foam flooding with oil
CO;, flushing to remove air >20 5 Downwar
Core saturation with brine 1.0-6.0 25 Upward
Oil injection (drainage) 0.5 5 Downwar
Water flooding (imbibition) 0.5 5 Upward
Surfactant pre-flush 1 20 Upward
Foam flooding (co-injection) 1.1 20 Downwar

Nitrogen gas (N2) and surfactant solution were co-injected at a fixed superficial velocity of
4.58 ft/day and foam quality 91%, to generate foam in-situ at a back-pressure of 20 bar at
ambient temperature (21 + 1°C). Foam quality, fg, is given by fy = q¢/(qq + ai) > 100, where q,
is flowrate of the liquid phase (surfactant solution), and qq is flowrate of the gas phase
(nitrogen). Gas superficial velocity was determined from its nominal value by applying two
corrections: (1) with respect to the calibration factor for the mass flow controller (MFC)
towards an adjustment of the pressure before the MFC and injection pressure after the MFC,
(2) with respect to the adjustment of the effect of gas compressibility of N, due to 30 bar back-
pressure. For the foam-quality scan experiments at the low and high-quality regimes, the foam
quality was controlled by varying the relative rates of injection of N, gas and AOS solution, at
a constant nominal total superficial velocity. The steady-state pressure drop was measured
when the recorded pressure drop reached a relatively constant value (variations less 0.3 Bar) at

a new foam quality.
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2.5 Results and Discussion

2.5.1 Numerical Modelling of Foam Flooding in Absence of Oil

The objective of this section is to model the dynamic of foam generation and propagation in
porous media in the absence of oil at the transient and steady-state flow conditions. We then
model the effect of surfactant concentration on the pressure-gradient build-up during the foam
flow. We illustrated the dynamics of foam generation and propagation in the porous media by
the mobility reduction of full-strength foam, surfactant concentration effect, the limiting water
saturation at which foam collapses, and the parameters governing foam destruction at limiting
capillary pressure. To this end, we demonstrated the determination of dedicated parameters to
the aforementioned characteristics of foam flow for the LE-IT foam model. First, parameters of
the water saturation dependent function (F;), and the parameters of capillary number
dependent function (F,) were obtained by modelling the pressure gradient core-flood data of
one scan of Nj,-foam quality at a fixed superficial velocity. In the absence of oil at a fixed

surfactant concentration and total velocity, the LE-IT foam model related the foam mobility
reduction factor, FM, presented in Eq. (2-2), only to two functions of water saturation and

capillary number as follows:

1 (2-8)

tan™1 S, — S NTeT e
14+ (Myop — 1) X (o.s TRLa M W)) x <maX(NC T
c’ [l

FM =

In the absence of foam, Corey-type relative permeability for the water and gas phases were

used as follows:

S, —S Tiw
_ 0 w wc _
S, —S "9
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where k7, and k7, are the endpoint relative permeabilities for water and gas, respectively,
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n,, and n, are the corresponding exponents, S, is connate water saturation and S, is residual
gas saturation. The LE-IT foam model captures the value of each function to a maximum of
unity. Thus, the value of the reference capillary number (Nfef) was set equal to the lowest
capillary number expected in the simulations, where below this value (Ncref), shear-thinning
behaviour in the low-quality regime does not exist (Kapetas et al., 2015). This implies that
Ncref was not considered a foam matching parameter, while four other independent
parameters, M,..r, Sy, fi, and e., were considered fitting parameters in the low and high-
quality regimes of foam flooding in porous media. To determine the parameters, a non-linear
least-square optimization was used, in which all the four foam parameters were computed
simultaneously. For this, an initial guess and an allowed range were considered for each
parameter. Table 2.4 presents the input parameters of rock-fluid properties, the relative
permeability parameters of the gas and liquid phases (Egs. (2-9) and (2-10)), and the
conditions of the foam flooding experiment that were implemented in the numerical

simulation.

Table 2.4: Input values of rock, fluids and relative permeability parameters in the simulation

Input parameters

Values

Number of grid blocks
Grid block size (mxmxm)
Brine permeability

1x1x100
0.0367x 0.0367 x0.0017
2.30 (Darcy)

Porosity 0.25
Temperature 21°C

Brine viscosity 1.0 (cP)

Brine density 1.0 (gr/icm?)
Water compressibility factor 5.0E™

Gas viscosity 0.01744- 0.01832 (cP)
Surfactant concentration 1.0, 0.5, wt%
Salinity (water flooding) 3.0 wt% (NaCl)
Injection flowrate 1.1 (cm*/min)
Producer bottom hole pressure 20 bar

Foam injection time 20 (PV)
Connate (irreducible) water saturation 0.15

Residual gas saturation 0

Water relative permeability endpoint 0.25

Gas relative permeability endpoint 0.76

Exponent of water relative permeability 2

Exponent of gas relative permeability 1.3
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In order to compute the capillary number, a function describing the dependence of the gas-
water surface tension versus the surfactant concentration was implemented. The stabilizing
effect of the surfactant concentration on the generated foam was modelled, using the
dependence of the capillary number due to the variation of the gas-water surface tension. The
values of the foam matching parameters obtained by the least-square optimization method are
summarized in Table 2.5. A very good fit of the numerical simulations to the experimental data

of steady-state pressure drop of foam flooding was obtained as shown in Fig. 2.2.

Table 2.5: Foam model parameters for the numerical modelling of foam flooding
pressure drop at low/high-quality regimes in the absence of an oil phase

Parameters Values
Reference mobility reduction factor, Mg 48500
Reference surfactant concentration, E;‘;': 6 (9/L)
Exponent of surfactant-dependent function, e 15
Reference capillary number, N7¢ 9.76E°
Critical water saturation, S,,” 0.16
Constant of driving foam evolution, f, 1000
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Fig. 2.2: History match of the pressure drop of foam-quality scan experiment without oil at fixed total superficial
velocity (Ug + Uy) in Bentheimer core by the LE-IT foam model and the simulation parameters presented in

Table 2.5., Numerically simulated behaviour of foam-quality scans at a fixed superficial velocity that are higher
and lower superficial velocities than the experimental condition are also shown in this figure.

Calculated pressure drops, from the numerical simulation for higher and lower total

superficial velocity than the experimental results, are also presented in Fig. 2.2. It illustrates
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that the rheological characteristics and foam-flow regimes in a foam quality-scan experiment
with the different velocities can also be captured by the numerical results, where the pressure
gradient first increased with increasing foam quality, and then, the pressure gradient decreased
due to the foam dry-out. The constant of driving foam evolution (f,,) was not considered a large
value for the set of data examined in this work, because the transition from low-quality to high-
quality regime is not abrupt and the generated foam does not collapse at a constant water
saturation as shown in Fig. 2.2.

In order to test the capability of the LE-IT foam model to describe the effect of the
surfactant concentration, a numerical simulation of the pressure drop for foam flooding at two
different concentrations was performed. Five foam model parameters of dry-out function (F,)
and gas velocity effect (F4), determined from the previous simulation of foam flood at
low/high-quality regimes, were used. Then, the reference surfactant concentration and the
exponent of the surfactant-effect function (F;) of the foam model, by fitting to the
experimental data of pressure drop of foam flow at two different concentrations, were
estimated as earlier presented in Table 2.5. The foam existence was considered to be a function
of the surfactant (foaming agent) concentration and the water saturation. Fig. 2.3 shows
numerically calculated pressure drop versus experimental data at transient and steady-state

regimes for 0.5 wt% and 1.0 wt% surfactant concentrations.
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Fig. 2.3: Comparison of numerically calculated and measurement pressure drops of foam flooding in the absence
of oil at two different surfactant concentrations. Total superficial velocity and foam quality at injection side of the
core was fixed at 4.58 ft/day and 91%, respectively.
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The results describe mobilities at a fixed total superficial velocity for the tow different
surfactant concentrations. The LE-IT foam model successfully captured the experimental
fronts and provided a good match for the foam propagation rate at the transient and steady-
state conditions. However, initiation of foam generation and propagation by the model are
slightly higher than those obtained experimentally. The simulated pressure drop profile in the
case of the lower surfactant concentration (0.5 wt%) at the earlier time of the transient state

mimics less features of the experimental results, due to the delayed foam generation.

2.5.2 Simulation of Foam Flooding in the Presence of Qil

The objective of this section is the numerical simulation of the core-flood experimental
data of immiscible foam flooding during the displacement of the water-flooded remaining oil.
Modelling foam propagation through the porous media in the presence of oil is essential to
predict the performance of the immiscible foam EOR process. In this section, we assumed that
the destabilizing effect of oil on the foam is a function of oil and water saturations. The total
foam coalescence rate is the summation of the coalescence rate due to the water dry-out near

the limiting water saturation (Eq. (2-4)), and also due to the presence of oil (Eq. (2-5)).

Table 2.6 summarizes the input parameters and other conditions of the foam flooding
experiment that were implemented in the numerical simulation. The reservoir model, used for
the vertical one-dimensional simulation of the core-flow system, had dimensions 1x1x100 grid
blocks. No-flow boundaries were imposed on the lateral sides of the core sample, along with
in- and out-flow conditions. Reservoir model was isothermal, with the temperature constant at

22°C, the initial pressure of 20 bar, the porosity of 23% and the permeability was 2.1 Darcy.
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Table 2.6: Input values of the parameters of the reservoir model in the simulation

Input parameters

Values

Number of grid blocks
Gris block size (mxmxm)

1x1x100

0.0367 x 0.0 367 x0.0017

Brine permeability 2.1 (Darcy)
Porosity 0.21

Oil viscosity 3.210.2 (cP)
Oil density 0.79 (g/cm?)
Connate (irreducible) water saturation 0.15
Residual oil saturation after water flooding 0.43
Residual oil saturation after foam flooding 0.19
Salinity (water flooding) 3 wt% (NaCl)
Producer bottom hole pressure 20 bar
Injection flowrate 1.1 (cm*min)
Surfactant concentration 1.0 wt%
Foam injection time 18 (PV)
Residual gas saturation 0

Endpoint of water for water/oil relative permeability 0.26
Endpoint of oil for water/oil relative permeability 0.75
Exponent of water for water/oil relative permeability 2.50
Exponent of oil for water/oil relative permeability 1.80
Endpoint of gas for gas/oil relative permeability 0.55
Endpoint of oil for gas/oil relative permeability 0.51
Exponent of gas for gas/oil relative permeability 1.50
Exponent of oil for gas/oil relative permeability 3.10

Immediately before foam flooding, the reservoir model was at the water-flooded residual
oil saturation (Sor = 0.44), with no gas initially present in the core. The injector and producer
were placed at opposite ends of the reservoir model, and injection was performed at a rate of
4.2 ft/day. The maximum Bottom-Hole Pressure (BHP) in the injector and producer was set at
50 bar and 30 bar, respectively. N, gas and surfactant solution were co-injected at a fixed gas
fraction into the flow system of the reservoir model with a uniform water fraction of f,;=0.09
(foam quality of 91%). The binary relative permeability curves between gas/oil and water/oil
were used for the 1D displacement simulation. A Corey-type equation was used to describe the
relative permeabilities. The binary relative permeability curves were combined into a ternary
relative permeability function using the modified *Stone I’ three-phase model (Fayers, 1989;
Stone, 1973). The three-phase oil relative permeability was computed with the Stone | model

and applied to calculate the residual oil saturation parameter. The effects of oil saturation on

foam were incorporated by implementing the parameters of F3; function (Eq. (2-5)) as
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presented in Table 2.7. It is essential to note, that the F; in the FM function were multiplied
together. Then, if several parameters are not favorable, then the foam stability will be strongly

impacted.

Table 2.7: Foam model parameters for numerical simulation of the pressure
drop and oil recovery by foam flooding in the presence of oil

Parameters Values
Reference mobility reduction factor, Mg 45000
Critical oil saturation, S 0.5
Exponent of oil effect function, e, 0.2
Reference surfactant concentration, Eﬁ, 0.35 wt%h
Exponent of surfactant-dependent function, e, 0.5
Reference capillary number, N7/ 9.78E°
Exponent of capillary number dependent function, e, 0.2
Critical water saturation, S,,” 0.15
Constant driving of foam evolution, (f,) 100

Fig. 2.4 compares the pressure drop and oil recovery factor (with respect to OlIP) obtained
from numerical simulation and the corresponding experiments. The results show a good
qualitative agreement between the simulated and measured pressure drop data. The simulated
pressure drop increased until reaching a minimum-pressure gradient to generate strong foam in
the transient state, and after pressure drop raised, then levelled off to a plateau value during the
steady-state condition of foam flow regime. One can see small fluctuations in the pressure drop
after the chemical breakthrough for the experimental data and modelling results. Fig. 2.4 shows
a good match of the simulated and measured oil recovery by immiscible foam flooding.
However, there is a small discrepancy between the simulated and measured oil recovery data
between 1.5 and 3.0 PV, most likely due to the lower oil relative permeability during
experiment. Thus, this plot (Fig. 2.4) demonstrates an acceptable fit to the series of pressure
drops and oil recover factor at both the transient and steady-state conditions of foam generation

and propagation through the porous media.
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Fig. 2.4: Comparison of numerically calculated and measured pressure drops and oil recovery factor (OIIP)
during oil displacement by foam flooding.
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Fig. 2.5: Comparison of numerically calculated and measured oil-cut by foam flooding.

Fig. 2.5 compares the oil-cut (normalized oil production rate) profile obtained from
numerical simulation with those obtained from the experiments. The numerically predicted oil-
cut profile is in a good agreement with the one obtained from the experiment. In the first 1.2
pore volumes, the oil-cut increases until it reaches a peak value of 54 % and, then, decreases
towards 5.8% over more than 15 pore volumes. Visual inspection of the effluents showed that
in the first 1.8 PV clean oil was produced, while after oil was produced as an oil-in-water

emulsion (Simjoo & Zitha, 2013). This means that foam flooding first induces the formation of
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an oil bank and then, after the breakthrough of the trailing edge of the oil bank, the diffuse oil
is obtained as a dispersed phase. The above oil production features, due to foam flooding, i.e.
oil bank followed by a long tailing oil recovery, were captured remarkably well by the
numerical simulations. The tailing oil production occurred during the highest capillary number
(or pressure build-up, see Fig. 2.5), and the produced oil was attributed to the emulsified oil.
The desaturation of the oleic phase from the core can also be elaborated from the series of CT
scan images obtained during foam flooding as presented in Fig. 2.6. The red color corresponds
to the liquid phase consisting of residual oil plus surfactant solution. As gas and surfactant
solution were co-injected from the top of the core, the intensity of the orange colour diminishes
from the left to right progressively in favour of more blue, corresponding the three-phase flow.
This gives a qualitative impression of the change in fluid saturations including oil saturation in

the core.
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Fig. 2.6: CT images obtained during foam flooding in a core containing water-flooded residual oil (Simjoo &
Zitha, 2013). The red colour stands for the water-flooded core including residual oil saturation, and the blue
colour indicates the presence of the foam phase. Foam was injected from top to bottom to ensure gravity stable
conditions. Foam breakthrough occurred at 0.63+0.02 PV.

2.6 Conclusions

The study presented in this chapter demonstrated an integrated approach for the numerical
simulation of foam transport in porous media with and without the oleic phase. First, the LE-IT

foam model was matched to the foam core-flood experiments in the absence of the oleic phase
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by taking into account the foam dry-out phenomena, rheological characteristics along with
shear thinning properties and foam-quality regimes. The parameters of the water-saturation and
the shear-rate dependent functions (F, and F;) were determined by history-matching the foam
quality-scan data at the steady-state condition in the low/high quality regimes. The
corresponding parameters of F, and F, functions were then used to model the effect of the
surfactant concentration on the pressure build-up induced by foam. The parameters of the
surfactant-concentration dependent function (F;) were obtained by matching the numerical and
experimental pressure drop data for the transient and steady-state conditions.

The numerical simulation of foam flooding in the presence of water-flooding residual oil
was performed by estimating the oil-saturation dependent function of the foam mobility
interpolation factor. The numerically calculated pressure drop fitted well the experimental lab
data of the transient and steady-state foam generation and propagation in the presence of oil.
Two distinct regimes of incremental oil production were captured by the numerical simulation,
first by the formation of an oil bank and, then, followed by a long tail production. The results
of this study showed that the developed numerical model reproduced the main feature of the
transient and steady-state foam flow regimes in the presence of the oleic phase. This was
supported by a good match between pressure and oil recovery profiles obtained numerically
with those obtained from the foam flooding EOR experiment in the Bentheimer sandstone core

samples.






Chapter 3

Mechanistic Modelling of
Alkali/Surfactant/Polymer Flooding
Process at Under-Optimum Salinity

Condition for EOR

3.1 Abstract

Alkaline-Surfactant-Polymer (ASP) flooding is potentially the most efficient chemical
EOR method. It yields extremely high incremental recovery factors, in excess of 95% of the
residual oil for water flooding, under controlled laboratory conditions. However, current
opinion is that such extremely high recoveries can only be achieved at optimum salinity
conditions, i.e. for the Winsor Type IlI micro-emulsion phase, characterized by an ultralow
interfacial tension (IFT). This represents a serious limitation since various factors, such as
alkali-rock interaction, the initial state of the reservoir water and the salinity of injected water,
may shift the ASP flooding design to either under or over-optimum conditions. A recent
experimental study of ASP flooding by Battistutta et al. (2015), based on a single internal
olefin sulfonate (10S) in natural sandstone cores with varying salinity from under-optimum to

optimum conditions, indicated that high recovery factors can also be obtained in under-

The content described in this chapter is published in: Hosseini-Nasab et al. “Mechanist Modelling of Alkaline/Surfactant/
Polymer Flooding Process at Sub-Optimum Salinity Condition for Enhanced Oil Recovery”, Journal of Industrial &
Engineering Chemistry Research, 2016, 55, pp 6875-6888.
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optimum salinity conditions.

In this chapter, a mechanistic model was developed to explore the causes behind the
observed phenomena. The numerical simulations were carried out using the UTCHEM
research reservoir simulator, together with the geochemical module EQBATCH. UTCHEM
combines multiphase, multicomponent simulation with robust phase behaviour modelling. An
excellent match of the numerical simulations with the experiments was obtained for oil cut,
pressure drop, cumulative oil recovery, pH profile, surfactant, and carbonate concentration in
the effluents. The simulations gave additional insight into the propagation of alkali
consumption, salinity and surfactant profiles within the core. The study showed that the initial
condition of the core is important in designing an ASP flooding. Because of uncertainties in
the various chemical reactions taking place in the formation, an accurate geochemical model is
essential for operating an ASP flooding in a particular salinity region. The simulation results
also demonstrate that, for crude oil with a very low total acid number (TAN), ultralow IFT and
low surfactant adsorption can be achieved over a wide range of salinities that are less than
optimal. The results provide a basis to perform improved modelling of the under-optimum
salinity series of experiments and thus optimizing the design of ASP flooding methods for the

field scale with more-complicated geochemical conditions.

3.2 Introduction

Early research showed that, to recover water-flooded residual oil, it is vital to increase the
capillary number as the capillary forces have the main responsibility for oil entrapment after
water flooding during immiscible displacement inside porous media (Lake et al., 2014).
Capillary numbers are dimensionless values defined by the ratio of viscous and capillary
forces. ASP flooding is an emerging technology to increase production from oil reservoirs and
is potentially the most efficient chemically-Enhanced Oil Recovery (CEOR) technique (Sheng,
2014). In this method, a combination of alkali, surfactants and polymer is used to mobilize
capillary-trapped oil and to improve volumetric sweep efficiency. The surfactant reduces the
IFT between the displacing phase and crude oil to an ultralow value (< 10 mN/m). Alkalis

induce the formation of soaps by interaction with a crude oil that exhibits a high Total Acid
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Number (TAN), and as well reduce surfactant adsorption on the rock by increasing the pH of
the injection solution. The generated in-situ soap in combination with surfactants allows
ultralow IFTs to be reached, which results in the mobilization of considerable quantities of the
trapped oil (Sheng, 2011). Polymers increase the viscosity of the drive water in order to give
stable displacement of crude oil and to considerably improve the volumetric sweep efficiency
of the reservoirs.

As global oil prices increased from the early 2000s, research into polymer and ASP
flooding resulted in a number of successful field applications. Incremental oil recoveries of
20%, 24.0%, and 26.8% were reported for the Daqing oil field (Demin et al., 1999; Sheng,
2014), the Karamay oil field (Qi et al., 2000) and the Tanner field (Pitts et al., 2006). ASP
flooding provides a distinctly higher recovery factor than polymer flooding on the reservoir
scale (5%-10%). Every oil field typically requires its own combination of chemicals in order to
maximize oil recovery. Several authors have investigated ASP flooding, focusing on the
composition of surfactants or the design of ASP slugs (Levitt et al., 2011; Ogolo et al., 2012;
Young, 2011). Their work relied on core-flood experiments to determine the optimum
parameters for achieving a maximum oil recovery. A generally successful laboratory approach
to chemical EOR has shown that, when ASP chemical formulation (i.e., surfactants, co-
solvent, alkali, polymer, and electrolytes) in contact with crude oil creates the micro-emulsion
at optimum salinity, ASP flooding results in significantly high (> 95%) recovery of water-
flooded residual oil from the sample reservoir cores. Characterization of oil/water/surfactant
phase behaviour has been described by Winsor (Winsor, 1954). He indicated that the phases
change from Type I1- (oil in the excess water phase), Type Il+ (water in the excess oil phase),
and Type 111 (the bi-continuous oil/water phase) as the salinity increases. Based on the salinity
limits, Type I1- (or under-optimum) is below the lower salinity limit of Type Il and Type I+
(or over-optimum) is above the upper salinity limit of Type Ill. Several studies indicate that
ultralow IFTs are observed with Type I1I, which consists of excess oil and excess water phases
separated by a micro-emulsion phase. The salinity concentration at which equal amounts of oil
and water are solubilized in this (middle phase) micro-emulsion, is referred to as optimal

salinity (Sheng, 2011). Conventionally it has been assumed that in order for ASP flooding to
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achieve maximum oil recovery, chemicals must be injected at optimum salinity under Type |11
phase behavior conditions (Healy et al., 1976; Nelson, Lawson et al., 1984). However, several
factors, including alkali-rock reactions, the initial salinity state of the reservoir water and the
salinity of the injected water, may shift the ASP flooding design to either under or over-
optimum conditions.

Several researchers have indicated that the different phenomena involved in the ASP
flooding mechanism are not that simply correlated. They have found that (equilibrium) IFT is
not the dominant factor controlling oil recovery, but instead other factors, such as the mobility
ratio and surfactant retention, are crucial. Thus, the equilibrium IFT between the injected
surfactant fluid and crude oil, as present in a phase behaviour experiment, could be a
representation of the phases in contact within a particular porous medium, but this may not be
true for all systems (Gerbacia & McMillen, 1982). Recent studies have shown that high oil
recovery is also possible under non-optimum salinity conditions (Alagic & Skauge, 2010;
Levitt et al., 2011; Sheng, 2013). This was the case in the series of experiments conducted in
which the highest oil recovery was observed in Type Il-, i.e. under-optimum salinity
conditions, in the work by Battistutta et al (2015). Thus, new studies have challenged the
conventional wisdom about ASP EOR. Hence, the current strategy is based on the incorrect
assumption that ASP flooding should only operate at the optimum salinity condition (i.e.
Winsor type Ill). Each phase type has advantages and disadvantages associated with oil
recovery, depending on the relative permeabilities and other parameters (see Table 3.1).
Arhore (2012) has found experimentally that an under-optimum flooding recovered more oil
than an optimum-salinity flooding (80% vs 68% of residual oil after a water-flood). At the
time, it was thought that the in-situ salinity being slightly higher than the ASP salinity, was due

to in-situ mixing with the initial and injected (water-flooding) brine.
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Table 3.1: Advantages and disadvantages of three types of micro-emulsion systems for surfactant-based flooding
EOR

Winsor phase types Advantages Disadvantages

low surfactant trapping and
adsorption(Sheng, 2011),
benefit of the low salinity flood

Type Il- (under-
optimum)

bypassing of remaining oil due to
capillary diffusion and high mobility

lowest interfacial tension (IFT),

Type 111 (optimum emulsification and high

salinity range)

formation of second liquid phase,
coalescence and liquid crystal

miscibility
higher oil relative permeability surfactant entrapment in oil phase,
Ty'i? 11+ (over- than Type IlI, oil-wet behaviour in relative
optimum) high miscibility of oil and ASP permeability

Opposite salinity gradients are also applied to maximize oil recovery, i.e. injecting an ASP
at higher salinity, i.e. Type Il+, in combination with a low-salinity formation brine or polymer
drive to move the system towards Type IlI- through Type Ill (Liyanage et al., 2012). The
salinity requirement of a chemical flooding system usually varies during a process, because of
various phenomena such as adsorption, dispersion and mixing of fluids. Thus, it is physically
possible for two mechanisms (for instance, Type Ill and Type IlI-) to be operative for similar
conditions in the ASP EOR process. This could result in losing the optimal salinity during the
floods, but oil recovery might not decline when other mechanisms, such as low surfactant
adsorption on the rock and less surfactant trapping in the oil phase in under-optimum salinity
conditions, are functioning.

Lastly, several researchers reported the use of Low Salinity Surfactant (LSS) flooding as an
EOR technique (Alagic & Skauge, 2010; Johannessen & Spildo, 2013; Spildo et al., 2012).
The addition of a surfactant to a low salinity brine resulted in additional oil recovery in core-
flooding experiments, even though IFT was not ultralow (< 102 mN/m). The amount of
additional oil recovered with this system was comparable to the amount of oil recovered when
the salinity of the system is increased to the optimal salinity (and ultralow IFT), but surfactant
retention was much lower, possibly due to better solubility of the Internal Olefin Sulphonate
(10S) surfactant at lower salt concentrations. The implication is a possibility for potentially
better and more successful surfactant flooding in the Type IlI- region if a significantly lower
retention outweighs the disadvantage of interfacial tensions being higher (Spildo et al., 2012).

However, LSS flooding suffers from the limitation that it requires a significant salinity
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reduction in the available water in most cases.

A series of ASP core-flooding experiments, performed at different salinities in the Type 1I-
(under-optimum) vs. Type Il (optimum salinity) phase behaviours, have been presented in a
companion study (Battistutta et al., 2015). The aim of this experimental program was to
determine the dependence of oil recovery and surfactant retention on salinity and IFT
variations. This core-flood study reported higher recovery factors during under-optimum
conditions (2.5 wt% NaCl) than in optimum conditions. Therefore, the question arises as to
how this under-optimum condition will affect the incremental oil recovery factor. To further
understand this outcome, this study aimed to investigate the salinity condition by developing a
numerical model in a chemical flooding simulator.

The optimization, interpretation, and integrated design of this EOR method are essential
when considering the complex phase behaviour and the complexity of physics and crucial
parameters involved in the ASP EOR process. This requires a predictive model with
appropriate physics to fully capture the underlying mechanisms driving the ASP EOR
performance. The objective in this chapter is the modelling of a laboratory ASP core-flood
experiment performed at under-optimum salinity to get a better understanding of the process
for these under-optimum salinity conditions and its effectiveness over other optimum salinity
techniques. The reason for this choice is that, in spite of the fact that ASP flooding had the
lowest salinity, it produced the highest incremental oil recovery. The UTCHEM simulator, as
the most practical tool for the mechanistic simulation of ASP flooding, is a research three-
dimensional (3D) chemical flooding reservoir simulator for multiphase and multicomponent
systems (Sheng, 2013). This simulator was used to interpret the ASP core-flood experiments in
under-optimum salinity conditions by the simulation of various parameters. In this study the
ASP flooding process was modelled by including the surfactant phase behaviour as a function
of salinity, temperature and co-solvent concentration, fluid rheology, oil desaturation, rock
fluid interaction (such as cation exchange), and geochemical reactions. To take into account
the effect of geochemical reactions occurring in the core, EQBATCH, the built-in geochemical
module of UTCHEM, was used to calculate the initial equilibrium ionic compositions, the

CEC (cation exchange capacity) and HEC (hydrogen exchange capacity) (UTCHEM technical
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documentation, 2011). EQBATCH takes into account the geochemical reactions existing in the
ASP flooding, such as alkali precipitation with divalent cation, in-situ soap generation, and
alkaline consumption by ion exchange reactions. The numerical simulation also attempted to
uncover the sensitivities of oil recovery to the amount of injected surfactant, effective salinity

profiles in the core and the uncertainties in developing a reliable model.

3.3 Experiment Materials and Methods

The alkali used in this study was sodium carbonate (Na2COs, Merck, 99% pure); the co-
solvent is a sec-butyl alcohol (SBA, Merck, 99% pure); the polymer is Hydrolysed
Polyacrylamide, (Flopaam™ 3330S), and the surfactant is a C20-24 internal olefin sulphonate,
ENORDET™ 0242 (Barnes, 2010). The salt used for the brine preparation consists of sodium
chloride (NaCl, >99% pure). The crude oil had the following properties (at 52 °C): density
0.856 g/cm?, viscosity 3.4 + 0.7 cP, TAN 0.05 mg KOH/g oil. The Bentheimer core was used
to perform the experiments. Their mineralogy and physical properties were measured and are

described in Table 3.2.

Table 3.2: Physical properties and mineralogical composition of Bentheimer sandstone core

Mineralogy Physical Properties
Carbonate . s . Pore
Quartz  Clay  Feldspar Minerals Porosity  Permeability Diameter  Length volume
weight  weigh . .
OA? i o/go weight %  weight % % Darcy cm cm cm®
94.40 270 2.4+01 (1.510. 25+0.1 3.50£0.2 3.840.1 38.35+  93+0.2

The setup used for the core-flood experiments is shown in Fig. 3.1. The core holder was
placed vertically in an oven operated at 52 £ 1° C. A back pressure regulator and collector of
produced fluids was located at the end. Differential pressure transducers were placed near the
inlet of the ISCO pump, near the inlet of the piston pump line, and just before the core holder
to measure the pressure drop over the core for different injection profiles. The core used was
cut from Bernheimer-type sandstone and examined in a CT scan to detect the presence of any

anomalies, such as cracks or uncharted elements, as shown in Fig. 3.2. The core-flood
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procedure is shown in Table 3.3. The core was flushed with CO, at the start of the experiments
in order to remove the air and ensure that a 100% brine saturation was reached. More
information about all the series of ASP core-flood experiments in under-optimum and
optimum salinity conditions in the Bentheimer and Berea sandstone rocks can be found

elsewhere (Battistutta et al., 2015).
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Fig. 3.1: Schematic of the experimental setup used to perform ASP core-flood experiments.

i

Fig. 3.2: Three-dimensional (3D) image from the cross section of core obtained by the medical computed
tomography (CT) scan apparatus.
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Table 3.3: Summary of injection profile and basic properties for ASP core-flood experiments

Injection Step Pore volume Flow-rate Back-pressure  Temperature Injection

(PV) (cm®/min) (Bar) (°C) direction
CO, flushing - - 0 21 Bottom to top
Brine saturation 10 1 25 52 Bottom to top
Permeability test - 1-5 5 52 Bottom to top
Oil injection 25 1 5 52 Top to bottom
Water flooding 7 0.25 5 52 Bottom to top
ASP injection 0.48 0.25 5 52 Bottom to top
Polymer injection 2.58 0.25 5 52 Bottom to top

3.4 Results and Discussion

3.4.1 Geochemical Model

EQBATCH, the geochemical module of UTCHEM was used to describe the effect of
geochemical reactions that occur during ASP flooding. The mineralogical composition of the
rock used in core-flood experiments, was considered to develop the geochemical model.
Dissolution—precipitation reactions, homogeneous aqueous reactions, soap generation, and ion
exchange reactions with rock minerals and micelles are the key features of the ASP flooding
geochemical interaction for numerical simulation of the process. However, in this study, the
precipitation of divalent cations was ignored because of their low concentrations. The
dissolution of quartz was negligible since at the low pH observed in the experiments, quartz
dissolution is rather slow. In-situ soap generation of soap was also ignored due to the low acid
number of the crude oil (<0.05 TAN). Thus, the model includes ion exchange reactions and the
aqueous reactions with alkali. One of the main reactions between rock and the ASP flooding
concerned cation exchange between sodium and hydrogen. This was the major cause of the
consumption of alkali, and it had the ability to shift the pH front (Delshad et al., 2013). Key
ion exchange reactions include the exchange of hydrogen and sodium, which is a main reaction

for alkali loss during the process. The main reactions considered in the model are given below.

H,0 —H" + OH

H* + COs* —HCOy

2H" + CO3* —»H,CO5

Na* + H,O <> Na(OH) + H"
Ca”™ + H,0 < Ca(OH) + H'
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Na"+ H" + CO;* — Na(HCO;)

Ca” + H' + CO3% — Ca(HCO»)

Na" + CO;” <> NaCOy

Ca”* + CO5” <> CaCOs

H-X + Na" + OH «> Na-X + H,O (cation exchange reaction)

The exchange capacity of the rock was estimated by comparing the laboratory result with the
pH profile and was found to be 0.047 = 0.002 mequiv/mL. The cation exchange capacity
determines the amount of positively charged ions that are absorbed into the rock. The initial pH
in the system before the chemical breakthrough was calculated, based on the presence of

concentrations in the aqueous phase, especially that of H* in the geochemical model.

3.4.2 Surfactant Phase Behaviour Simulation

Experimental surfactant phase behavior data, which are volumetric components of three
pseudo-phases (aqueous, oleic, and micro-emulsion), were modeled. Oil and water surfactant
solubilization ratio data could be fitted with model parameters specifying tielines (distribution
curves) and binodal curve heights of the ternaries. The solubilization ratio in the surfactant
phase behaviour experiment is the relation of concentration of oil and water compared with the

concentration of the surfactant, described in the relation,

C
Ry = Ci forl=1.2 (3-1)

33

where Ry3 is the solubilization ratio, Cy3 is the concentration of phase [ solubilized in micro-
emulsion, and Css is the concentration of surfactant solubilized in micro-emulsion.

In order to investigate the phase behaviour under static (no flow) conditions, a simulation
was conducted in batch mode using the sample values for the reservoir, as given in Table 3.4.
A core plug with porosity 1.0 and a very high value permeability were chosen to replicate the
use of a test tube when the tests were conducted in the laboratory. The phase behaviour tests
conducted in the laboratory show that the optimum salinity is 4 wt% TDS (2 wt% NaCl and 2
wt% Na,CO3). To determine the phase behaviour model parameters from the laboratory phase

behaviour study, the heights of the binodal curve and the lower and upper effective salinity are
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used as input parameters in UTCHEM to solve Hand’s model (Delshad et al., 2013). The lower
(Cser) and upper (Csey) limits of effective salinity are the effective salinity in which three phases
form or disappear. Since the water-oil ratio (WOR) was equal to 1, the phase behaviour
simulation was carried out using 50/50 (vol%) water and oil concentrations. Thus, the initial

water saturation was 0.50. The viscosity of oil and water was kept as 1.0 cP.

Table 3.4: Representative reservoir properties and values of modelling parameters
for surfactant phase behaviour simulation based on laboratory measurements

Simulation Parameters Values
Simulation Time (Days) 250
Permeability (mD) 1000000
Porosity 1
Optimum Salinity 25000 ppm NaCl
Height of binodal curve at zero salinity (HBNC70) 0.040
Height of binodal curve at optimal salinity 0.037
(HBNC71) '

Height of binodal curve at twice optimal salinity 0.040
(HBNC72) :

Lower effective salinity (CSEL7) 0.466 mequiv/mL
Upper effective salinity (CSEU7) 0.586 mequiv/mL
Oil concentration at the left plait point, 0

volume fraction (Cupp)

Oil concentration at the right plait point 1

volume fraction (CapRr)

To model the phase behaviour as the batch mode, it was considered that many pore
volumes of water, oil, surfactant, co-solvent and polymer, whose compositions and
concentrations were the same as those used in the tube tests, were injected. This resulted in the
flow becoming a steady state. In the simulation, the salinity range of Type Ill was required to
be extended in order to match the high solubilization ratio of Type II- (Levitt et al., 2011;
Veedu et al., 2010). Fig. 3.3 shows the comparison of the laboratory phase behaviour results
and the numerical simulation match for the effect of the surfactant on the optimal salinity and

solubilization ratio.
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Fig. 3.3: Simulated and measured solubilization ratio of oil and water versus salinity for surfactant phase
behaviour tests.

3.4.3 Bulk Polymer and Surfactant Simulation

Before developing the model for ASP flooding, in order to attain the required viscosity for
the ASP and polymer drive solutions, it was necessary to obtain the related viscosity
parameters of the model. Although the polymer viscosity was obtained from laboratory tests, a
simulator does not have the ability to directly input these values, therefore, it calculates them
numerically according to the Flory-Huggins equation. The dependency of the polymer solution
viscosity at a zero-shear rate on the polymer concentration and on salinity was obtained in this

work as shown by the relation below:
0 =ty [14 (A1 Car + ApyC3 + Ap3C3)CS
Up = HUw p1lal p2L4l p3Lal)bsgp (3-2)

where uy, 1S the viscosity of water, Cy is the concentration of polymer in water, ﬂpo the polymer
viscosity at a zero-shear rate, and C;E’P the effective salinity (with S, an input parameter to

determine polymer viscosity as a function of salinity). S, is the slope of the (,up - ,uw)/uw VS

Csep On the log-log plot. Ap1, Apz, and Aps are the three polymer viscosity parameters that are

unknown. The factor C>?, accounts for the dependence of polymer viscosity on salinity and

SEP

hardness. The effective salinity (Csp) combines the effects of monovalents and divalents for

polymer, as calculated by
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Csq + —-1)C
CSEP — 51 (:Bp ) 61 (3_3)
Cll

where Cs;, Cg1, and Cy; are the anion, divalent, and water concentrations in the aqueous phase,
and B,, whose typical value is ~10, is measured in the laboratory as an input parameter for
simulation. First, the input parameter Sp is determined to be 0.151; thus, for different values of
Ap1, Apz, and Az, the calculated polymer viscosity from the numerical simulation was matched
with the laboratory data. Polymer adsorption and surfactant adsorption are modeled by a
Langmuir-type isotherm, and are a function of concentration of polymer or surfactant, salinity,
and permeability. Both adsorptions are modeled as irreversible, with respect to both
concentration and effective salinity. The adsorbed concentration of polymer and surfactant are
given by

3(C)
1+bC,

08
éi = , &= (ail +8,Cp )ErTefJ (3-4)

~

C, is the Langmuir isotherm for surfactant or polymer, i represents either the surfactant or
polymer component. The adsorption model parameters a;;, aj; and b; are found by matching
laboratory data of polymer and surfactant adsorption data, as given in Table 3.6. The reference

permeability () is the permeability at which the input adsorption parameters are specified.

3.4.4 ASP Flooding Model

a) Bulk simulation model and parameters. A simulation model for ASP flooding,
respecting the geometry, rock/fluid properties, geochemical reaction, and surfactant phase
behaviour conditions, was employed to mimic the bulk experiments. Each simulation of the
ASP flooding started with the integration of the geochemical model, phase behaviour model,
and bulk polymer parameters into UTCHEM. ASP flooding was conducted in a previously
water-flooded Bentheimer core with a high initial oil saturation of S, = 0.43. The ASP
flooding consisted of: (1) an ASP slug of 0.48 PV and (2) a polymer drive of 2.58 PV. The

ASP slug contained 0.6 wt% surfactant, 1.0 wt% co-solvent, and 1450 ppm polymer in under-
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optimum salinity conditions including 2 wt% Na,COs3, and 0.5 wt% NaCl. The total salinity of
the ASP slug was 1.98+0.01 wt% NaCl, so that the chemical was at under-optimum salinity
conditions. The ASP slug was then pushed with the same type of polymer dissolved in brine of
1.98 wt% NaCl. Fig. 3.4 shows the viscosity of the ASP slug and polymer drive versus the
shear rate for the polymer concentration of 1450 ppm at salinity of 1.98 wt% NaCl at two
different temperatures. The ASP core-flood was conducted at an interstitial velocity of 4.22
ft/day which corresponds to a shear rate of 22.45 s™, and polymer viscosity was 5.1 + 0.4 cP at
this shear rate. Table 3.5 and Table 3.6 summarize the rock/fluid properties and conditions of

the experiment that were implemented in the ASP flooding simulation.

Table 3.5: Input parameters of rock and fluid properties for numerical

simulation
Brine permeability 3.51(Darcy)
Porosity 0.25
Core weight 755.15 (g)
Pore volume 93 (cm®)
Temperature 52 (°C)
Brine viscosity at core condition 0.54 (cP)
Brine density at core condition 0.987 (g/cm®)
Oil viscosity at core condition 3.7£0.07 (cP)
Oil density at core condition 0.855 (g/cm®)
Total acid number (TAN) <0.05 (mg KOH/qg oil)
100
— 52 degree Celsius, (°C)
g 25 degree Celsius, (°C)
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Fig. 3.4: Viscosity of polymer of ASP slug and polymer drive for the 1450 ppm polymer concentration at salinity
of 1.98 wt% NaCl, for two different temperatures.
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Table 3.6 Simulation parameters and physical properties from the ASP flooding experiment
for simulation input

Parameters Value

Number of grid blocks 1x1x100

Core grid block size (mxmxm) 0.032x 0.032 x0.0048
Initial oil saturation 0.812

Residual (irreducible) water saturation 0.17

Remaining oil saturation (water flooding) 0.43

Residual oil saturation (chemical flooding) 0.147

Total dissolved salinity (water flooding) 1.98 wt% (NaCl)
Producer bottom hole pressure 5 bar

Polymer viscosity parameter
Aply Ap2 ’Ap3’ Sp

Polymer adsorption parameter

50, 100, 200, 0.151

Auy, Aup, b 4.3, 0.6, 100
Surfactant adsorption parameter 3.2, 0.55. 1000
aa1, Az, D3

ASP slug properties

Slug size 0.48 (PV)
Injection flow rate 0.25 (cm*/min)
Surfactant concentration 0.6 wt%
Co-solvent concentration 1.0 wt%
Polymer concentration 1450 ppm
Salinity 0.5 wt% (NaCl)
Alkali concentration 2.0 wt%
Polymer drive properties

Polymer concentration 1450 ppm
Drive size 2.58 PV
Injection flow rate 0.25 cm*/min
Salinity 1.98 wt% (NaCl)

For the history matching of the pressure drop and oil recovery, the relative permeability of
the water/oleic phase and their ratio in under-optimum conditions for an ASP flooding at a
high capillary number are illustrated, in Fig. 3.5 and Fig. 3.6 respectively, against the relative
permeability of the ASP flooding at optimum salinity at a high capillary number, and relative
permeability of water flooding. Corey-type equations were used to model the relative
permeabilities. The assumptions are that, (i) an ASP flooding for optimal salinity with ultralow
IFT reaches miscible conditions, (ii) the end point of relative permeabilities are unity, and (iii)
the residual saturations are zero at high capillary numbers in the formulation. The relative

permeability in under-optimum salinity conditions is the interpolation between the water
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flooding and the miscible relative permeabilities. IFT between the aqueous and oleic phases in
under-optimum conditions is much less than water flooding and is relatively higher than
optimum salinity conditions of an ASP flooding. By reducing water/oil IFT, the capillary
number is increased, which leads to a lowering of the residual saturation, resulting in a change

of the relative permeabilities.
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Fig. 3.5: Relative permeability of the water and oil phases for ASP flooding in under-optimum conditions, in
comparison to relative permeabilities of water flooding and optimum salinity (Type I11) ASP flooding.
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Fig. 3.6: Oil and water relative permeability ratio for under-optimum(Type Il-) ASP flooding against water
flooding and optimum condition (Type I11) of ASP flooding
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Fig. 3.5 shows that the relative permeabilities have a tendency to increase and to become
more linear as the IFT decreases or the capillary number increases. Fig. 3.6 demonstrates the k;
ratio of a Type IlI- system (ME/O) with the k; ratio of the corresponding water/oil system
(W/0O) and an ASP flooding of Type IIl. In the Type II- system, the ratio is the k; of the water-
continuous (oil in water) micro-emulsion phase to the k; of the excess oil phase. Fig. 3.6 shows
that, at a higher saturation, the k../k;, ratio becomes lower in the Type Il- system than in
water-flooding. This, according to the fractional flow equation, leads to the water-cut
becoming lower, thus increasing the displacement efficiency. Table 3.7 summarizes the
relative permeability and trapping parameters used in the simulation. Fig. 3.7 shows the
relationship between residual oil, connate water saturations and trapping number, referring to
them as Capillary Desaturation Curves (CDCs). The dependence of residual saturations is
modeled in UTCHEM as a function of the trapping number, which is a formulation to model
the combined effect of viscous and buoyancy forces compared to capillary forces (Mohammadi

et al., 2009).

Table 3.7: Relative permeability and capillary desaturation parameters

Simulation Parameters at low TrappingNo.  at high Trapping No.
Residual water saturation 0.17 0.05
Residual oil saturation 0.42 0.07
Water end point relative permeability 0.2 0.58
Oil end point relative permeability 0.8 0.62
Water exponent relative permeability 2 1.5
Oil exponent relative permeability 25 1.5
Water trapping parameter 1865

Oil trapping parameter 59074
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Fig. 3.7: Residual oil saturation (S,,) and connate water saturation (S,.), as a function of trapping number at high
and low capillary numbers. Capillary desaturation curves (CDCs) used in the simulations are shown.

b) Pressure drops and recovery factors. Once the concentrations and the parameters
were implemented in the model, the simulated pressure drop and oil-cut results obtained from
numerical simulation were compared with their corresponding laboratory results. Fig. 3.8
shows a good agreement between the simulated and the measured pressure drops. The pressure
drop increased during the ASP injection and decreased to a plateau value during the polymer
drive. Small fluctuations in the pressure drop after the start of the polymer injection and before

the chemical breakthrough were observed.
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Fig. 3.8: Comparison of the pressure drop between the simulation results and the laboratory data.

Injection of 0.48 PV ASP slug, followed by 2.58 PV of polymer injection as drive. Breakthrough of
the chemical occurred at 0.8 PV.
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Fig. 3.9 shows an excellent match of the simulated effluent oil-cut with the corresponding
measured values, except for the fact that in the simulations oil production starts later than in
the physical experiments. This can be attributed to the formation of a thick oil bank in the
simulation when ASP flooding ends, rather than a gradual increase in production as seen in the
laboratory data. The increase in oil production with the amount of polymer injected could also
be due to an increase in the viscosity of the displacement fluids, for instance, the increase in

the concentration of micro-emulsions.
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Fig. 3.9: Recovery history obtained from simulation and experimental data for oil cut production and cumulative
oil. Chemical breakthrough occurred at 0.8 PV.

Fig. 3.9 shows that the cumulative oil production profiles between the simulation and
measured data do not start at the same Pore Volumes (PV). Due to the sharp edge of the oil
bank, there is a steep rise in the cumulative oil profile. The fluctuation in oil recovery in the oil
bank shows an unsteady cumulative oil production. The breakthrough of the chemical occurs at
0.8 PV when oil production diminishes rapidly, which coincides with the decrease in the
pressure drop. After the chemical breakthrough, oil production continues as a tail-end
production of oil-in-water micro-emulsions. The oil recovered from the simulation started at a
later 0.35 PV and less oil was produced after the chemical breakthrough, thus this was nearly
2% less than the recovery achieved in the laboratory. If we remove the first bump of oil

production, a much better match between simulations and experiments is obtained.
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Nevertheless, we cannot be sure about the cause of the first oil bump. The flow rate used for
chemical injection is lower than that used for water flooding. Therefore, even though the
chemical is roughly 10 times more viscous than water, the capillary number does not increase
sufficiently to mobilize oil.

¢) Analysis and simulation of effluents. Normalized concentrations, defined as a ratio of
the chemical detected at the effluents divided by its initial concentration, were used for the
simulation of the effluent chemical compositions. Fig. 3.10 shows the modelled and measured
carbonate concentration, surfactant concentration, and pH in the effluents. The surfactant
production started at 0.8 PV, coinciding with the appearance of the pH in the effluent at the
occurrence of the chemical breakthrough. Fig. 3.10 shows that the amount of produced
carbonate obtained from the simulations was smaller than the corresponding measured data.
This suggests that in the simulations, carbonate is retained in the reservoir rock. Moreover, ion
exchange with clays in the rock caused a delay in the chemical breakthrough of carbonate,

similar to the effect of adsorption.
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Fig. 3.10: Comparison of calculated carbonate, surfactant concentration and pH profiles at effluents with
laboratory data.
At 1.6 PV, the carbonate concentration decreased to zero, causing the pH profile in
Fig. 3.10 to decrease much faster rate than the experimental result. This could be attributed to

the geochemical model, which influences the high carbonate consumption in the rock, because
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of the presence of divalent calcium (Ca™®) cations. Prior to the alkali breakthrough, no
chemical appears at the effluents, thus carbonate and surfactant concentration were recorded as
zero and the pH kept its initial value. After the alkali breakthrough, the carbonate concentration
as well as the pH increased and, when no more alkali or surfactant appeared in the effluent, the
oil production ceased and the pressure drop stabilized.

Initially, the core was saturated with brine that did not contain any alkali; therefore, the
rock/brine interactions (i.e. H* cation exchange) are responsible for the initial pH values
(pH~5.4). However, at the end of the process, the pH profile did not reach the initial values,
which could be due to alkali desorption after the ASP slug injection. Desorption might occur
with a slow and constant rate during the polymer injection. Fig. 3.11 shows that the alkali (or
pH), polymer, carbonate, and surfactant fronts move together after the chemical breakthrough
(at 0.8 PV). Thus, the breakthrough of chemicals in the ASP slug occurred at the same time
without fingering effects. The oil saturation reduces to a low value of ~5% after the chemical
breakthrough, showing the efficiency of the ASP slug in recovering most of the water-flooding

residual oil.
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Fig. 3.11: Comparison of history plots of simulated pH, carbonate concentration, oil saturation and surfactant
concentration comparable at effluents. Concentration normalized at a factor of 100%.
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Fig. 3.12 shows that the effective salinity at the effluent was below the lower salinity limit
of 0.466 mequiv/mL (2.5 wt% NaCl). However, the effective salinity of the ASP slug was
influenced due to the geochemical reaction between the rock and the composition of the slug.
As can be seen, the effective salinity of the ASP slug was increased and approached the lower
salinity limit of optimum salinity. Consequently, low values of IFT were seen after the

chemical breakthrough, when the effective salinity was close to optimal conditions.
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Fig. 3.12: Calculated effective salinity and surfactant concentration over pore volumes (PV) at effluent.

Fig. 3.13 displays the effective salinity profiles at 0.1 PV, 0.48 PV and 1 PV. At 0.1 PV,
when just after the injection of the ASP slug, the effective salinity was near the lower salinity
limit. Similarly, at 0.48 PV from the effective salinity profile, the ASP slug was seen to
progress further. After the chemical breakthrough at 1 PV, the influence of salinity from the
ASP slug and the polymer drive ensures that the effective salinity of the core remains below
the lower salinity limit (i.e. under the Type IlI- or under-optimum conditions). To further
understand the effective salinity profiles, IFTs were plotted during ASP flooding at 0.1 PV and
0.48 PV in Fig. 3.14. This figure shows that, as the ASP slug progresses, low IFTs were seen

when the effective salinities were close to the lower salinity limit.
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Fig. 3.13: Progression of effective salinities at 0.1 PV, 0.48 PV, and 1 PV along the core.
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Fig. 3.14: Interfacial tension and effective salinity profiles at 0.1 PV (left image) 0.48 PV (right image)
during ASP flooding.

3.5 Sensitivity Analysis

The model developed in this study has additionally been tested by considering two cases of
sensitivity analysis. This test was performed to determine if better oil recovery is achieved by
changing the key design parameters, including: (1) the ASP slug size and surfactant
concentration, and (2) the combined effect of highly concentrated or diluted injected surfactant
together with the ASP slug size. These parameters are investigated in terms of a cumulative
recovery of Oil Initial In Place (Ol1IP), solely by ASP flooding, without taking into account oil

recovered by water flooding. These case studies helped optimizing ASP flooding design in
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terms of high oil recoveries.

3.5.1 Effect of ASP slug size and surfactant concentration.

The first case was performed by varying the ASP slug size from 0.2 to 0.6, while keeping
the rest of the parameters in the model constant, as shown in Table 3.8. The table gives the

corresponding cumulative oil recoveries based on OIIP.

Table 3.8: Effect of the ASP slug size and surfactant slug concentration

caselA case 1B case 1C
ASP Slug 0.20 PV 0.48 PV 0.60 PV
Oil recovery (% of OIIP), 20.76 23.78 23.98
case 1D case 1E case 1F
Surfactant concentration 0.2 wt% 0.6 wt% 1.0 wit%
Oil recovery (% of OIIP), 10.87 23.78 23.78

Fig. 3.15 shows that oil recovery from the ASP slug of 0.2 PV was 3% lower at 20.76%
than the ASP slug of 0.48 PV at 23.78%. The reason for this is that a smaller amount of oil was
produced in the micro-emulsion phase, compared to the original case (1B). The small slug size
ensures that the polymer drive starts earlier than the original case and, thus, the size of the oil
bank was small. For the largest ASP slug size (0.60 PV), the incremental oil recovery is
23.98%, which is approximately the same as the designed ASP slug of 0.48 PV. This large slug
size failed to produce major additional incremental oil recovery due to the presence of a diluted
and dispersed surfactant concentration (Mohammadi et al., 2009). Thus, for an optimized ASP
slug size, decreasing the slug size from 0.48 PV, would negatively affect the final oil recovery,
whereas increasing the slug size would not produce a major change in the final incremental oil

recovery.
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Fig. 3.15: Effect of the ASP slug size on cumulative oil recovery (% of OIIP).

From the results in Fig. 3.16, it is seen that a surfactant concentration of 0.6 wt% was the
optimum design. A lower surfactant concentration at 0.2 wt% had an oil recovery of 10.87%,
which was significantly lower than the other results. An increase in the surfactant
concentration up to 1.0 wt% failed to bring any substantial improvement in incremental oil
recovery. The reason was that because of an increase in the surfactant concentration, the micro-
emulsion phase volume increased and the flow was dominated by the micro-emulsion phase
(Sheng, 2011). Since maximum oil was produced before the chemical breakthrough in the oil
bank, the effect of an incremental oil recovery from a large micro-emulsion phase will be low.
This indicates that a high surfactant concentration does not bring any advantage in terms of
compensation for surfactant adsorption on rock, since the capacity of adsorption can be

satisfied with a surfactant concentration lower than 1.0 wt%.
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Fig. 3.16: Effect of surfactant concentration on cumulative oil recovery factor (% of OIIP)

3.5.2 The combination effect of surfactant concentration and ASP slug size

In Case 2, the ASP slug design parameters were varied to check if a highly concentrated
ASP surfactant slug was more desirable than a large ASP slug size with diluted surfactant
concentrations. Five different ASP slugs were simulated to test this premise are given in

Table 3.9, and the results are shown in Fig. 3.17 and Fig. 3.18.

Table 3.9: ASP slug injection design with sensitivity on the combined effect
of slug size and surfactant concentration

Surfactant

Case ASP f;,l\J?) size, concentration, ?Oi/:) :;Cg\ﬁ:};'
(Wt%)
2A 0.80 0.3 23.55
2B 0.48 0.6 23.98
2C 0.40 1.0 24.01
2D 0.15 2.0 20.01

2E 0.10 3.0 14.14
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Fig. 3.17: Cumulative oil recovery at different ASP slug sizes and surfactant concentrations

From the results, it was immediately noticeable that for highly concentrated surfactant
slugs and low ASP slug size (case 2D; 2E), the oil recovery was low compared to the diluted
cases i.e. a large ASP slug size and low surfactant concentration (case 2A,; 2B; 2C). Fig. 3.18
shows a large difference in the oil cut production profiles for the two extreme cases (case 2A;
2E). In case 2A, a prominent oil bank was not visible, but a continuous prolonged production
was seen. This can be due to the highly dispersed nature of the surfactant particles throughout
the system, which lengthen the production life. However, this prolonged oil production fails to
bring about any increment in oil recovery, as the oil recovered was similar to the original
simulation (case 2A: 23.55%; original simulation: 23.78%). For case 2E, a sharp production
profile with a high peak just before the point of the chemical breakthrough at 0.65 PV, due to
the highly concentrated nature of the surfactant, was noticed. The highest oil recovery obtained
is from case 2C with 24.07%, which was 0.3% higher than the originally designed ASP
flooding.
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Fig. 3.18: Comparison of the profile of the oil-cut recovered for cases 2A and 2E with the original simulation
(Case 2C)

According to the sensitivity studies of the variation in the ASP slug design, an optimum
ASP design would be close to Case 2C. However, this design is similar to the originally
designed ASP slug, which can be called the optimum design for this study. Simulation results
from cases 1 and 2 also confirm the above conclusion. Thus, the original ASP slug is the most
favorable design. Nevertheless, only after an extensive economic analysis, other cases can

show that in a which extent the increments in oil recovery could be ignored.

3.6 Conclusion

e A numerical simulator coupled with a geochemical module was used to model ASP
flooding at the under-optimum salinity condition. A good match of the numerical
simulations with the experiments was obtained for the oil-cut, pressure drop,
cumulative oil recovery, pH profile, surfactant, and carbonate concentration in the
effluents. The simulations gave additional insight into the propagation of alkali
consumption, effective salinity, surfactant profiles within the core.

e Based on the ASP flooding design, the effective salinity was perpetually under-
optimum below the lower salinity limit. The high oil recovery factors are independent

of ultralow IFT values (less than 102 mN/m) and low residual saturation values are
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obtained at the lower optimum salinity limit. The ASP simulation also shows a similar
result, in which the effective salinity was close to the lower salinity limit.

e After the chemical breakthrough, higher values of effective salinity for the ASP slug
(0.466 mequiv/mL, 2.5 wt% NaCl) were noticed than the designed salinity for the
experiment (0.34 mequiv/mL). This variation in salinity is attributed to the geochemical
reactions, including a desorption of ions such as Na* from the rock through a cation
exchange, which influences the alkali consumption as well.

e The divalent cations form complexes with the surfactants that influence the salinities.
Furthermore, the alcohol co-solvent in the ASP slug also influences the optimal
salinities of the micro-emulsion. Thus, the presence of surfactants and alcohol in the
ASP slug causes higher effective salinities than the polymer drive through the divalent
cations complexes included in the geochemical reaction model.

e The pH profile of the simulation shows a higher value for the alkali front than the
measured data, even though less carbonate was recovered in the simulation than in the
measured data. The alkali consumption after the chemical breakthrough in the
simulation was lower than in the experiment. This could be improved by taking into
account (1) the dissolution of minerals such as quartz even at a pH below 10, and (2)
the dissolution and precipitation of clays, such as kaolinite (Al,Si,Os(OH),), in the
geochemical model.

e The main source of alkali consumption was found in the exchange reactions between
H" and Na’. This exchange capacity was seen to shift the point of the chemical
breakthrough and the corresponding pH and carbonate fronts.

e A reduction in the ASP slug size from 0.6 PV to 0.48 PV did not affect oil recovery
adversely, but a further reduction to <0.2 PV ASP slug size would likely result in
insufficient surfactant propagation and a decrease in oil recovery.

e From the study, it was noticed that there are other factors influencing the injected ASP
slug salinity that affect the surfactant phase behaviour of the process. These factors

were identified as: alkali-rock reactions, initial salinity state of the reservoir, the
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influence of brine in water flooding and the chemicals in the ASP slug, causing a shift
in the ASP slug salinity.

According to the effective salinity calculated during the ASP EOR process, the
numerical simulation developed in this work can be used to reject the ASP flooding
systems which could lead to the over-optimum salinity condition. This reduces the risk
of a surfactant trapping and losses, due to a migration of surfactant into the oil-rich

phase in over-optimum salinity conditions in the field.



Chapter 4

Investigation of Certain Physical-
Chemical Features of Oil Recovery by
an Optimized Alkali-Surfactant-Foam

System

4.1 Abstract

This chapter presents a laboratory study of the Alkali-Surfactant-Foam (ASF) EOR method
to better understand its mechanisms under bulk conditions. The focus is on the interaction of
ASF chemical agents with oil in the presence and absence of a naphthenic acid component and
in-situ soap generation. To do so, the impact of alkalinity, salinity, IFT reduction and in-situ
soap generation were systematically studied by a comprehensive measurement of 1) micro-
emulsion phase behaviour using a glass tube test method, 2) interfacial tension, and 3) foam
stability analysis. This approach aims to discover a synergistic effect between micro-emulsion
phase behaviour and foam stability in bulk and to design a high-performance chemical system
for an optimal ASF EOR process. In this study, the presented alkali-surfactant (AS)
formulation lowered the IFT between the oil and aqueous phase from nearly 30 mN/m to 107 -

10° mN/m. This allows the chemical formulation to create a considerably low IFT-foam

The content described in this chapter is published in: Hosseini-Nasab et al. (2017). “Investigation of Certain Physical-
Chemical Features of Oil Recovery by an Optimized Alkali-Surfactant-Foam (ASF) System”, Just accepted in the Journal of
Colloid and Polymer Science, Springer.
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flooding, with a higher capillary number than conventional foam, for displacing trapped oil
from porous media. In the foam stability analysis of different ASF agents in the absence and
presence of an oil phase, several characteristics, such as foam volume evolution, foam half-
decay time and a liquid fraction of foam, were measured over a wide range of surfactant, alkali
and electrolyte concentrations, and oil saturations. Bulk foam stability tests demonstrated that
the stability of foam diminishes in the presence of oil with large volumes of in-situ soap
generation. Furthermore, the results, obtained for foam stability in the presence of oil, were
interpreted in terms of phenomenological theories of Entering/Spreading/Bridging coefficients

and the Lamella Number.

4.2 Introduction

Foam has shown promise as a drive fluid for IOR and EOR, particularly for shutting off
unwanted gas production in production wells in the field applications of carbon dioxide (CO,)
and nitrogen (N,) foam flooding, and steam flooding (Holm, 2013; Mohammadi et al., 1989;
Sohrabi & Farzaneh, 2013). Foam can have a greater apparent viscosity than displaced fluids
by drastically lowering gas mobility, which is essential to improve volumetric sweep efficiency
of the gas flooding EOR process (Mannhardt et al., 2000; Sagar & Castanier, 1997). Foam
improves volumetric sweep efficiency, especially in heterogeneous reservoirs, but its
microscopic displacement efficiency is low (Hirasaki et al., 2004; Li et al., 2010). In reservoirs
with a high variation of permeability, strong foam will form in higher permeability zones,
leading to the diversion of the flow from high to low permeability zones (Cottin et al., 2012; Li
etal., 2010).

Foam has also been identified as an attractive alternative to polymer in ASP flooding for
either low permeability reservoir formations or for reservoirs with high salinity formation
water (Lawson & Reisberg, 1980; Srivastava et al., 2009). Foam offers better properties than
polymers for conformance control issues, due to the fact that foam can divert flow from high
permeable regions to low permeable regions (Srivastava et al., 2010). ASF flooding has been
developed as a new technique, which uses foam as a mobility control agent instead of polymer,

and provides a low IFT to increase the capillary number (Guo et al., 2012; Li et al., 2012).



Investigation of Certain Physical-Chemical Features of Oil Recovery by an Optimized
Alkali-Surfactant-Foam System 65

Others have proposed similar processes under the name of Alkali-Surfactant Gas (ASG) or
Low Tension Gas (LTG) flooding (Szlendak et al., 2013; Tang et al., 2014; Wu et al., 2010).
Alkali-Surfactant (AS) formulations reduce IFT, leading to an increase in the capillary number,
in order to mobilize the residual oil, which is trapped by capillary forces (Yugiang et al., 2008;
Kang et al., 2010; Hosseini-Nasab et al., 2016). A process, based on the relationship between
micro-emulsion phase behaviour screening and IFT variation, has been described for
evaluating potential EOR surfactants (Iglauer et al., 2010; Levitt et al., 2009).

Surface-active molecules, such as surfactant and soap molecules, adsorb onto the gas—
liquid interfaces. They stabilize foam by inducing repulsive forces in the lamellae, modifying
the viscoelasticity of gas-liquid interfaces and reducing the gas—liquid surface tension (Gauchet
et al., 2014; Karakashev et al., 2012; Stubenrauch & Klitzing, 2003).The surface behaviour of
the systems containing surface-active agents depends significantly on the temperature, salinity,
the charge density of electrolyte and the length of the hydrocarbon chain in the surfactants
(Campbell et al., 2011; Petkova et al., 2012; Worthen et al., 2013). Recently it was shown that
the surface tension behaviour in foam structures can also be influenced by mechanical agitation
of the solutions (Campbell et al., 2011). Bulk foam tests can be used to investigate foam
stability with respect to various parameters, such as type, composition, and the concentration of
surfactant, oleic phase, gas and electrolyte (Jones et al., 2016; Lavergne et al., 2011) .

During field applications, foam may encounter varying conditions, such as a range of oil
saturations and different salinities. Therefore, foam should be designed to be stable for varying
oil saturations and salinity. Because of a varying residual oil saturation in the reservoir, strong
foam could create a large pressure gradient which may cause a fracture in the reservoir. In
cases where foam is injected into swept zones with a low oil saturation, intermediate or low
stability foam in the presence of oil may be adequate. Moreover, although foam improves
volumetric sweep efficiency, its microscopic displacement efficiency is low. Therefore, an
understanding of how foam behaves physico-chemically under bulk conditions in an oil
recovery process is of great importance.

Thus, this paper aims to discover a synergistic effect between micro-emulsion phase

behaviour and foam stability in bulk, and to design a high-performance chemical system for an
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optimized ASF EOR process. The study of micro-emulsion phase behaviour and of the
foaming stability of selected chemicals in the absence and in the presence of model oil, with
and without naphthenic acid, was first undertaken. The focus on the foam stability screening
test was to specifically address the impact of the surfactant concentration, salinity, alkalinity,
oil saturation, IFT and in-situ soap generation. To this end, the obtained results for foam
stability in the presence of oil are discussed in terms of the classical entering/spreading
coefficient, the Lamellae number and the stability of pseudo-emulsion film. Finally, the main

conclusions of this study are drawn.

4.3 Theoretical Background

4.3.1 Entering, Spreading & Bridging Coefficients, Lamella Number

Several mechanisms of foam/oil interaction have been suggested in the literature. Four
main parameters have emerged as predictors of foam stability in the presence of oil: spreading
and entering coefficients, the lamella number and pseudo-emulsion film models (Koczo and
Lobo, 1988; Koczo et al., 1992; Nikolov et al., 2013). Foam may become unstable when an oil
droplet enters the gas-water interface under favourable thermodynamic conditions, leading to
the rupture of the foam lamellae. The ability of an oil droplet to enter the gas—water interface is

expressed by the entry coefficient (E) defined as follows (Robinson & Woods, 1948),

E=0,+0,, -0 (4-1)

09

whereo,,,o,,,and o, are the foaming solution surface tension, the interfacial tension (IFT)

gw?
between the initial foaming solution/oil, and the surface tension of the oil phase, respectively.
If E is negative, then the oil droplet cannot enter the foam interface, the oil droplet remains in
the liquid phase, and there is no detrimental effect of the oil on the foam film. If E>0, then it is
thermodynamically favourable for oil to enter the gas-water interface. If the entry condition is
favourable, then oil might spread on the gas/water interface. Attempts to correlate the
spreading behaviour of oil droplets to foam destruction by oil, form the basis for most of the

work performed on oil destabilization mechanisms (Schramm & Smith, 1996). The spreading
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coefficient (S) for an oil-foam system is given by:
S=0,,~0, 0, (4-2)

when S is negative, oil does not spread and, instead, oil droplets form lenses at the gas—
water interface. For a positive spreading coefficient (S), oil spreads over the liquid-gas
interfaces and the resulting foam film may rupture once the oil drop enters both surfaces of the
lamella (Vikingstad et al., 2005). Under this condition, an oil droplet can span through the film
lamella by making a meta-stable bridge (i.e. B is positive). Bridging coefficient B is defined as
an indication of the mechanical stability of oil bridging on foam destabilization (Harkins,
1941),

B=0,,+00, —0q (4-3)

When the B coefficient is positive, then the film lamella is unstable, while negative values
of B lead to a stable film. Table 4.1 gives a summary of the foam stability prediction by the

negative/positive signs of the E, S and B coefficients.

Table 4.1: Foam stability prediction by the negative/positive signs of the E, S
and B coefficients

Entry Spreading Bridging Foam stability
coefficient E coefficient S coefficient B condition
negative negative not defined stable foam
positive negative negative stable foam
positive negative positive unstable foam
. . . moderate stable
positive positive negative f
oam

positive positive positive unstable foam
negative positive negative stable foam
negative positive positive unstable foam

Schramm and Novosad (1990, 1992) proposed the use of another dimensionless parameter
called the Lamella number (L) to investigate foam stability in the presence of oil. This
parameter describes foam stability based on oil emulsification in the foam structure and the

movement of oil droplets into the foam lamellae. Lamella number (L) is defined as a ratio of
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the capillary pressure at Plateau borders to the pressure difference across the oil-water

interface:
L= T O (4-4)
AP, ) o0,

where r, is the radius of an oil droplet and ry is the radius of the Plateau border. They defined
three types of foam depending on the value of the lamella number (L): type A foam for L < 1,
type B foam for 1 < L < 7, and type C foam for L > 7 (Schramm & Novosad, 1990, 1992).

Table 4.2 presents a summary of the foam stability prediction by the lamella number theory.

Table 4.2: Foam stability prediction by the lamella number theory

Foam stability to Lamella
Type of Foam oil E S number (L)
A quite stable foam negative  negative L<1
moderately stable . .
B foam positive negative 1<L<7
quite unstable . ..
C r— positive positive L>7

4.3.2 Surfactant Phase Behaviour

The main objective of micro-emulsion phase behaviour is a selection of chemical
formulations for a specific chemical EOR application. The thermodynamically stable micellar
phase, which is clear and composed of surfactant, brine, and oil, is called ‘micro-emulsion’
(Bourrel & Schechter, 1988; Quintero et al., 2011). Micro-emulsion phase behaviour tests
commonly include the salinity scan, an aqueous-phase stability measurement, and an oil scan.
The micro-emulsion phase changes from type | (oil in excess water phase) to type Il (a bi-
continuous oil/water phase), and then to type Il (water in excess oleic phase) as the salinity
increases (Winsor, 1954). The characteristic transition of micro-emulsion from type | to type
I11 to type Il by increasing the salinity can be represented by a volume fraction diagram, which
indicates the sensitivity of the surfactant solution behaviour to additional electrolytes (Sheng,
2011). Healy et al. (1976) first introduced the concept of ‘optimum salinity’ and proposed an
empirical correlation between water/oil solubilization ratios and the IFT between the micro-

emulsion and each excess phase. Optimum salinity corresponds to the salinity where equal
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volumes of water and oil are solubilized in the middle phase in Winsor type Il of micro-
emulsion phase behaviour. The intersection of the plots of V,/Vs and V,/V; as a function of
salinity, gives the optimum salinity and the optimum solubilization ratio. Huh (1979)
developed a theoretical relationship between IFT and the oil/water solubilization ratio as
follows:

C 4-5
O

where C is approximately 0.3 dynes/cm for typical oils and surfactants, and o is the
solubilization ratio. When the optimum solubilization ratio is equal to or larger than 10, then
IFT at optimum salinity is in the order of 10> mN/m or less (Zhao et al., 2008). This IFT
reduction is sufficiently low to mobilize the trapped residual oil by capillary forces. Therefore,
in this work, we targeted the optimum solubilization ratio of 10 or higher for the micro-
emulsion phase behaviour study.

In this chapter, 10S surfactant was used for all the experimental investigations, as this type
of surfactant has been shown to have a low IFT and to be a relatively stable foam (Guo et al.,
2012; Hosseini-Nasab et al., 2016). In oil/brine/surfactant mixtures, 10S surfactants usually do
not exhibit a tendency to form liquid crystals, gels or ordered structures in spite of lacking
branches (Barnes et al., 2010; Zhao et al., 2008). It was found that high molecular weight
Internal Olefin Sulfonate (I0S) surfactants perform remarkably well with difficult oils in terms
of providing an efficient micro-emulsion in comparison to many other types of surfactants

(Zhao et al., 2008).

4.3.3 Role of Alkalinity in ASF EOR

Alkalis used in the chemical flooding EOR interact with carboxylic acids of the crude oil,
where they generate in-situ surfactant (soap) and which reduces interfacial tension (Ojukwu et
al., 2013). The alkali-oil chemistry is described by a partitioning of the naphthenic acid
between the oleic and aqueous phases and subsequent hydrolysis in the presence of alkali to
produce an anionic surfactant A". DeZabala et al. (1982) suggested a chemical model definition

for the alkali-oil saponification. Acid, that existed in the oil phase by interaction with alkali,
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will have some aqueous solubility and will distribute itself between the oleic and agqueous

phases represented by Eq. 6:

HA, + NaOH < NaA+H,O (4-6)

where HA, is the oleic phase acid, and HA,, is the aqueous phase acid. Water-soluble anionic
surfactant (A") can be generated from oleic phase acid HA, by the following extraction and

hydrolysis equation:

HA, <> HA, (4-7)

HA, & H +A (4-8)

The generated A" ion will adsorb at oil-water interfaces and lower the IFT. The acid
dissociation constant (Ka) for Eq. 6, the partition coefficient of the molecular acid Kp and the

dissociation constant of water (Kyy) are as follows:

IaG oo

K,=t—a-—4
[HA,]
[HA]
K.=+r—7>24 —
>~ [HA] (4-10)
H,OoH +0H" (4-11)
K, =[H"][OH"] (4-12)

An increase in [OH ] results in a decrease in [H']. py is defined as —log[H"]. At high pH, the

concentration of soap in the aqueous phase is (Sheng, 2011):

[A’}: KaKp [HA ] _ KAKD[HA\):H:OH_} (4-13)

[H°] ,



Investigation of Certain Physical-Chemical Features of Oil Recovery by an Optimized
Alkali-Surfactant-Foam System 71

4.4 Experimental Materials and Methods

4.4.1 Materials

Brine containing sodium chloride (NaCl, Fisher Scientific) in deionized water (pH = 6.8
0.1) was used to prepare the surfactant solution. The alkaline solutions were a mixture of
sodium carbonate (Na,COg3) and sodium chloride that were obtained from Fisher Scientific
Company with ACS purity. Nitrogen gas with a purity of 99.98% was used to generate foam.
Normal hexadecane (n-C16, Sigma) as the model oil was used to represent the oleic phase.
Hexadecane as the model oil was used with and without a naphthenic acid, which was
Decanoic Acid (99% pure, Sigma) in this study. 0.25 wt% of Decanoic acid dissolved in n-
hexadecane was used, giving a Total Acid Number (TAN) of 2.2 (mg KOHY/g oil) determined
by the ASTM method D664. A commercial 10S with a high number of carbon chains, prepared
by the Shell Chemical Company, was selected. The synthesis steps and the chemical structures
of 10S surfactant were reported by Barnes et al. (2008, 2012). The surfactant solution was

prepared using brine containing NaCl or a blend of NaCl and Na,COs.

4.4.2 Micro-emulsion Phase Behaviour Tests

Samples for phase behaviour studies were prepared in test tubes by adding equal amounts
of aqueous chemical formulation and oleic phase (i.e. Hexadecane). The samples were
thoroughly mixed and were allowed to equilibrate in atmospheric pressure at temperature T =
60 °C. They were several times briefly removed from the oven during equilibration, to be
shaken by hand a few times and were replaced. This procedure was continued until the phase
volumes remained unchanged. The phase characteristics of each system were recorded as the
relative volumes of the aqueous and oleic phases, and, if present, the middle phase (Wu et al.,

2010). The test tubes are shown in Fig. 4.1.
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Fig. 4.1: Phase behaviour of 10S and n-hexadecane with the glass tube salinity scan method. Salinity (NacCl)
varies from left to right1.0 to 6.0 weight per cent in the surfactant solution.

4.4.3 Surface and Interfacial Tension Measurements

The ST and IFT were measured using a KSV Sigma tensiometer by the DuNouy ring
method. The gas above the oil and water was air for the ST measurements. The measurements,
at ambient temperature (21 *+ 1 °C) under atmospheric pressure, were conducted for a
sufficiently long time until constant values were obtained. The low IFT between the oil phase
and water phase was measured using a SITE100 spinning drop tensiometer (Kruss). The

apparatus used in this study is displayed in Fig. 4.2.

Fig. 4.2: Photograph of the spinning drop tensiometer with temperature controller of the cell with capillary
diameter 2.5 mm. Measuring range in IFT measurement is from 10° mN/m. Rotational speed up to 15,000 rpm
(optionally up to 20,000).
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For the measurement, a capillary tube was horizontally placed and filled with a heavy bulk
phase and with a distinctly light drop phase, as shown in Fig. 4.3. The capillary tube was
rotated to induce the action of centrifugal force. To measure an ultra-low IFT, the original

balance between gravity and IFT should be artificially altered to enable the shape of the

balanced droplet to be easily measured.

Light Phase, £;. Heavy Phase, 0, < >

Fig. 4.3: Schematic representation of the spinning drop method

The capillary tube rotates at a certain angular velocity so that the light drop phase,
surrounded by the heavier phase, is located in the middle of the tube. At equilibrium, the drop
radius, perpendicular to the axis of rotation, depends on the IFT between the phases, the
angular frequency, and the density differences. The IFT o (dyne/cm) is given by the
Vonnegut’s equation (Su, 2012):

o =3.42694x107 (p,, — p, ) @°D° (4-14)

where p,, and p, is the density of water (out) and oil (drop) phase in g/cm?, respectively, w is
the rotational velocity in RPM, D is the measured drop width (diameter) in mm, and L is the
length of the oil drop in mm. The drop diameter is calculated from video images of the drop by
means of drop shape analysis. In order to minimize the error due to the curvature of the
interface, in the cases where alkaline or/and surfactants were added to the water phase, the
speed of rotation was sufficiently high to ensure that the length of the oil drop is at least four

times larger than its diameter.

4.4.4 Bulk Foam Stability

The foaming properties of the selected chemicals used in the micro-emulsion phase
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behaviour study were tested by using the Foam Scan apparatus (IT Concept, France). Foam
was generated in the apparatus by sparging nitrogen gas at a fixed gas flow rate of 16 + 1
cm®/min through a porous glass plate into a certain volume of surfactant solution (50 + 1 cm®).
The gas flow stopped automatically when the foam volume reached a pre-set value of 150 cm?.
The foam volumes were monitored with real-time images of the foam column during the
generation of foam and the subsequent foam drainage, which were recorded by a CCD camera.
Several electrodes were attached to the foam column at different heights, which enabled the
amount of liquid volume in the foam to be measured by conductivity measurements. A pair of
electrodes was applied at the bottom of the column to record the amount of liquid which was
outside of the foam structure. The Foam Scan instrument used in this study is displayed in

Fig. 4.4 along with a snapshot of a foam column.

Electrodes
(Foam conductance)

ety Flectrode
PR

Light source

—| Foam |
o

B | Electrode
(Valum:liquid)
Temprerature probe L 3 E

Fig. 4.4: Schematic representation and snapshot of the Foam Scan set-up showing the mass flowmeter to control
the ail flow, and the optical camera for monitoring the height of foam column to determine the foam volume.
Liquid volume in the foam structure was obtained by the conductivity measurement along the glass column.

The following parameters were measured in experiments with the Foam Scan: the foam
volume and the liquid volume content of foam versus time during gas sparging (foamability),
and the decay of the foam volume and liquid volume content of foam after stopping gas
sparging (foam stability). Foam stability was assessed by measuring the half-decay time ty,

i.e. the timed required to collapse the foam volume by one-half (1/2) of the initial height of the

foam column. The Foam Scan apparatus can determine simultaneously the liquid volume in the
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foam structure, the measurement of other parameters such as Foaming Capacity (FC) and foam
Maximum Density (MD). These data are used to analyse foam stability. The foamability of the

surfactant solutions was described by the FC and MD coefficients.

final foam volume (4-15)

F ity (FC) =
oam capacity (FC) Y. gas volume injected during sparging phase

maximum liquid volume in the foam (4-16)

Maximum density (MD) = Final foam volume

The FC coefficient is the ratio of foam volume at the end of gas sparging to the total gas
volume injected. The FC coefficient is higher than the unity for stable foam. When part of the
injected gas does not reside in foam, the FC value of the experiment will be smaller than one
(1), which could be an indication of un-stability during the foam process. The MD coefficient
was defined as a ratio of the liquid volume in the foam to the final foam volume. The
maximum density provides insight in the liquid hold-up of the generated foam, the wetter the

foam is, the higher the MD value will be (Simjoo et al., 2013).

4.4.5 Experiments Overview

a) Salinity scan. Firstly, chemical systems containing surfactant, electrolyte and model oil,
either with or without alkali and organic acid, were tested in the micro-emulsion phase
behaviour experiment to identify the composition of the chemical slug and the drive for ASF
flooding. In order to identify the micro-emulsion phase boundary, Winsor phase behaviour
experiments of brine-surfactant-oil systems were performed under the specific conditions of
salinity, surfactant concentration and oil type, as demonstrated in Table 4.3. Two types of
micro-emulsion were generated: one is from a surfactant, alkaline/surfactant (AS) solution with
n-hexadecane, and the other type is an alkaline/surfactant (AS) solution with an organic acidic
mixture of n-hexadecane. For the salinity scan test in the phase behaviour study, the water/oil
ratio was equal to one. Information relevant to the observed type of various phase behaviours

(such as Winsor I, Winsor 11 or Winsor 111) was visually observed at equilibrium conditions.
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Table 4.3: Overview of the all surfactant phase behaviour experiments by the

salinity scan method

Surfactant .
System Conc. (wt%) Electrolyte Type Oil Type

1 0.5 NaCl n-Hexadecane
2 0.5 Na,CO3/NaCl n-Hexadecane

n-Hexadecane+
3 e Na,CO4/NaCl naphthenic acid
4 1.0 NaCl n-Hexadecane
5 1.0 Na,COs/NaCl n-Hexadecane
6 1.0 Na,CO4/NaCl n-Hexadecane+

naphthenic acid

b) Foamability and foam stability. The foamability and foam stability of the different
systems considered in the micro-emulsion phase behaviour study were examined by
investigating the effect of several parameters. First, the effect of surfactant concentration on
the stability of 10S foam in the absence and presence of the oil was investigated, where oil
saturation was 5.0 % by volume. Then, in order to understand the impact of oil saturation on
foam stability, the generated foam containing 1.0 wt% IOS was exposed to the different
volume concentrations of n-hexadecane. The amounts of liquid volume until the maximum
value was reached were measured; these were obtained at different times depending on the
surfactant concentration and oil saturation. In the next step, to demonstrate the effect of salt
and alkalinity on the foam stability, the decay time of the foam column was halved, using the
1.0 wt% 10S surfactant throughout the range of salt and alkaline concentration. Finally, the
effects of in-situ soap generation and IFT on the stability of foam were investigated. All of the

foamability and foam stability experiments performed in this study are listed Table 4.4.

Table 4.4: Overview of all the foamability and foam stability experiments by the foam scan method

. Changing Surfactant Electrolyte .
Experiment Parameters Conc. (wt%o) Type Oil Type

1 Surfactar)t 0.1upto2.0 NaCl Without oil
concentration

2 Surfactar)t 0.1upto2.0 NaCl n-Hexadecane
concentration

3 Oil saturation 1.0 NaCl n-Hexadecane

4 NaCl concentration 1.0 NaCl Without oil

5 Na,CO; 1.0 Na,CO; Without oil

6 Na,CO4 10 NaCl/ Na,CO; n-Hexadecane with

concentration naphthenic acid
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4.5 Results and Discussion

4.5.1 Surfactant Phase Behaviour Investigation

Fig. 4.5 and Fig. 4.6 show solubilization parameters (Vo/Vs) and (V. /V;) for the systems
presented in Table 4.3. The oil, brine, and surfactant solubilisation volumes, V,, V, and Vs, in
the micro-emulsion phase, were estimated from the phase volumes. The figures present the
solubilization parameters on the total salinity of two systems, containing 0.5 and 1.0 active
weight percentage of 10S surfactant, and how it equilibrate with the model oil. In these two
plots, the data points of the oil solubilization ratio are connected with the dashed line, while the
water solubilization ratio is shown by the dotted line. The intersection of the plots of V,/Vs and
Vw/Vs as a function of salinity gives the optimum salinity and the optimum solubilization ratio.
Optimum salinity corresponds to the salinity that equal volumes of water and oil are

solubilized in the middle phase in Winsor type I11 of micro-emulsion phase behaviour.
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Fig. 4.5: Solubilization ratio of oil and water for systems containing 0.5 wt% 10S surfactant solution contacting
hexadecane model oil with a variation of NaCl concentration. Dotted line: connecting water phase solubilization
ratio;dashed line: connecting oil phase solubilization ratio.
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Fig. 4.6: Solubilization ratio of oil and water for systems containing 1.0 wt% 10S surfactant solution contacting
hexadecane model oil with a variation of NaCl concentration. Dotted line: connecting water phase solubilization
ratio; dashed line: connecting oil phase solubilization ratio.

Optimum salinities, where the two solubilization parameters have equal values (V/Vs)

according to Fig. 4.5 and Fig. 4.6; solubilization parameters (measured at optimum salinities)

and optimal IFT for all the examined systems are summarized in Table 4.5. IFTs at optimum

salinity were obtained by a spinning drop tensiometer through the drop shape analysis; Fig. 4.7

shows the example of images used for drop shape analysis for the range of IFT values.

Table 4.5: Experimental data of the surfactant phase behaviour study for three types of chemical
systems containing 0.5wt% and 1.0wt% lOS surfactant at optimal conditions

. . IFT at
Optimum Optimum Optimum
Systems Electrolyte Oil Phase Salinity Solubilization ptm
. Salinity
(wt% NaCl) Ratio

(mN/m)
1 NaCl Hexadecane 3.2 5.90 9.19E -2
2 NaCl- Na,CO; Hexadecane 2.6 7.10 6.35 E -2

Acidic

3 NaCl- Na,COs Hexadecane 1.1 15.95 1.19E-3
4 NaCl Hexadecane 41 9.75 3.37E-2
5 NaCl- Na,CO4 Hexadecane 3.5 10.50 29E -2
6 NaCl- Na,CO, Acidic 19 19.90 6.86 E -4

Hexadecane
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Fig. 4.7: Oil droplet shapes in the range of IFT values with the aqueous solution of 10S surfactant with salinity
and alkali in the capillary tube of a spinning drop tensiometer: (a) relatively low IFT (1 to 5 mN/m) (b) low IFT
(1 to 107 mN/m) (c) ultralow IFT (less than 102mN/m).

Table 4.5 shows the phase behaviour results comparing the optimum salinity, solubilization
ratio and IFT values of systems with and without alkali, contacting with and without acidic
model oil. The measured data indicate that the addition of both alkalis and surfactant to the
water phase does not reduce the IFT substantially, as shown in Fig. 4.5, according to the water
and oil solubilization ratio values. A much greater reduction can be obtained by the generation
of in-situ soap in the system. As a rule of thumb, systems that give larger oil recovery factors
in porous media exhibit an IFT of nearly 10 dyne/cm. Indeed, values of solubilization ratios
(V/Vs) exceeding 10 should lead to sufficiently low IFT to mobilize the residual trapped oil by
capillary forces, as this criterion was met by all systems containing 1.0 wt% surfactant.
However, for an aqueous solution containing 0.5 wt% of IOS surfactant, we can only see
where soap generation-assisting IFT reduction exists in a system with organic acidic oil.

The data suggests that this particular model oil with 1.0 wt% 10S surfactant lowers IFT
more than 0.5 wt%, and, therefore, oil can be mobilized more easily in the displacement
experiments in porous media. As it was our goal to design a chemical formulation for ASF
flooding, this data indicates the impact of the presence of alkalinity, soap generation and
surfactant concentration on a range of optimum salinity, solubilization parameters and IFT
values. The series of experiments shows the importance of high values of the oil/water
solubilization ratio and, consequently, the effect of the amount of IFT reduction in the
displacement of oil in ASF flooding in the latter porous media experiment for our future work.
This shows that the used type of 10S surfactant can be applied over a range of salinities with a
high solubilization of oil at optimum salinities. Moreover, the results indicate that use of

suitable 10S surfactants is a promising approach for designing a chemical formulation for ASF
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flooding EOR processes.

4.5.2 Bulk Foam Stability

4.5.2.1 Effect of Surfactant Concentration and Oil Saturation

In this section, we investigate the effect of the surfactant concentration with and without
the contacting oil phase, as well as the effect of oil saturation on foamability and foam
stability. Firstly, to investigate the effect of the 10S surfactant concentration on the stability of
foam, the concentration was varied from 0.1 to 2.0 wt%, but in all the other experiments the
IOS concentration was kept constant at 1.0 wt%. Foam drainage, i.e. the decay of liquid
volume in the foam as a function of time, is depicted in Fig. 4.8 and Fig. 4.9 in the absence and
presence of an oleic phase, respectively. Fig. 4.8 shows the evolution of liquid volume hold-up
in the foam structure for the different surfactant concentrations as a function of time during

foam generation and drainage after switching off the air sparging.

25
& % 0.1 Wt% 10S
e 0.5 wt% 10S
L 20 f + 1.0 wt% 10S
= m 2.0 wt% 10S
S
L 15 |
£
£
S5 10}
o
>
i)
5 5 |
g
0 1 1 ! 1 - ]
0 5 10 15 20 25
Time (Min)

Fig. 4.8: Effect of 10S surfactant concentration in the absence of an oil phase illustrated by a change in the liquid
volume of foam during foam generation and after termination of gas sparging as a function of time. The initial
liquid volume of the generated foam is 50 cm® and the maximum volume of generated foam are illustrated.

Data in Fig. 4.8 show that 10S foam grows linearly with time during foam generation. The
straight line in the foam liquid-volume profile indicates a stable build-up of foam volume, and,
thus, a 10S foam evolution is not affected by the destruction processes, such as coalescence

and Ostwald ripening during foam generation (Carey & Stubenrauch, 2009). Fig. 4.8 also
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shows that liquid hold-up increases with surfactant concentrations, which can be explained that
with increasing surfactant concentration, the bubble size decreased, which results in the intense
fine foam texture, as visually observed during the experiments. Within longer periods of foam
stability, it was observed that the average bubble size increases with a decreasing surfactant
concentration due to bubble coalescence. Though the maximum amount of liquid (V| max) in the
foam for the higher surfactant is larger, the time taken to reach the V| nax IS correspondingly
shorter. This implies a larger foamability for the higher surfactant concentration is due to the
higher amount of adsorbed surfactant, and the larger transport rate of surfactant to the aqueous
phase/gas phase interface. This leads to the strength of a electrostatic double layer effect as
well as the Gibbs-Marangoni effect, which both result in a more stable foam at the higher
surfactant concentration (Myers, 2005). Fig. 4.9 shows similar experiments in the presence of
oil with various levels of oil saturation in the foam column 1.0 wt% IOS surfactant. To gain
further insight into the effect of oil saturation on foam properties, the foam capacity (FC) and

the maximum density (MD) were measured as demonstrated in Fig. 4.10.
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Fig. 4.9: The change in the liquid volume of foam during foam generation and after termination of gas sparging as
a function of time for the various oil saturations (VVolume per cent). The initial liquid volume of the generated
foam is 50 cm® and the maximum volume of generated foam from 1.0 wt% 10S surfactant in the presence of the
oil phase using the foam scan is illustrated.
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Fig. 4.10: Effect of the different oil saturations on the foam maximum density (MD) and foam capacity (FC) of 1
wt% 10S generated foam.

For the experiment in the presence of oil, the amount of liquid entrained inside the foam
structure increased as the oil saturation added (Fig. 4.9). During the foam generation, part of
the oil enters into foam lamellae and thickens the plateau borders leading to the transport of oil
within foam. This observation can be supported by the variation of FC and MD as shown in
Fig. 4.10. A higher liquid volume in the foam is expected to lead to a lower drainage rate for
the same surfactant solution in similar experimental conditions. However, as Fig. 4.11 depicts
the 1/2-decay time of 1.0 wit% IOS surfactant solution contacting with the range of oil
saturation, the foam generated in the presence of a higher oil saturation has a lower half-decay
time. Thus, the higher liquid volume in the foam structure in turn led to a larger drainage rate
and a faster decline of foam volume compared to the generated foam interacting with the lower
oil saturation. This could be due to the penetration of a portion of the oil present in the foam
lamellae and plateau borders to the gas-surfactant interface, which leads to the rupture of the
foam films. This mechanism may explain the fact that the destabilizing effect of oil increases

with the increase of oil saturation under the static foam condition.



Investigation of Certain Physical-Chemical Features of Oil Recovery by an Optimized

Alkali-Surfactant-Foam System 83
250
g 200
E
(3]
E 150 -
|_
g
o 100 A
a
=
[45]
I 50 4
0
5% 10% 20% 40%

Oil Saturation (Volume Percent)
Fig. 4.11: Effect of different levels of oil saturations of n-Hexadecane on the foam half-decay time generated by
1.0 wt% 10S.

Fig. 4.12 displays snapshots of the foam columns generated by 1.0 wt% IOS in the
presence of normal hexadecane. The oleic phase was coloured red for the visualization. The
image on the left was taken at an early point in the foam decay and the image on the right-hand
side was taken at a later point. As can be seen, the created foam can carry a large portion of the
oil upward, which results in a relatively uniform distribution of oil in the body of foam. The
decay of the foam was continued by a coalescence of bubbles in the middle of the column,
causing a local change in the foam texture. The snapshot of the foam column clearly shows
that, although foam texture in the latter point of the experiment is coarse, the foam is still
stable by holding the oil in the body of foam. Thus, for the I0S foam (in the right-hand image),
after gas sparging was terminated, the foam column remained stable for a relatively long time,

as can also be inferred by the t;,in Fig. 4.13.
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Fig. 4.12: Foam column stabilized by 10S surfactant in the presence of n-hexadecane. The oil phase was coloured
red to visualize. The left-hand image was taken at an early time in the foam decay and the right-hand one was
taken at a later time. The images confirm that the capability of the generated foam to be tolerant to the oleic phase
while drained liquid stayed in the column.
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Fig. 4.13: Effect of 10S surfactant concentration on the foam half-decay time in the absence and presence of 5.0
volume per cent of n-Hexadecane.

Fig. 4.13 shows that half-decay time, t1/,, in the presence of oil is systematically lower than
in the absence of oil, and increases with surfactant concentration. The data in Fig. 4.14 also
show the MD coefficient of freshly generated foams as function of surfactant concentration in
the absence and presence of n-Hexadecane. As shown, the FC coefficient is larger than unity,

even for foam stabilized by a low surfactant concentration of 0.1 wt% (Fig. 4.14). Hence, the
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FC. coefficient for foam in the presence of oil is systematically lower than in the absence of
oil. The difference in the FC coefficients can be attributed to the gas sparging time. Recall, that
the FC coefficient was defined as a foam volume at the end of gas sparging, divided by the
total volume of gas injected. This infers that injection of a larger volume of gas leads to a
smaller value of the FC coefficient (Simjoo, et al., 2013). Therefore, both coefficients

increased with surfactant concentration and oil saturation.
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Fig. 4.14: Effect of the 10S surfactant concentration on the foaming capacity (FC) in the absence and presence of

5 volume per cent n-Hexadecane. The initial surfactant solution volume of the generated foam is 50 cc and in the
case of the presence of n-Hexadecane, oil saturation is 5 volume per cent.

4.5.2.2 Effect of Salinity and Alkalinity

The effect of salinity and alkalinity on the foam stability in the absence of oleic phase is
illustrated in Fig. 4.15. Concentrations of salt/alkaline increase up to 5.0 wt%, which is the
range of electrolyte concentration obtained from the micro-emulsion phase behaviour study
(see Section 4.5.1). From this figure, it can be seen that the addition of salt (NaCl) and alkali
(Na,COs3) to the 10S foaming system can have an effect on the reduction of foamability and
foam stability. Fig. 4.16 shows that the MD of the generated foam decreases, as such effects
have been associated with the cationic-anionic-type interaction between the anionic moiety of

the 10S surfactant and cation ion of the salt and alkali. This type of interaction causes the
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screening of the repulsive forces between the ionic head group and a reduction of the surface
potential on the gas-liquid interfaces. Consequently, this causes a reduction in the repulsion
between the surfactant layers and between the opposing film interfaces, thus, decreasing the

double layer repulsion, which, in turn, favours film drainage.
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Fig. 4.15: Effect of salt (NaCl) and alkali (Na,COj3) concentration on the foam half-decay time of 1.0 wt% 10S
surfactant.
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Fig. 4.16: Effect of salt (NaCl) and alkali (Na,COs) concentration on the maximum density (MD) of generated
foam with 1.0 wt% 10S surfactant.

4.5.2.3 Effect of In-Situ Soap Generation
A surfactant solution, containing 0.5 wt% I10S and 1.0 wt% NaCl with different
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concentrations of Na,CO3; was used to study the effect of in-situ soap generation on foam
drainage. Fig. 4.17 shows the foam volumes versus time for the different alkali concentrations
in the aqueous phase contacting with n-Hexadecane containing Decanoic acid. Increasing the
alkali concentration from 0.5 wt% to 1.0 wt% resulted in an enhanced foam stability. This can
be explained by the fact that a higher alkalinity means more natural surfactant in the system
due to in-situ soap generation. However, for the surfactant solution containing 2.0 wt% alkali,
the drainage rate is larger and the extent of stability is smaller than for a system containing 1.0
wit% alkali. This suggests that the effect of the alkali is reversed due to a large amount of in-
situ soap generation. This could be due to the fact that the liquid-gas interface is more mobile
at a lower surface tension (higher in-situ soap), which tends to increase the rate of liquid
drained out of the plateau border. This reduction in liquid occurs during the initial liquid
holdup as well as during drainage. At lower surface tensions, the capillary suction at the
plateau border (which is against gravity) is smaller and, thus, the rate of foam drainage is
greater. Thus, uneven thinning and instabilities of the foam film might happen, which will

cause acceleration of the film drainage and rupture.
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Fig. 4.17: The effect of in-situ soap generation and surface tension on the stability of foam is illustrated; as the
foam volume change versus time for 0.5 wt% 10S foam contacting n-Hexadecane in the presence of naphthenic
acid (Decanoic acid) and different alkali concentration.
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The reason for the observed behaviour is not completely clear. This observation could be
also interpreted by the rapid spreading of oil droplets that have a low surface tension over the
lamella. The spreading oil, augmented the curvature radius of the bubbles and subsequently,
lowers the surface elasticity and surface viscosity (Myers, 2005). This can subsequently cause
a rupture in the foam structure by creating weak spots. Therefore, the interfacial film loses its

foam-stabilizing capability and foam destruction occurs at a significantly low surface tension.

4.5.2.4 Interpretation by Phenomenological Theories

Table 4.6 displays the entering, spreading, and bridging coefficients and the lamella
number obtained by combining the measured ST, IFT between, surfactant solution/air, model
oil/air, and surfactant solution/model oil. The purpose of obtaining these phenomenological
parameters was to gain insight into any correlation between the classical theory and the bulk
foam stability in the presence of oil. All the surfactant solutions exhibited a positive entering
coefficient (E>0), indicating favourable conditions for n-hexadecane and acidic n-hexadecane
to enter the gas—water interface. Thus, foam stability in the presence of oil will be determined
by the magnitude and the sign of the spreading S and bridging B coefficients (see also
Table 4.1). Among the systems studied, systems 1 and 2 provide negative spreading
coefficients, but these systems showed the largest positive B coefficients. This indicates that
the generated foam should be relatively stable in the presence of n-hexadecane, which is in a
good agreement with the observed decay behaviour in Fig. 4.13.

Table 4.6: Entering, spreading, and bridging coefficients and lamella number for different
studied systems in presence of n-hexadecane. Surfactant concentration was fixed at 1.0 wt%.

Entering Spreading Bridging

System Composition coefficient coefficient coefficient hﬁmgleli
(mN/m) (mN/m) (mN/m)?

1 10S/Hexadecane 22.85 -2.59 784.89 0.422

2 10S-Alkali/ 30.64 6.48 1106.71 0.304
Hexadecane

3 lotaees 13.62 13.62 440,59 0.812
Hexadecane

4 |0S-Alkali/Acidic 10.74 10.74 468.23 4172
Hexadecane

Foam stability can be further examined by comparing the value of the lamella number.
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Systems 1 and 2 exhibit a lamella number of smaller than one, which corresponds to type A
foam. We recall that a type A foam is stable in the presence of oil with a negative S coefficient
(see Table 4.2). However, this is not in line with the calculated E and S coefficients in
Table 4.6. It is also not consistent with the observed foam stability in Fig. 4.13, particularly for
the case of pure n-hexadecane (without naphthenic acid), which we found to be rather sensitive
to the oleic phase. The spreading coefficients calculated for the acidic model oil were positive
for systems 3 and 4 regardless of the presence of alkali and in-situ soap generation. In theory,
in such a situation the oil could spread over the gas-liquid surface and break the foam film,
however, according to measured half-decay time, the generated foam was fairly stable (see
Fig. 4.13). We recall that, if the spreading coefficient was negative, oil would remain as
droplets at the interfacial surfaces, and, thus, attained a necessary condition to stabilize foam.

Systems 3 and 4, in the presence of acidic oil, exhibited positive entering and spreading
coefficients, which indicate type C foams. Therefore, for these two systems, foam stability
does not seem to be governed by this type of classification. On the other hand, visual
inspection of the foam-column experiments, indicated that a foam made using surfactant
formulations can emulsify the acidic model oil into Plateau borders of the foam structure.
Thus, system 4 exhibited type-B foam behaviour, which indicates that foam stability in the
presence of soap generation could be attributed to transport properties of oil droplets within the
foam. Type B foams have the capacity to carry more oil than type A or type C foams by
transporting emulsified oil droplets inside the foam structure (Vikingstad et al., 2005).

For all 10S foams generated in the presence of oil, the bridging coefficient was high and
positive, which implies that the bridging mechanism can trigger a film rupture. Lower
magnitude of the entering and bridging coefficients for system 4 than system 3, as presented in
Table 4.6, indicates that I0S foam can generate more stable foams when mixed with soap
generated by the interaction of alkali and naphthenic acid present in the oleic phase. Thus, we
could conclude that a negative spreading coefficient is not a necessary condition for stable
foam, and the stability of foam in the presence of oil could be attributed to interfacial

properties and oil transport characteristics of the foam plateau-borders and the foam lamellae.
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4.6 Conclusions

An extensive laboratory study of the micro-emulsion phase behaviour, interfacial
properties and foam stability characterization was presented to evaluate the properties
of chemical slug/drive for the ASF flooding EOR. A surfactant formulation, giving
ultralow IFT at the optimum salinity and with fairly good foaming characteristics, was
experimentally achieved.

The micro-emulsion phase behaviour study of various systems in this research
demonstrated the impact of the presence of alkalinity, soap generation and surfactant
concentration on a range of optimum salinity, oil/water solubilization parameters and
IFT values. A water and oil solubilization ratio of 10, as a criterion to get sufficiently
low IFT for a high tertiary oil recovery, was met by all the systems containing 1.0 wt%
surfactant. However, for the system of 0.5 wt% of surfactant, this criterion was only
met for the system interacting with acidic oil, where there is in-situ soap generation
assisting IFT reduction.

Foam drainage with and without the presence of the oleic phase was influenced by the
physio-chemical properties of surfactant solutions as well as by the tolerance of the
generated foams to capillary suction pressure and bubble coalescence. Our results
showed that although the amount of liquid entrained inside the foam structure raised as
the oil saturation added, the presence of higher oil saturation increases the coarsening
rate of foams.

The effect of alkalinity on lowering foam stability could be attributed either to
screening the repulsive forces between the ionic head group resulting from cationic-
anionic-type interaction and decreasing double layer repulsion, or to the change in the
micelle structure from spherical micelles to other more complex structures.

A large amount of in-situ soap generation resulted in diminishing foam stability. This
observation could be interpreted by the rapid spreading of oil droplets that have a low
surface tension over the lamella. The spreading oil, by augmenting the curvature radius

of the bubbles, diminishes the surface elasticity and surface viscosity. This
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subsequently can cause a rupture in the foam structure by creating weak spots over the
interfacial lamella film.

e Less foam stability at significantly low IFT between the aqueous phase and oleic phase
can also be explained by the fact that the gas-liquid interface is more mobile at a lower
surface tension, which tends to increase the rate of liquid drained out of the plateau
border. At lower surface tensions, the capillary suction at the plateau border (which is
against gravity) is smaller and, therefore, the rate of foam drainage is greater. Thus,
uneven thinning and instabilities of the film might happen, which will cause
acceleration of film drainage and lamellar rupture.

e The classical phenomenological parameters, such as spreading and entering
coefficients, have been used with some success and similarities in the current trend of
research; however, foam performance by these parameters does not correlate with the

foam stability to oil for most of the experiments.
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Chapter 5

Optimal Alkali/Surfactant/Foam
Flooding Process for EOR:A CT Scan
Study

5.1 Abstract

Strong foam can be generated in porous media containing oil, resulting in incremental oil
recovery. A large fraction of oil recovered by foam flooding, forms an oil-in-water emulsion so
that costly methods may need to be used to separate the oil. Moreover, strong foam could
create a large pressure gradient, which could cause fractures in the reservoir. A novel Alkali-
Surfactant-Foam (ASF) flooding process was recently introduced for EOR from water-flooded
reservoirs. The ASF process involves the use of an Alkali-Surfactant (AS) solution as a slug to
mobilize the remaining oil after water flooding, and foam as a drive to displace the mobilized
oil to the production well.

In this study, a blend of two types of anionic surfactant formulations was formulated for
slug and drive: (a) 10S, for achieving ultra-low IFT, and (b) AOS for generating a strong foam.
Prior to the oil recovery experiments, foam mobility reduction behaviour in the absence of the

oleic phase was investigated for both the transient and steady-state flow regimes. Experiments

The content described in this chapter is submitted as: Hosseini-Nasab et al. (2017) “Optimal Alkaline-Surfactant-Foam
Flooding Process for Enhanced Oil Recovery: A CT Scan Study”, Journal of Energy and Fuels, ACS.
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were performed using Bentheimer sandstone cores, during which pressure drop measurements
were carried out to determine the ability of foam to reduce the total mobility. X-ray CT images
were taken during foam generation to find out the stability of the advancing front of foam
propagation and to map the gas saturation. Then, the proposed ASF strategy for enhanced oil
recovery was tested through the co-injection of immiscible nitrogen gas and slug/drive
surfactant solutions with three different formulation properties in terms of IFT reduction and
foaming strength capability. The performance of this ASF slug/drive chemical formulation was
evaluated by a core-flood test on Bentheimer sandstone rock with the aid of X-ray computed
tomography. The discovered optimal formulation contains a foaming agent surfactant, a low
IFT surfactant, and a co-solvent, which has a high foam stability and a considerably low IFT
(1.6 x102mN/m). Co-injection resulted in gave higher oil recovery and much less MRF than
the same process with only using a foaming agent. The oil displacement experiment revealed
that co-injection of gas with a blend of surfactants, containing a co-solvent, can recover a
significant amount of oil (33% OIIP) over water-flooded residual oil, with larger amounts of

clean oil and less emulsion.

5.2 Introduction

Gas injection EOR suffers from poor sweep efficiency due to three main reasons: 1) gas
segregation and gravity override due to a lower density of gas than oil and water phases, 2)
viscous fingering due to a high mobility ratio between gas and oil or water, 3) gas channelling
through high-permeability zones in heterogeneous and layered reservoirs (Lake et al., 2014).
Foam diminishes gas mobility leading to a substantial rise of the pressure gradient. Foam
improves volumetric sweep efficiency by a significant reduction of gas mobility: it provides a
favourable mobility ratio between drive (gas) and displaced (oil and water) fluids, and contacts
a larger fraction of the reservoir to mitigate the effect of heterogeneity, gas segregation and
viscous instability (Rossen, 1996; Schramm & Smith, 1996). Foam for EOR is implemented
either by co-injection of gas and surfactant or by surfactant alternating gas (SAG) injection.
Gas and surfactant co-injection leads to far larger mobility reduction than SAG injection (Huh

& Handy, 1989).
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Foam has also been identified as a suitable alternative to polymer in the ASP flooding EOR
process for reservoir formation with a low permeability and a high heterogeneity. ASF
flooding is a new EOR method, which applies foam as a mobility control agent instead of
polymer (Guo et al., 2012; Li et al., 2012). Moreover, the presence of Alkaline-Surfactant (AS)
slug creates a base (high pH) environment and in-situ soap generation, which enables a
significant reduction of IFT and surfactant adsorption (Kang et al., 2010; Yugiang et al., 2008).
IFT reduction during foam floods leads to an increase of the capillary number, thus improving
microscopic displacement of oil (Guo et al., 2012). Similar processes to ASF EOR have been
reported by others under different terminology, for instance Low Tension Gas (LTG) and
Alkali-Surfactant Gas (ASG) flooding (Wu et al., 2010, Szlendak et al., 2013; Tang et al.,
2014). Advantages of foam over polymers include the fact that foam can divert flow from high
permeable regions to low permeable zones, thus leading to improved sweep efficiency and
higher oil recovery factors (Srivastava et al., 2010). This is due to the fact that foam is stronger
in high permeability zones than in low permeability oil-bearing zones (Li et al., 2010; Ma et
al., 2012). For ASF flooding in water-flooded reservoirs, foam can divert AS slug to low
permeability layers, thus mobilizing trapped residual oil by lowering IFT, and by reducing
capillary forces.

The efficiency of immiscible foam flooding as an EOR method is limited. Although strong
foam can be generated in the presence of oil, incremental oil recovery by the foam flooding on
a tertiary recovery mode does not exceed 30% of OIIP in a reasonable number of pore volume
of foam injection. A large fraction of oil recovered by foam flooding forms a stable oil-in-
water emulsion, so that separating the oil may require costly methods. This study investigates
the impact of IFT reduction, foam mobility reduction and the synergetic effect of these two
factors on the performance of foam flooding. Our aim is to shed more light into foam
behaviour, especially in terms of microscopic displacement of trapped oil and volumetric
sweep efficiency, which is of great importance. To achieve this, the formulation of a foaming
agent capable of producing ultra-low IFT between oil and water, and simultaneously able to
generate a stable foam, has been examined in detail.

The structure of this chapter is as follows. First, we present the experimental materials and
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methods including the core-flooding procedure, CT scan setting and processing. The chapter
proceeds with the results and the discussions of foam flooding for chemical formulations in
sandstone porous media without the oleic phase. Next, the results of the core-flooding
experiments for enhanced oil recovery (EOR) are presented and discussed. Finally, the main

conclusions are drawn.

5.3 Experimental Description

5.3.1 Materials

Brine was prepared by adding sodium chloride (NaCl, Merck) and sodium carbonate
(NayCO3), both at a fixed concentration of 1.0 wt% to de-mineralized water. Density and
viscosity of brine thus prepared at 25° C were 1.07+0.01 g/cm® and 1.10+0.01 cP, respectively.
The used surfactants were AOS, and 10S with a long carbon chain. AOS and 10S surfactants
were supplied as a liquid, with 40 wt% and 19 wt% active content respectively, and they were
used as received without further treatment. The co-solvent was a sec-butyl alcohol (SBA,
Merck, 99% pure). The CMC of the AOS and 10S solutions in the presence of 2.5 wt% NaCl
were 3.5x10° wt%, and 5x10° wt%, respectively. Normal hexadecane (n-C16, Sigma-
Aldrich) with a purity larger than 99 wt% was used as model oil. Viscosity and density of n-
hexadecane at 25°C were found to be 3.2+0.01 cP and 0.78+0.01 g/cm?®, respectively. Nitrogen
gas used with a purity of 99.98% for foam generation. The surfactant viscosity was 1.08 mPa.s.

The properties of Bentheimer core are summarized in Table 5.1.

Table 5.1: Physical properties of the core samples used for core-flood test

Core sample Bentheimer sandstone
Porosity (%) 23.0+0.1
Diameter (cm) 3.810.1
Length (cm) 17.0+0.1
Pore volume (cm®) 46.5 +0.5
Brine permeability (Darcy) 2540.1
Quartz content of rock (wt%) 92.0+1.0
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5.3.2 Core-Flow Experimental Setup

The set-up used to conduct the core-flooding experiments is shown schematically in
Fig. 5.1. It consisted of a core-holder made of polymer (PolyEther-Ether-Ketone), named
PEEK, with an internal diameter of 5cm and a wall thickness of 2.0 cm. The core-holder was
mounted vertically at the edge of the couch of the CT scanner. The cores, using a coring tool,
were drilled from Bentheimer sandstone block and CT scanned to detect the presence of any
anomalies, such as cracks or uncharted elements. Core samples with a diameter of 4.0+0.1 cm
were coated with a thin layer of epoxy resin and the resin was left to harden before the core
was placed in the core-holder. Before hardening, the epoxy resin penetrating about 2.0+0.5 mm
into the pores of the rock surface, the effective diameter of the core from the CT scan image

was estimated to be 3.8+0.1 cm.
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Fig. 5.1: Schematic overview of the core-flooding set-up for foam flow and oil displacement experiment used in
CT scan visualization. The core-holder was placed vertically on the table of CT scanner.

Quizix QX-500 pumps were used to inject the water phase (i.e. brine and surfactant
solution). A Teledyne ISCO pump, capable of injecting at low injection rates (as low as 0.001
cm®min), was used to inject oil. Nitrogen gas was supplied by a cylinder, connected to the
inlet of core-holder, through a mass flow controller (MFC). At the core outlet, a Mite Mite
back-pressure regulator (BPR) was used to keep pressure constant, and a fraction collector

(Frac920AKTA) was used to monitor the volumes of the effluents. Three holes, drilled along

the length of the core through the glue layer into the rock surface, were used for measuring
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sectional pressure drops. Three differential pressure transducers were connected to record
overall and sectional pressure drop over the core segments with increasing length from the core
inlet (section 1: 11 cm, section 2: 4.3 cm). Two pressure transducers were used to monitor the

inlet pressure and outlet (back) pressures.

5.3.3 CT Scan Setting and Processing

X-ray CT scans of the core were taken during cote-floods to evaluate the front stability of
foam propagation, quantifying the gas saturation and the residual liquid saturation in the
presence of foam. X-ray CT images presented in this study were obtained using the medical
CT scanner, SOMATOM definition (see Fig. 5.1). The CT images were employed to determine
the in-situ saturations of the aqueous, oleic and gas phases. CT scanning is based on the
attenuation of X-ray beams through the object being scanned. The attenuation coefficient is
different for the local physical properties and concentrations of the materials scanned. CT
scanners provide image matrices where the attenuation coefficients are expressed in
Hounsfield Units (CT numbers), defined as:

CT = 1000 (ﬁ 1) (5-1)
where CT is the CT-number value in Hounsfield unit, p, is the X-ray attenuation coefficient of
water in a unit of m™ and p is the X-ray linear attenuation coefficient of the sample in a unit of
m™. The settings used for CT images in the experiments are listed in Table 5.2 . The X-ray
tube of the CT scanner operated at a current of 250 mA and a voltage of 140 kV. CT images
were taken in the vertical direction parallel to the core axis. The CT scanner took 4 images at
each scan vertically from top to bottom of the core with a slice thickness of 3 mm. The
sequential scan mode was used for imaging acquisition, as it provides a low noise-to-signal
ratio. The spatial resolution of CT was based on the voxel volume that was 0.195x0.195x0.6

mm. The highest resolution of the image display was 512x512 pixels.
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Table 5.2: Setting parameters for the CT Scan measurements

Parameter (units) Value/Condition
Tube current (mA) 250
Tube voltage (kV) 140
Pixel(\Voxel) size (mmxmm) 0.3x0.3
Slice thickness (mm) 3.0
Filter B40-medium
Scan mode Sequential

To calculate rock porosity and fluid saturations inside the rock, we used the method
presented in the work of Rangel-German et al. (1999). The porosity ¢ of the core samples can
be calculated by using CT images of dry core and fully brine saturated core and the CT number

(Hounsfield Unit) values of brine and air,

_ CTyer — CTayy (5-2)
¢= Tcr, —cr,

where CTwet, CTary, CTw and CTy are respectively the measured attenuation coefficients for
fully water-saturated core, dry core, water and air. For the drainage process (oil injection) and
the imbibition (water flooding) experiments, due to combined effects of rock, the water phase
and the oleic phase, one can write for each voxel of rock sample as the following equation to

describe the total X-ray attenuations:

CTyer X Sy + CTyyS, = CTyyp (5-3)

CT, — CT, (5-4)
(CToit — CTyer) = (CTyer — CTdry) m -
By combining the Egs. of (5-3) and (5-4), oil in-situ saturation can be calculated as follow:

o _1CT = CTye
°~ ¢ CT,—CT, (5-5)

During foam flooding, the attenuation coefficient of the core plug is a combination of the

gas phase and the liquid phase attenuation coefficients. To describe the in-situ distribution of
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gas-liquid systems, the gas saturation inside the core can be calculated from the CT images by

the following equation:

CTpre—flush - CTfoam

Sgas = .
gas CTpre—flush - CTdry (5 6)

where subscripts dry, pre-flush and foam stand respectively for the dry core, core at the end of

surfactant pre-flush before foam injection, and the core with foam flow.

5.3.4 Experimental Procedure

Core-flooding was performed as follows. First, core was evacuated for roughly 2 hours and
then flushed with CO, with 5.0 bar back-pressure to remove all air from the porous medium.
Next, several pore volumes of brine were injected into the dry core while varying back
pressure: the back of the core-outlet was first kept at 1.0 bar up to water break-though, and
then it was increased to 25 bars to dissolve any CO, remaining in the core and to ensure 100%
saturation of the core with brine. Absolute permeability of the sandstone core was then
measured by the standard method. For the experiments in the absence of oil, a surfactant pre-
flush was done prior to foam flooding. For experiments involving an EOR process, oil
injection followed by water flooding and, subsequently, pre-flush of surfactant solution of the
foaming agent were undertaken before foam flooding. Table 5.3 summarizes the procedures

used for the experiments in the absence and presence of oil.
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Table 5.3: Sequence and conditions of injection step used for the core-flooding experiment

Injection step sequence gzlr?]\é‘;ﬁ?;e) BaCk('Earre)ssure Ig'}jriittm
To evaluate the foam strength
CO, flushing to remove air >20 5 Downward
Core saturation with brine 1.0-6.0 25 Upward
Surfactant preflush 1 30 Upward
Foam flooding (co-injection) 0.55 30 Downward
For EOR process
CO, flushing to remove air >20 5 Downward
Core saturation with brine 1.0-6.0 25 Upward
Oil injection (drainage) 0.5 5 Downward
Bump flood (QOil) 8.0
Water flooding (imbibition) 0.5 5 Upward
Bump flood (Brine) 5.0
Surfactant preflush 1 30 Upward
Foam flooding (co-injection) 0.6 30 Downward

The first objective of the series of experiments was to examine the capability of the three

selected surfactant solution formulations (see Table 5.4) to generate a stable foam. The

chemical formulations, used for the foam flooding experiment in absence of the oleic phase

and for EOR experiments, are presented in Table 5.4. For each alkali-surfactant (AS) solution,

core-flood experiments consisted of a co-injection of AS solution and N, in the absence of oil

phase at room temperature. A surfactant solution was first pre-flushed to quench the surfactant

adsorption of the core-plug to reduce the effect of surfactant adsorption during foam flooding.

Table 5.4: Surfactant formulations used in foam strength test and oil displacement experiments

Type of Surfactant Electrolyte Viscosity  Density IFT with
Exp. Ex Formulation composition (cP) (g/cm®) hexadecane
P: (mN/m)
2 wt% NaCl 0
0,
AS1 Foam flood 0.5 wt % AOS 1 Wt % Na,COs 1.12 1.05 1.56 x10
0.2 wt% AOS 2 wt% NaCl 1
AS2 ASF flood + 0.6 W% 10S 1 Wt % Na,CO; 1.22 1.08 3.42 x10
0.2 wt% AOS 0
AS3  ASFflood  +0.6Wt% I0S 2 t% NaCl 118 110 1.17x10%

+0.4 wt% Co-solvent

1 wt % Na,CO,
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In EOR processes, the produced oil was collected in the grade test tubes and oil recovery
calculations were executed by a material balance of the fluids inside the core and the effluents
at outlet tubes. Foam flooding experiments were carried out by a co-injecting nitrogen and
surfactant solution, while keeping the back-pressure at 30 bars. N, was injected from a cylinder
at 50 bar to the mass-flow controller. The experiment was conducted under a back-pressure of
30 bar to minimize gas compressibility effects. Foam was generated by co-injecting the N, and
surfactant solution from the top of the sandstone core at a fixed total flow rate of 0.6 cm*/min.
This flow rate is equivalent to a superficial velocity of 0.78 m/day [2.54 ft/day]. The resistance
to gas flow during foam generation and coalescence in the transient and steady state conditions
was evaluated macroscopically using the foam Mobility Reduction Factor (MRF). Pressures of
the generated foam and reference condition were measured to define MRF = APsqqpm /APy @S
the ratio of pressure drops for foam flooding to single phase water injection at the same flow-

rate. Foam floods were all carried out at a foam quality (i.e. inlet gas fractional flow) of 80%.

5.4 Results and Discussion

5.4.1 Foam flow in porous media in absence of oil

a) Mobility Reduction Factor (MRF). Fig. 5.2 to Fig. 5.4 show overall and sectional
MRF vs. numbers of PV obtained from the co-injection of N, and three formulates AS
solutions along the core as a function of a number of co-injected pore volumes. MRFs for three
cases after approximately 2 PV injections reach the plateau after 894, 567 and 282 with only a

slight increase in the continuation of the test.
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Fig. 5.2: Total and sectional MRF results along the core from the experiment of co-injection of N, and AS1
surfactant in the absence of oil phase. Foam quality 80% and total velocity of 2.54 ft/day. (section 1: 11lcm,

section 2: 4.3cm)
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Fig. 5.3: Total and sectional MRF results along the core from the experiment of co-injection of N, and AS2
surfactant in the absence of oil phase. Foam quality 80% and total velocity of 2.54 ft/day. (section 1: 11lcm,

section 2: 4.3cm)
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Fig. 5.4: Total and sectional MRF results along the core from the experiment of co-injection of N, and AS3
surfactant in the absence of oil phase. Foam quality 80% and total velocity of 2.54 ft/day. (section 1: 11lcm,
section 2: 4.3cm)

In all experiments it was found that about one pore volume in total was needed before
strong foam was generated. At early injection times, coarse foam generation occurred, which
provide only small pressure drops. Delay in foam generation and an increase of MRF can be
attributed to competition between foam creation and destruction along the pores before
reaching the minimum pressure gradient to create strong foam (Rossen & Gauglitz, 1990;
Tanzil et al., 2002). Comparison of steady state MRFs in Fig. 5.2 and Fig. 5.3 indicates a much
lower effect of 10S on the foam strength than AOS. Results also show that the lowest IFT
formulation (AS3) enables foam generation with a moderately high strength. By having
evidence of the lowest IFT formulation to create a fairly stable foam in the absence of oil, this
formulation (AS3) was chosen for the CT scan analysis.

b) CT scans and saturation profiles. For the CT Scan study, the experiment with the AS3
chemical formulation with the smallest MRF and a moderate strength of foam was chosen to
investigate the stability of foam front propagation and the evolution of gas saturation. Fig. 5.5
shows CT images taken during foam flooding in Bentheimer sandstone previously saturated
with surfactant solution. The light blue colour indicates a core fully saturated with a surfactant
solution, and the change to dark blue corresponds to the foam phase. Images clearly show the

advancement of foam from the top to the bottom of the core. The number below each image



Optimal Alkali/Surfactant/Foam Flooding Process for EOR:A CT Scan Study 105

represents the number of foam pore volumes injected (elapsed time). Images show that foam
displaces surfactant solution in a piston-like fashion, indicating that more viscous fluid (i.e.
foam) is displacing less viscous fluid in a stable manner. Colour changes from light blue to
dark blue from the left to right gives evidence of the increase of gas saturation behind the front.
There is a small region near the inlet face with a relatively higher intensity of light blue colour,
which remained for a while, indicating higher water saturation compared to the rest of the core.
Discontinuity of capillary pressure at the inlet face results in the retention of the water phase,

which is the wetting phase with respect to sandstone rock, at the core inlet.
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Fig. 5.5: CT images obtained during co-injection of N, and of ASF chemical agent (AS3). Foam flow was studied
in a single core of Bentheimer sandstone. First sharp foam front advances through the core after about 0.8 PV
injection. Sharp front of generated foam is evident of stable foam displacement in the core.

For further analysis, we plotted gas saturation profiles, obtained by the Eq. (5-6) by
combining the CT scans for dry core, core fully saturated with surfactant solution and the core
during foam injection. Gas saturation was obtained by the arithmetic average of every
horizontal line of the saturation voxel throughout one CT image slice. Gas saturation for foam
flooding with very low-1FT surfactant formulation (AS3) is plotted in Fig. 5.6 against different

co-injection pore volumes.
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Fig. 5.6: Gas saturation profiles taken at every vertical position throughout the core before and after foam
breakthrough obtained from the CT images shown in Fig. 5.5. Foam quality at inlet face of the core was 80%. A
rapid in-situ foam generation and fairly piston-like front for the gas saturation propagation were observed.

Foam saturation profiles consist of a downward-concave shape and a horizontal part. At
early times, for instance, 0.1 PV, gas saturation is below 0.40, then rises and reaches the
average value of approximately 0.65. A progression of gas saturation curves illustrates a
typical Buckley-Leverett front shape, including the effect of gas compressibility and
capillarity. The inlet-effect, with a high water saturation near the core inlet over a length of
approximately 2.5 cm, was observed and persisted over the entire duration of the experiment. It
can be explained by the discontinuity of capillary pressure at the injection face of the core, due
to the fact that the foam phase, including a high fraction of the non-wetting phase (gas),
displaces the wetting phase (surfactant solution). This creates a large capillary pressure

contrast as before the inlet, that is outside of porous media, where the capillarity is zero.

5.4.2 Displacement of oil by foam
5.4.2.1 Drainage and Imbibition

Primary drainage and imbibition are reported here, prior to discussing oil recovery by
foam. Oil was injected into the core, previously fully saturated with brine at velocity of 2.24
ft/day, until no water was flowing out of the system. Then, oil saturation was measured, either

by analysing CT scan images, or by measuring volume of the effluents. For the first and
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second experiment (AS1 and AS2), the saturation was determined from the mass balance
calculation of the measured effluent volumes of oil and water. CT scans of the cores were
made throughout the whole experiments at time intervals for the third experiment (AS3), to
determine precisely the in-situ saturations of water and oil, in addition to mass balance
calculation of the effluent. The overall and sectional pressure drops along the core during
drainage are plotted on Fig. 5.7. When oil was introduced to the inlet of the core, pressure
drops abruptly raised. The sharp increase represents a characteristic of entry capillary pressure

between water and oil according to the Young- Laplace equation (P, ;, = 20,,, cos(8) /7).
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Fig. 5.7: Pressure drop profiles during primary drainage over the core and different section of the core (section 1:
11cm, section 2: 4.3cm and section 3: 4.75cm). Oil was injected at 0.5 cm®min under gravity stable conditions.
The initial jump in the pressure drop profiles corresponds to the entry capillary pressure.

Fig. 5.8 shows a series of CT scan images taken at different times during primary drainage.
The blue colour corresponds to a core fully saturated with brine, while the light green colour
corresponds to the presence of the oleic phase. Qil is injected from top to bottom of the core, so
that the colour of the image varies from blue to light green from the left to right. The
displacement is gravity-stable with a rather sharp front between the oil and water phase. The
CT images were further analysed to quantify the oil saturation map at different PV injected. Oil
saturation was calculated from the CT images according to the Eg. (5-5), by combining the
images for the dry core, the fully brine-saturated core, the bulk attenuation coefficient of oil

and the brine.
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Fig. 5.8: Displacement profile during primary drainage (oil injection) with injection direction from top to bottom.
Water phase (blue colour) was displaced by oil (light green).
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Fig. 5.9: Oil saturation profile for oil injection as a primary drainage obtained from the corresponding CT images
shown in Fig. 5.8. Oil was injected from the top of the core, which is located on the left side of the figure. The
average oil saturation at the end of primary drainage was 0.80+ 0.02.

Changes in oil saturation, plotted in Fig. 5.9, are in a piston-like profile and are consistent
with a Buckley-Leverett theory for two phase flow (Willhite, 1986). When no more water was
observed at the outlet, bump flood oil injection at a flow rate of 8 cm*/min was performed to

reach connate water saturation. At the end of the primary drainage, the average oil saturation in
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the core was S, = 0.81+0.02 and thus, connate water saturation was S,=0.19+0.02 (see
Fig. 5.9). After drainage, the core was subjected to water flooding (imbibition) at a flow-rate of
0.5 cm®min, equal to the interstitial velocity of 2.24 ft/day, till no more oil was produced from
the core. The sectional pressure drops and the total pressure drop over the core during water

flooding are shown in Fig. 5.10.
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Fig. 5.10: Total and sectional pressure drop profile during water flooding at 0.5 cm®min during the first two pore
volumes injected. Water breakthrough coincides with the time at which pressure drop obtains a maximum value.
As imbibition was introduced into the core inlet, the pressure drop decreased indicating the
capillary pressure between the two phases declined, due to the presence wetting phase (water)
at the front. Pressure drop behaviour represents the characteristic of imbibition in a water
flooding process with an early water breakthrough (BT) at 0.38 PV, accompanied by a long
tailing oil production as the total pressure drop gradually levels off to a plateau. This is
consistent with CT images of this test shown in Fig. 5.11, where the BT time close to 0.33 PV

was determined.
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Fig. 5.11: Displacement profile during gravity stable water flooding (imbibition) with injection direction from the
bottom to the top. Oil production by water flooding is evident by a colour change from light green to blue.

Fig. 5.11 demonstrates, during the imbibition, the change in colour of the images from left
to right from light-green to a blueish tint, which reflects the removal of oil. Fingering and
bypassing of oil by brine are also visible in the images. Fig. 5.12 shows the oil saturations
obtained from the CT scan images that were presented in Fig. 5.11 by applying Eq. (5-5). The
oil saturation front is wide, due to capillary diffusion and an unfavourable mobility ratio
between displacing and displaced phases. The water flooding was followed by bump flood, i.e.
by brine injection at 5.0 cm*/min to ensure that a residual oil saturation was reached. The last
CT image was taken after bump water flooding, which gave a 1.7+0.1% of the OIIP. By doing

this, the remaining oil saturation reached an average of Sor = 0.4 £0.02.
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Fig. 5.12: Profile of oil saturation distribution for water flooding obtained from the corresponding CT images

given in Fig. 5.11. Brine was injected from the bottom of the core, which is located on the left side of the figure.
The average oil saturation at the end of water flooding was 0.4 +0.02.

5.4.2.2 Oil Recovery by Alkali-Surfactant-Foam (ASF)

ASF flooding experiments were executed to examine the effects of the gas mobility
reduction by foam and the IFT reduction on the oil displacement by foam. Prior to ASF
flooding the core was pre-flushed by 3.0 PV of AS solution at the same flow-rate as water
flooding. This was done to satisfy the adsorption capacity of the core surface, thus preventing
the loss of surfactant and the delay in foam generation due to adsorption. During surfactant
pre-flush, only a tiny amount of oil of about 0.5£0.1 per cent of the OIIP was produced.
Subsequently, N, and surfactant solutions were injected into the core. The MRFs obtained
during foam flooding for the three cases of the chemical formulation (see Table 5.4) are
depicted in Fig. 5.13 through Fig. 5.15. Here MRF is defined as the ratio of pressure drops for
foam flooding to a single phase water injection at the same flow-rate. AS1 solution
demonstrated a sharp increase in MRF after 0.7 PV. AS2 and AS3 tests provided smaller
steady state MRF in the oil recovery experiment, as AS2 and AS3 contained less amount of
AOS surfactant. For AS2 beyond 1.2 PV, MRF increases progressively and then levelled off to
approximately 165. The average MRF during co-injection of N, with AS3 was rather low,
which means that moderately stable foam was generated in the core under a considerably low

IFT condition and in the presence of high residual oil saturation. The MRF fluctuation in
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Fig. 5.15 was due to the wide range of pressure difference measurement (-40 to +40 Bar).
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Fig. 5.13: Total and sectional MRF results along the core from the experiment of co-injection of N, and AS1
surfactant solution in the presence of remaining oil after water flooding. Foam quality and total velocity of 2.5
ft/day.
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Fig. 5.14: Total and sectional MRF results along the core from the experiment of co-injection of N, and AS2
surfactant in the presence of remaining oil after water flooding. Foam quality and total velocity of 2.5 ft/day.
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Fig. 5.15: Total and sectional MRF results along the core from the experiment of co-injection of N, and AS3
surfactant solution in the presence of remaining oil after water flooding. Foam quality of 80% and total velocity
of 2.5 ft/day.

a) CT scanning images. For the experiment AS3 the core was CT scanned during foam
flooding at transient and steady-state conditions, in order to discern the effects of the ultra-low
IFT between the oil and the aqueous phase. The corresponding CT scan images are shown in
Fig. 5.16. Light blue-green colour corresponds to the core containing surfactant solution and
residual oil. Dark blue indicates the presence of foam. As gas (N) and the surfactant were co-
injected downward into core, foam propagation is clearly visible in a change of the intensity of
colour, from blue into a darker blue. This gives an insight about a change of fluid saturation
from the two phase regions into the three-phase regions (i.e. oleic phase, surfactant solution

and foamed gas). CT images, shown in Fig. 5.16, clearly confirms the ability of foam flooding

of AS3 to displace a substantial volume of the liquid phase consisting oil.
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0.04PV  0.12PV  0.27PV 0.39PV  0.54PV 0.70PV  0.75PV 2.2PV
Fig. 5.16: CT images obtained during AS3 foam flooding. Foam breakthrough occurred at 0.76 PV £0.03

PV. Dark blue colour indicates the presence of foam phase.

Near the core inlet, over approximately 2.4 cm, a light blue/green colour remained for a
long time after co-injection started indicating the persistence of high liquid saturations in the
core inlet region. This was observed by others (Nguyen et al., 2007; Simjoo & Nguyen, 2011)
and can be explained by the fact that the foam strength is too small to displace liquid. The
amount of liquid is higher than in the case without oil (see Fig. 5.6), which supports the idea
that presence of oil results in weaker foam. After the inlet face of the core, till 0.39 PV, we see
that in the area, for approximately 10.5 cm distance, the foam texture is coarse and the foam is
not yet fully developed, because the injected gas needed to travel a certain distance to reach a
minimum pressure gradient before strong foam generates. As a result, a low amount of the
liquid phase displaced, and no sharp front of gas flow together with the liquid as the foam
phase formed.

According to both the CT images shown in Fig. 5.16 and the perspective of the population
balance approach (Falls et al., 1988; Kovscek et al., 1997), we could argue that, total densities
of flowing and stationary bubbles from the core inlet increase towards a certain value based on
dominating parameters like oil saturation. It is also illustrated that as oil saturation varied
during incremental oil recovery, subsequently the transient foam propagation was influenced.

Then, as shown in Fig. 5.16, in the region of an advancing front from a 0.39 PV, sharp front is
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characterized by a clear change in the image colour from the light blue-green colour to the dark
blue. This region progressed over the core length by creating a sharp front in continuation,
which indicates the formation of fairly strong foam. The CT images demonstrate excellent
foam development: foam propagated as a sharp front until it reached the outlet face; moreover;
the generated foam was strong enough to induce a gradual reduction of the liquid phase and oil
saturations. This can be clearly seen from the colour change in the lower part (oil-bearing) of
the core from, the light blue to a more intense blue. Recall the dark blue colour indicating the
presence of stronger foam and, consequently, a larger liquid desaturation. Thus, the CT core-
flood experiment of AS3 proved that stable foam can be generated using a chemical
formulation, which provides ultra-low IFT between the oleic and liquid phases. Fig. 5.17
shows the total gas saturation corresponding to foam flow through the water-flooded section,

in which a three phase (gas, oil, surfactant solution) flow occurred.

0.8
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0.22PV
0.27PV
0.39PV
0.54PV
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Fig. 5.17: Gas saturation profiles taken at every vertical position throughout the core before and after foam
breakthrough obtained from the CT images shown in Fig. 5.16.

In this plot, the resulting average gas saturation profiles, as a function of the height of the
rock sample, are illustrated. Gas saturation values are arithmetic averages of gas saturation in
each horizontal line over each cross section along the rock sample. Focusing on the saturation

profile taken at 0.39 PV, the region discussed above on CT images can be characterized as
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follows. Gas saturation in the first 2.4 cm is low, because of the inlet effect, where capillary
discontinuity resulted in retention water phase. After this inlet region, where the liquid
saturation remained high, gas saturation raised to an average value of 0.63 +0.05, then
diminished to zero, a head of the foam front, between 5.2 cm to 17.0 cm, obviously Sy = 0.
Fig. 5.17, after foam breakthrough, demonstrates a relatively constant saturation of Sy = 0.65
throughout the core with some minor fluctuations from this number. Throughout the whole
time of experiments, gas saturation curves displayed a typical Buckley-Leverett shape,
including the effect of gas compressibility.

b) Oil Recovery. We now analyze the tertiary oil recovery mechanism of three types co-
injection of surfactant solutions and gas that exhibited different properties in terms of foam
mobility control and IFT reduction. To discern the oil recovery mechanism for each EOR
experiment, we examined the performance of the process in terms of cumulative oil recovery
and oil cut. The cumulative oil recovery factor was defined as the ratio of the produced oil to
oil initially in place (OIlIP) and the oil cut defined as the fraction of oil in the produced fluid.
Oil cut and cumulative oil recovery for the three studied cases are presented in Fig. 5.18 and
Fig. 5.19, respectively. During all foam flooding tests, in the first 1.0 PV, the oil cut (oil
production rate) increased, whereas during the later time of the testing it decreased
progressively. Oil was produced first by the formation of a diffuse oil bank followed by a long
tail production. For AS1, as foam injection continued for a longer time than 1PV of injection,
oil recovery was at the slower rate, and mainly as a stable emulsion. An early oil breakthrough
was observed during the AS1 experiment, at approximately 0.3PV (see Fig. 5.18), which is
attributed to a poor oil displacement before the oil bank is formed. For the AS2 and AS3
experiments, oil breakthrough time was consistently longer, corresponding to the formation of
oil with a sharper bank and a more stable oil displacement. Fig. 5.19 indicates that for AS3 oil
production was larger with a higher rate and more slow in terms of breakthrough of the oil

bank than others, although the MRF created by foam generation was the lowest (Fig. 5.15).
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Fig. 5.18: Qil cut during foam flooding with different alkali-surfactant formulations (AS1, AS2 and AS3). Effect
of IFT reduction on fraction flow of oil recovery can be seen. The first oil peaks are corresponding to oil bank
formation.
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Fig. 5.19: Incremental oil recovery during foam flooding for different surfactant concentrations. Increased
cumulative oil recovery was observed for lower IFT foam flooding.

Table 5.5 gives a summary of incremental oil recovery by co-injection of N, with three
different chemical formulations investigated. For AS1 the cumulative oil effluent measurement
indicated an oil recovery factor up to 22% of OIIP after injection of 2.5 PV of foam. For the
AS3 case, injection of 2.5 PV of foam yielded an incremental oil recovery of 34% of OIIP.
Since oil recovery by water flooding was 43+0.05 %, the overall oil recovery of foam flooding

is 77.00£0.05 % OIIP. The results show that a decrease in the IFT led to substantially higher
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oil recovery consisting with lower MRF (see Fig. 5.13, Fig. 5.15).

Table 5.5: Summary of incremental oil recovery by co-injection of gas with different chemical solutions.

EOR _ Rewr RE Eor IFT Foam BT
Process Soi (O110) Sor.wr (0O110) Sor,£0R MRF (mN/m) (PV)
AS1 0.80+0.05 40+1 0.48+0.02 | 21.1+1 | 0.32+0.02 570+5 | 1.56 x10° | 0.81 + 0.02
AS2 0.83+0.05 44+1 0.47+0.02 275+1 | 0.25+0.02 165+5 | 2.42 x10" | 0.79+0.02
AS3 0.81+0.05 43+1 0.46+0.02 33.7+1 | 0.20+0.02 50+5 | 1.17 x10% | 0.76%0.02

The oil recovery increases substantially for AS3, when the IFT decreases compared to
conventional foam flooding (AS1) EOR. Thus, in the case of AS3 foam, ultralow IFT
reduction was the dominant mechanism in comparison to AS1 for the higher oil recovery. In
Fig. 5.20, comparison of part of the oil recovery in effluents by foam flooding for experiments
AS1 and AS3 is shown. As can be seen, produced oil by AS3 gave a more clean oil than AS1,

and that, with AS1, a noticeable amount of oil production was containing emulsion formation.

Fig. 5.20: Fluids at the outlet of the core for the AS1 foam (left image) and AS3 foam (right image).Oil is
coloured red to visualize. Produced oil at the effluent of AS1foam appearing more as an emulsion with surfactant
solution. Clean oil is much more for AS3 foam. Larger liquid volume in the right column, is because of longer

surfactant pre-flush.
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5.5 Conclusions

e The oil displacement efficiency by chemically designed foam flooding was investigated
experimentally. Three chemical formulations (AS1, AS2, AS3) capable of generating
stable foam in porous media in the absence and presence of oil, while reducing the IFT
to the low and ultralow values, have been examined.

e Core-floods were performed using an AS formulation providing low to ultra-low
oil/water IFT, in addition to being good foaming agents with nitrogen into Bentheimer
sandstone.

e The foaming of the three AS formulations in consolidated porous media in the absence
of oil gave rise to gas mobility factors ranging from 894 to 282.

e A blend of two anionic surfactants with a co-solvent (AS3) was developed, both to
increase the MRF and to decrease the IFT by at least three orders of magnitude.
Experiments with the AS3 chemical formulation in the absence and presence of oil
were monitored by an X-ray CT scanner, and during foam propagation demonstrated a
stable foam front and liquid desaturation movements. CT images elucidated the
transient foam flow behaviour, which is the most relevant to enhanced oil recovery.

e The chemical-foam flooding exhibited the similar characteristic of ASP flooding EOR
such as the production of large oil bank at high oil cut before producing oil/emulsion.
The obtained results proved that microscopic displacement efficiency in foam flooding
can greatly be improved by reducing capillary pressure.

e The obtained results were compared against the typical AOS foam flooding as a base
case (AS1), and resulted in the higher oil recovery and significantly less MRF for the
low IFT foam than the base case experiment. Considerable portion of oil recovered in
AS1 experiment formed oil-in-water emulsion, but produced oil by AS3 gave a much
more clean oil-cut. These results indicated an improvement of lowering IFT during
foam EOR, and necessity of having only a sufficient foam strength. This means that
ultra-strong foam is not necessary to prevent a detrimental destabilization effect of oil
on foam.

e This research demonstrated that low microscopic efficiency of foam flooding is due to
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bypassing of trapped oil due to high capillary pressure. Fairly low IFT-foam flooding
(AS2, AS3) recovered oil at the tertiary stage by a mechanism of improving volumetric
sweep efficiency and increasing microscopic oil displacement.

For future work, conducting the foam flow experiments at reservoir conditions, such as
reservoir temperature and pressure, and formation wettability (oil-wet, mixed-wet), will
more accurately reflect the foam behaviour during ASF EOR for oil displacement.
Moreover, in addition to using blend of surfactants and co-solvent, the addition of
viscosifying agent like polymer to AS slug and foam drive, is worth investigating for

ASF EOR process.



Chapter 6
A New Chemical-Enhanced Oill

Recovery Method?

6.1 Abstract

The efficiency of ASP flooding for EOR can be much less than expected under various
reservoir conditions that include low permeability, high temperature, high formation brine
salinity and the presence of divalent cations (Ca*?, Mg*?) in the formation brine. This is due to
polymer degradation and low injectivity, alkali precipitation and scaling in the well and surface
equipment. Moreover, polymers substantially reduce the capability of treatment of produced
water to be used for re-injection, upcycling or discharge.

This chapter reports on an experimental study of a new chemical EOR approach that has
the potential to overcome some of the above drawbacks. The new chemical formulation
consists of a combination of a non-polymeric viscosity enhancement compound and a blend of
two surfactants. The performance of this chemical formulation was evaluated by a series of
core-flood tests on Bentheimer sandstone cores under stable gravity conditions, with the aid of
X-ray Computed Tomography. A significant reduction in the residual oil saturation was
observed by constructing the Capillary Desaturation Curves (CDC), suggesting that the

proposed formulation is potentially a good chemical EOR agent.

The content described in this chapter is published in: Hosseini-Nasab et al., “A New Chemical Enhanced Oil Recovery
Method?”, Journal of Colloids and Surfaces A: Physicochemical and Engineering Aspects, Volume 507, 20 October 2016,
Pages 89-95.
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6.2 Introduction

Secondary oil recovery from water-wet or mixed-wet reservoirs by water flooding leaves a
significant fraction of the OIIP in the reservoir. Roughly 65 % of OIIP remains trapped in the
swept regions as residual oil (Ali & Thomas, 1989; Mai & Kantzas, 2009; Roehl & Choquette,
1985). Capillary forces responsible for the trapping of the non-wetting oil phase are mainly set
by the IFT between the oil and water phases. Viscous forces on the other hand are mainly set
by the viscosity of the displacing aqueous phase (Bryan & Kantzas, 2007; Bryan et al., 2008).

Chemical-enhanced oil recovery (CEOR) methods aim to reduce the residual oil saturation
Sor by increasing the capillary number (ratio of viscous to capillary forces). This can be
illustrated by constructing the CDC, i.e. the residual oil saturation plotted as a function of the
capillary number. ASP is one of the most effective and attractive CEOR methods in terms of
tertiary oil recovery factor (Dang et al., 2012; Lake & Johns, 2014; Sheng, 2013). In properly
formulated ASP systems, the AS solution provides an ultralow IFT between the oil and water
phases, while polymers ensure good mobility control, thus inducing the mobilization of the
residual oil. The reaction of the alkali with fatty acids present in crude oils generates in-situ
soap, which assists achieving ultralow IFT. The alkali also increases the pH, which reduces the
adsorption of the anionic surfactant (Ojukwu et al., 2013; Stoll et al., 2011).

Despite its high efficiency, conventional ASP suffers from certain limitations that restrict
their application range. The alkalis (such as NaOH, Na,COs) react with divalent cation (Ca?",
Mg®*) present in the formation brine, causing the precipitation of insoluble salts. This will lead
to permeability reduction and flow assurance problems in the production string and surface
facilities (valves, flow meters, separators, etc.) (Kazemi Nia Korrani et al., 2014; Kazempour
et al., 2013). In addition to the above scaling problems, the use of alkalis in a high salinity
environment might induce the corrosion of the tubing and ancillary equipment and could affect
the polymer performance by increasing the salinity, which are additional disadvantages of
using alkalis in chemical flooding. Moreover, polymers substantially reduce the capability of
treatment of produced water to be used for re-injection, upcycling or discharge. This is due to
the fact that polymers, used for secondary and tertiary oil recovery, are linear anionic homo-

polymers or co-polymers, such as hydrolyzed polyacrylamide or acrylamide co-polymers.
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Anionic polymers cause the water phase to have a strong anionic charge, which cannot be
easily neutralized by the treatment processing of produced polymer water phase.

Other restrictions concern the use of high molecular weight polymers in low permeability,
high salinity or high temperature (HPHT) reservoirs. Polymer injectivity is rather low in low
permeability reservoirs, which may lead to clogging of the formation or even to unwanted
fracturing (Delamaide et al., 2014; Zechner et al., 2013 & 2014). Above a certain temperature,
polymers undergo hydrolysis, which may lead to precipitation due to interactions between the
resulting polyion and anions present in the reservoir brine (Lange & Huh, 2013; Tovar et al.,
2014; Yerramilli et al., 2013). The viscosity of the polymer is heavily reduced in high-salinity
reservoirs due to the shrinking of the polymer molecules resulting from the screening of the
electrostatic repulsions within polymer molecules (Algharaib et al., 2013; Ibrahim et al., 2006;
Manichand & Seright, 2014). Therefore, a much higher polymer concentration is required to
achieve the desired viscosity. In addition, in dealing with different types of crude oil, polymers
can cause significant difficulties in producing the micro-emulsion solution, which is essential
in the ASP flooding technique.

In this study, a new chemical formulation is introduced which hopefully will address the
above limitations of traditional ASP formulations. The new chemical formulation consists of
the combination of monomeric glycerol and a blend of two surfactants, namely Alpha-Olefin
Sulfonate (AOS) and polymeric Fluoro-Carbon ester (FC), in the absence of any inorganic
alkali. The glycerol (partially) replaces the polymer as a mobility control agent and the
surfactant blend ensures sufficiently low IFT. Glycerol is a simple non-toxic sugar alcohol or
polyol that is widely used in pharmaceutical formulations. It is a bio-based chemical produced
by transesterification of fatty acids as a by-product in the manufacture of biodiesel (Rossi,
2008). The current cost of glycerol is high for a large-scale EOR application, but this can be
expected to diminish as the abundance of glycerol grows (Pagliaro & Rossi, 2008).

This research aims to prove the feasibility of the new chemical EOR method under
controlled laboratory conditions. To this end, a series of CT scans aided core-flooding

experiments in the Bentheimer sandstone rock were undertaken, using the newly developed
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water/glycerol/surfactant system. Then, resulting data from core-flooding experiments were

used to construct the CDC.

6.3 Experimental Description

6.3.1 Materials

6.3.1.1 Chemicals
Brine containing 0.5 M (3.0 wt%) NaCl in deionized water (pH = 6.8 + 0.1) was used to

prepare the surfactant solutions. A mixture of AOS and polymeric FC surfactant was used to
perform the experiments. AOS is an anionic surfactant while FC is a neutral polymeric ester
surfactant. Both surfactants were used as received from the supplier without further treatment.
Their CMC. in the presence of 0.5 M NaCl were determined from the surface tension
measurements and were found to be 4.8 x 10 wt% for the surfactant mixture with a weight
ratio 1:1. The model oil used in the experiments was normal hexadecane (n-C16, Sigma-
Aldrich) with a density of 0.78 + 0.01 g/cm® at 21 + 0.5 °C. The properties of the chemicals
used in this work are summarized in Table 6.1. Fluid viscosities were measured using a
Brookfield Viscometer and the IFTs were measured using a KSV Sigma tensiometer using the

Du Nouy ring method.

Table 6.1 Properties of the materials used to conduct the experiments

Molecular Viscosity Active
Chemical Code weight at21°C content  Supplier
(g/mole) (cP) (%)
Salt NaCl 58.50 solid 99.99 Merck
QOil n-C16 226.00 3.3+0.01 99.99 Sigma
Surfactant AOS 315.00 1.0+0.01 40.00 Stepan
Surfactant FC 4434 No data 1.0+0.01 25.00 3M

Glycerol C3H5(0OH)3 92.10 290.37 £ 0.1 99.00 Merck

6.3.1.2 Core Sample
Bentheimer sandstone cores were used to perform the experiments. The sandstone contains

up to 97 % quartz and is consolidated and nearly homogeneous. The properties of the porous
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samples are presented in Table 6.2. The average porosity of the core obtained from the CT scan
IS 21 + 1%. The absolute brine permeability of the used cores was 1.5 + 0.1 Darcy. The core
samples were drilled from a cubic block with sides of 40 cm and, then, sawn to the desired
dimensions using a water-cooled diamond saw. Next, the cores were dried in an oven at 50 °C
for 48 hours. Then, they were cast in Araldite self-hardening glue to avoid production from the
axial core sides (bypassing). From CT scans of the dry core, it was estimated that the glue had
penetrated approximately 2.0 mm of the core sample. This effective thickness was used in the
calculation of the total pore volumes of the cores. After hardening, the glue was machined so
that the core fitted precisely into the core-holder. Several holes were drilled through the glue

layer into the core surface along the core length for pressure measurements.

Table 6.2: Properties of the porous sample used for core-flooding experiments

Core sample Bentheimer sandstone
Length (cm) 17+ 0.1
Diameter (cm) 38+0.1
Porosity (%) 22 +£0.5

Pore volume (cc) 42.4+£05
Permeability (Darcy) 15+0.1
Quartz content (wt%) 97.0+£20

6.3.1.3 Core-holder

The core-holder was made of PEEK. This synthetic material combines good mechanical
properties with a low X-ray attenuation. It also transmits X-rays within a narrow energy
window (re-filtering the polyenergetic source X-rays), which considerably minimizes the
beam-hardening artifact due to the polychromaticity of the X-ray beam (Nguyen et al., 2005).
The pressure connectors were also made of PEEK to prevent interference by the pressure lines

with the CT scanning.

6.3.2 Experimental Setup
6.3.2.1 Core-flooding Setup

The setup used to conduct core-flooding experiments is shown schematically in Fig. 6.1. A

high precision double-effect piston displacement pump (Pharmacia P 500) was used for liquid
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injection. Several pressure difference transducers were used to monitor the pressure drop based
on the inlet pressure over the core segments with increasing lengths. A backpressure regulator
was used to set the outlet pressure during the experiment. The produced fluids were collected
by graduated glass columns. A data acquisition system was used to automatically record the
liquid injection rate, pressures and liquid production data. All experiments were conducted at

room temperature (20 + 2 °C).
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Fig. 6.1: Schematic of flow process and setup used for core-flooding experiments. The setup consists of four
major parts: a test unit (core sample and core holder), measuring unit (pressure transducers), injection unit
(pumps), and data acquisition system.

6.3.2.2 CT Scanner

X-ray Computed Tomography (CT) is a non-destructive testing technique for visualizing
the static structure and dynamic process within opaque objects. The method is based on the
attenuation of X-ray beams through the object being scanned, where a large number of the
projection data of these X-rays are used to construct an image of the inside of the object. The
output value of the CT scanner provides image matrices whose coefficients are the linear
attenuation coefficient of the material for the selected effective energy. The CT data are
expressed in Hounsfield (HU) units. The relationship between the attenuation coefficient in

Hounsfield units and the attenuation coefficients in the inverse unit length is as follows:
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CT = 1000<J5-—-1) (6-1)
HUw
where CT is the CT-number value in Hounsfield units, y, is the attenuation coefficient of
water in m™ and p is the local linear attenuation coefficient averaged over a voxel (or image

pixel) in m™. The oil saturation is obtained from the measured CT data by using the following

equation:

1 CTwo — CTwet (6_2)

° ¢ CT,-CT,

where CT,j;, CTyet and CT,y, are respectively the measured attenuation coefficients for the oil-
saturated core, water-saturated core and core containing oil and water phases. Note, that the
contribution of rock to the total measured attenuation was eliminated by using a subtraction
algorithm. The CT scanner used in this study is a third-generation SAMATOM Volume Zoom
Quad slice scanner. The setup is placed on the end of the couch of the CT scanner and the core-
holder is fixed vertically to the edge of the couch. The imaging settings used in the
experiments are listed in Table 6.3. The X-ray tube of the CT scanner is operated at a voltage
of 140 kV and a current of 250 mA. CT images were taken in the vertical direction from the
top to the bottom of the core sample. The thickness of the CT image was 3 mm. The sequential
scan mode is used for imaging acquisition with a CT slice thickness of 1 mm and 8 CT slices
in each series of scans. A typical slice image consists of 512 x 512 pixels with a pixel size of
0.3 x 0.3 mm. Since the noise for CT images typically ranges from 3 to 20 HU, the accuracy of

the measured fluid saturations error was within +2 %.

Table 6.3: Setting parameters for the CT Scan measurements

Parameter (units) Value/Condition
Tube voltage (kV) 140
Tube current (mA) 250
Slice thickness (mm) 1.0
Pixel size (mmxmm) 0.3x0.3
Filter B40-medium

Scan mode Sequence
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6.3.3 Experimental Procedure

The basic sequence used to perform the core-flooding experiments is as follows:

(1) CO, was flushed through the dry core for 30 min at 5.0 bar injection pressure to remove the
air,

(2) Brine was injected at a flow rate of 1.0 cm®min for more than 10 pore volumes, while
maintaining the backpressure 25.0 bar to ensure complete CO, dissolution in brine and 100%
core saturation with brine,

3) Primary drainage, i.e. oil was injected into the core under gravity-stable conditions (from
top to bottom) at 1 cm®/min until a connate water saturation was reached,

(4) Imbibition, i.e. brine was injected into the core (imbibition) equally under gravity-stable
conditions (from bottom to top) until un-swept oil remained; water flooding continued at
different flow rates to construct the first part of the CDC curve,

(5) Combinations of the surfactant solution and glycerol, designed to increase capillary number
(Ca) and to mobilize the residual oil, were injected into the core (chemical flooding).

Table 6.4 gives an overview of the experiments performed in this study. Two methods, A
and B, were used for the chemical flooding to check whether the order in which chemicals are
injected makes a difference to the ultimate recovery factor. In method A, water flooding was
followed by the injection of glycerol at different concentrations, up to 85 wit%. Then,
increasing amounts of the surfactant blend were added to the water phase that already contains
85 wt% glycerol. In method B, water flooding was followed by the injection of a surfactant
solution blend, with increasing concentrations, from 0.0005 to 1.0 wt%, covering values below
and above the critical micelle concentration. Then, increasing amounts of glycerol, up to 85

wit%, were added to the solution with the highest surfactant concentration (1.0 wt%).
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Table 6.4: Overview of the experiments performed in this study using method A.

. . . Controlled Velocity  FlowRate . IFT
Displacing Fluid Variable Value (m/day) (cm3/h) Viscosity (MN/m)
. Flow Rate
Brine (cm®h) 15 0.32 15 1 45
. Flow Rate
Brine (cm/h) 30 0.64 30 1 45
. Flow Rate
Brine (cm/h) 60 1.27 60 1 45
30 wt% of - -
Glycerol Viscosity (cP) 2.5 1.27 60 25 45
50 wt% of . .
Glycerol Viscosity (cP) 5.82 1.27 60 5.82 45
65 wt% of . .
Glycerol Viscosity (cP) 10.5 1.27 60 10.5 45
ol Viscosity (cP)  24.6 1.27 60 24.6 45
Glycerol
85 wt% of IFT (mN/m) 378 1.27 60 37.8 45
Glycerol
0.0005 wt%o of
Surfactant + IFT (mN/m) 41 1.27 60 37.8 41
85%Glycerol
0.001 wt%o of
Surfactant + IFT (mN/m) 20.7 1.27 60 37.8 20.7
85%Glycerol
0.005 wt%o of
Surfactant + IFT (mN/m) 55 1.27 60 37.8 55
85%Glycerol
0.1 wt% of
Surfactant + IFT (mN/m) 2.5 1.27 60 37.8 2.5
85%Glycerol
0.5 wt% of
Surfactant + IFT (mN/m) 1.9 1.27 60 37.8 1.9
85%Glycerol
1wt%o of
Surfactant + IFT (mN/m) 15 1.27 60 37.8 15

85%Glycerol

6.4 Results and Discussion

This section presents the results of the three core-flooding experiments performed in this
study. The first and second experiments were performed using method A. The second
experiment was a repeat of the first one to check reproducibility. In the first experiment, the
core was CT scanned at several time intervals to map the fluid saturations and to gain a better
insight into the displacement processes. The third experiment, was performed using method B.
Below we discuss the desaturation features induced by the different fluids in terms of the CT

scan images and saturation profiles obtained by Egs. (6-1) and (6-2), which applied slice-
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averaged attenuation coefficients.

6.4.1 Fluids Properties

Fig. 6.2 shows the viscosity of the brine/glycerol mixtures and the IFT between the
glycerol/brine mixture and hexadecane as a function of glycerol content in the aqueous phase.
It was found that the glycerol/water viscosity ranges from 1 and 60 cP, as the glycerol content
increases from 0 to 90 wt%, is in good agreement with data published in the literature (Cheng,
2008). In the experiments presented in this study, the shear rates of fluids inside the porous
media varied between 1.0 to 30.0 1/s for the range of flow rates that were used (Yerramilli et
al., 2013). However, glycerol is a Newtonian fluid, which has the (big) advantage that its
viscosity is independent of shear rate, unlike polymers.

The IFT between hexadecane and brine/glycerol decreases slightly from 46.0 to 43.0
mN/m, i.e. by about 6.5%. These data clearly show that the addition of glycerol to the aqueous
phase has a minor effect on the IFT between oil and brine/glycerol. Therefore, the premise of
this study is that adding glycerol increases the capillary number by increasing the viscous
forces and not by reducing the capillary force. Fig. 6.3 shows the Surface Tension (ST)
between air and a 1:1 AOS:FC blend in brine versus surfactant concentration. The CMC could
clearly be determined as 5.0 + 0.3 x 10> mN/m. The downward concave shape of the ST curve
suggests that the ST was not measured at equilibrium. The reason for the slight decreasing
tendency of the ST above the CMC. is not completely clear. It is probably due to the slow
kinetics of adorption of the surfactant at the oil/water interface. Two concentrations below the
CMC. and one above were selected and the corresponding residual oil saturation was
obtained. The noteworthy point here is that the different surfactant concentrations were added
to the last concentration of the glycerol/brine solution, which was 85% wt of glycerol in water.
It was not possible to go above the 85% glycerol solution, because some water is needed in the

solution in order to dissolve the surfactants in the glycerol solution.
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Fig. 6.2: Viscosity of glycerol/water mixture in the range of 1-60 cP as its concentration increases up to 90%
weight percent. Interfacial tension (IFT) between the water/glycerol solution and n-hexadecane (oleic phase)
slightly varies from 46 to 43 mN/m. The uncertainty of the measured viscosity and IFT data were within £0.05

and £0.1, respectively.
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Fig. 6.3: Surface tension between air and different surfactant mixtures (1:1 AOS:FC) concentration. CMC of
surfactant solution is 5x10°° weight percent. The uncertainty of the measured surface tension data was within +0.1.

6.4.2 Chemical Flooding

CT scans and saturation maps. Fig. 6.4 includes the CT scan images and corresponding

saturation profiles obtained at the end of the primary drainage, the imbibition and at the

different stages of the chemical injection. In the CT images, the colour blue/green represents

the oil phase and the colour red indicates the water phase.
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The first CT scan image was obtained at the end of the primary drainage. The second image
is at the end of the water flooding. The third image was obtained at the end of glycerol
flooding containing 85 wt% of glycerol. From the fourth image, surfactant-glycerol flooding
was executed using 85 wt% of glycerol and the following surfactant concentrations: 1) 0.1
wit%, I1) 0.5 wt% and I11) 1.0 wt%. As flooding switched from water to glycerol and, then, to
surfactant-glycerol, the density of the colour red increased, which corresponds with the

reducing oil saturation in the porous media.
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Fig. 6.4: (a) CT images and (b) corresponding oil saturation profiles, during different stages of core-flooding.
The core was water-flooded by brine after primary drainage. Then it was flooded with a water/glycerol mixture
containing 85 wt% of glycerol. Finally, it was flooded with surfactant/water/glycerol containing 85 wt% of
glycerol and the following surfactant concentrations: 1) 0.10 wt%, I1) 0.5 wt% and Ill) 1.0 wt%. The average

residual oil saturation at the end of surfactant-glycerol flooding was 0.15. The accuracy of the measured fluid
saturations error was within +2 %.

The oil saturation profiles during different stages of the core-flooding obtained from the
images are shown in Fig. 6.4b. After primary drainage, the core was water-flooded with brine.
The water-flooding residual oil saturation was approximately 0.40. This value is consistent
with the data reported in the literature for similar core and fluids (Simjoo et al., 2013). Then,
glycerol flooding, including 85 wt% of glycerol, was performed which led to an average
residual oil saturation of 0.34. Residual oil saturation started decreasing further after injection
of the surfactant-glycerol solution, including 85 wt% of glycerol and different surfactant
concentrations: 1) 0.1 wt%, I1) 0.5 wt% and I11) 1.0 wt%. The average residual oil saturation at

the end of the surfactant-glycerol flooding was 0.15.

6.4.3 Capillary Desaturation Curves
Fig. 6.5 shows the capillary desaturation curves obtained from the three chemical injections
experiments performed in this study. Note, that in this study the capillary number is defined by

this equation:



134 Chapter 6

Ca=uu,/o (6-3)

where u is the Darcy velocity, u,, is the viscosity of the displacing fluid and o is the interfacial
tension between the oil and the displacing fluid. Other definitions of the capillary number have
been used in the literature (Larry et al., 2014) but Eq. (6-3) is the most adequate for the case
where the displaced oil is at residual saturation when the chemical injection starts.

The first and second experiments in Fig. 6.5 were carried out under exactly the same
conditions, based on procedure A (refer to Section 2.3) to check the reproducibility of the data.
The third experiment was carried out using the second procedure (i.e. B), by injecting the
surfactant solution after water flooding and, then, injecting the water/glycerol mixture. The
CDC curves show that increasing the injection rate of the water (brine) flooding has hardly any
effect on the residual oil saturation, i.e. there will be no extra oil production with increasing
water injection rates in the range investigated. Regardless of the detailed injection procedures,
at critical capillary numbers between 10° and 107 the residual oil saturation, the Sor decrease
sharply until it they reach approximately 5% at a capillary number Ca = 107. This value is
lower than those obtained in optimized alkali-surfactant formulations (Chou & Shah, 1981;
Larry & Johns, 2014). It clearly indicates that the brine/glycerol/surfactant composition is
potentially a highly effective chemical for enhancing oil recovery.

The data in Fig. 6.5 also show that procedure B, surfactant flooding followed by
surfactant/glycerol flooding, has a higher critical capillary number at which the residual oil
saturation starts to decrease. This leads to a lower final residual oil saturation than procedure
A, even though the final capillary number is higher. The reason for this difference is not
completely clear, but we suspect that injecting the surfactant immediately after water flooding
leads to the formation of emulsions and to redistribution of the residual oil, which complicates
the displacement from the core. The CDC curves shown in Fig. 6.5 are qualitatively similar to
those reported in the literature (Abeysinghe et al., 2012; Bashiri & Kasiri, 2011; Ding &
Kantzas, 2004; Johannesen & Graue, 2007; Maldal et al., 1999). However, they are innovative
in two essential ways: 1) the CDC curves for the system consisting of glycerol and surfactants

(AOS/FC blend) as the aqueous solution displacing the oil phase are reported here for the first
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time, as far as this study’s authors are aware, and 2) the same core was used to cover the entire
range of capillary numbers required to observe the desaturation, whereas in the literature

authors often used different cores.
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Fig. 6.5: Capillary Desaturation Curve (CDC) for the Bentheimer sandstone with two different procedures: 1) The
blue and red curves are according to procedure A, which was stated in Section 2.3 and in Table 6.4: Water
flooding — Water+Glycerol solution injection— Water+Glycerol+AOS:FC solution injection. 2) The green curve
is according to procedure B (mentioned in Section 2.3): Water flooding— AOS:FC solution
injection—Water+Glycerol+AOS:FC solution injection. CT images and oil saturation profiles of the first scenario
(A) of the construction of CDC were illustrated in Fig. 6.4. The accuracy of the measured residual oil saturation
error was within +2 %.

6.5 Conclusion Remarks

We have investigated whether aqueous solutions of glycerol and AOS+FC surfactant blend
have the potential to enhance oil recovery from water-flooded sandstone reservoirs. The CDC
for the system n-hexadecane/brine in Bentheimer sandstone cores was obtained by injecting
brine at increasing superficial velocities, at increasing viscosities (by the addition of glycerol)
and at decreasing interfacial tensions between the oil and displacing fluids (by the addition of
an AOS+FC surfactant blend). Upon increasing the capillary number from approximately 10™

to nearly 107, a steep decrease in residual oil saturation above a certain critical capillary
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number was observed. This is a clear indication that an adequately formulated system of
brine/glycerol/surfactant could be an EOR system with a performance similar to those of the
more classical ASP systems. We do not claim that our new formulation is more successful than
traditional chemical EOR methods (mainly ASP) in terms of the recovery factor, but we
believe that, at an equal recovery factor, the new chemical formulation, consisting of a
glycerol/water/surfactant blend, has distinctive advantages under certain reservoir conditions,

as explained in this chapter.
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Chapter 7

Summary and Conclusion

7.1 Summary

This thesis presented an extensive study on various aspects of ASF flooding process for
EOR. It provides insight into hybrid EOR processes that are of a combination of immiscible
gas and chemicals injection in sandstone reservoir. We wanted to discover the mechanism of
oil displacement by ASF flooding in terms of 1) formation of oil bank, 2) transport of
dispersed oil, and 3) movement and pushing of oil bank and dispersed oil by foam. The main
premise of this thesis is whether immiscible foam flooding as an EOR technique can be
improved by ASF flooding by a combination of the mechanisms of ASP EOR and Foam EOR
methods? The first part of the thesis, chapters two and three, is devoted to numerical
simulation and mechanistic modelling of the Foam flooding EOR process and the ASP
flooding EOR process. Knowledge obtained from these two chapters formed the basis for
further study of the behavior of foam in bulk and porous media in the presence of oil. The
second part, chapters four to six, is based on the systematic laboratory experimental study of
ASF EOR in the bulk and in the consolidated porous media conditions, and subsequently
proposing a novel chemical EOR approach. Below we will give a summary of the main

findings obtained in this thesis.
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7.2 Conclusion

The study presented in Chapter 2 demonstrated an integrated approach for the numerical
simulation of foam transport in porous media with and without the oleic phase. First, the LE-
IT) foam model was matched to the foam core-flood experiments in the absence of the oleic
phase, by taking into account the foam dry-out phenomena, the rheological characteristics
along with shear thinning properties and the foam-quality regimes. The parameters of the
water-saturation and the shear-rate dependent functions (F, and F;) were determined by
history-matching the foam quality-scan data at the steady-state condition in the low/high
quality regimes. The corresponding parameters of F, and F4 functions were then used to model
the effect of surfactant concentration on the pressure build-up induced by foam. The
parameters of the surfactant-dependent function (F;) were obtained by matching the numerical
and experimental pressure drop data for the transient and steady-state conditions.

Then, the numerical simulation of foam flooding in the presence of water-flooding residual
oil was performed by estimating the oil-saturation dependent function of the foam mobility
interpolation factor. The numerically calculated pressure drop fitted well with the experimental
lab data of the transient and steady-state foam generation and propagation in the presence of
oil. Two distinct regimes of incremental oil production were captured by the numerical
simulation, first by the formation of an oil bank and, then, followed by a long tail production.
The results obtained showed that the developed numerical model reproduced the main feature
of the transient and steady-state foam flow regimes in presence of the oleic phase. This was
supported by a good match between pressure and oil recovery profiles, obtained numerically
with those obtained from the foam flooding EOR experiment in the Bentheimer sandstone core

samples.

In Chapter 3, a mechanistic model was developed to explore the causes behind the high oil
recovery factor of the ASP flooding EOR at under-optimum salinity conditions. The ASP
flooding process was modelled by a predictive model with appropriate physics to fully capture
the underlying mechanisms including the surfactant phase behaviour as a function of effective

salinity, temperature and co-solvent concentration, fluid rheology, oil desaturation, and
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geochemical reactions. To take into account the effect of geochemical reactions occurring in
the core, EQBATCH, the built-in geochemical module of UTCHEM, was used through which
the initial equilibrium conditions, the CEC (cation exchange capacity) and HEC (hydrogen
exchange capacity), were calculated.

From the study, it was noticed that there are other factors influencing the injected ASP slug
salinity that affect the surfactant phase behaviour of the process. These factors were identified
as: alkali-rock reactions, the initial salinity state of the reservoir, the influence of brine in water
flooding and the chemicals in the ASP slug, causing a shift in the ASP slug salinity. The
obtained results from numerical simulation showed an excellent match of the numerical
simulations with the experiments and results obtained for the oil-cut, pressure drop, cumulative
oil recovery, pH profile, surfactant, and carbonate concentration in the effluents. Based on the
ASP flooding design, the effective salinity was perpetually under-optimum below the lower
salinity limit. The high oil recovery factors were independent of ultralow IFT values (less than
10 mN/m) and low residual saturation values were obtained at the lower optimum salinity
limit.

After the chemical breakthrough, higher values of effective salinity for the ASP slug (0.466
mequiv/mL, 2.5 wt% NaCl) were noticed than the designed salinity for the experiment (0.34
mequiv/mL). This variation in salinity is attributed to the geochemical reactions, including a
desorption of ions such as Na* from the rock through a cation exchange, which influences the
alkali consumption as well. The divalent cations form complexes with the surfactants that
influence the salinities. Furthermore, the alcohol co-solvent in the ASP slug also influences the
optimal salinities of the micro-emulsion. Thus, the presence of surfactants and alcohol in the
ASP slug causes higher effective salinities than the polymer drive through the divalent cations
complexes included in the geochemical reaction model. According to the effective salinity
calculated during the ASP EOR process, the numerical simulation developed in this work can
be used to reject the ASP flooding systems which could lead to the over-optimum salinity
condition. This reduces the risk of a surfactant trapping and losses due to a migration of
surfactant into the oil-rich phase in over-optimum salinity conditions in the field.

The pH profile of the simulation showed a higher value for the alkali front than the
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measured data, even though less carbonate was recovered in the simulation than in the
measured data. The main source of alkali consumption was found to be the exchange reactions
between H* and Na’. This exchange capacity was seen to shift the point of the chemical
breakthrough and corresponding pH and carbonate fronts. The alkali consumption after the
chemical breakthrough in the simulation was lower than in the experiment. This could be
improved by taking into account (1) the dissolution of minerals such as quartz even at a pH
below 10, and (2) the dissolution and precipitation of clays such as kaolinite (Al,Si,Os(OH),)

in the geochemical model.

The study in Chapter 4 aimed to discover a synergistic effect between micro-emulsion
phase behaviour and foam stability in bulk and to design a high-performance chemical system
for an optimal Alkali-Surfactant-Foam (ASF) EOR process. A surfactant formulation, giving
ultralow IFT at the optimum salinity and with fairly good foaming characteristics for the
slug/drive of the ASF flooding process, was experimentally achieved.

A water and oil solubilization ratio of 10 in the micro-emulsion phase behaviour test, as a
criterion to get a sufficiently low IFT for a high tertiary oil recovery, was met by all systems
containing 1.0 wt% surfactant. However, for the system of 0.5 wt% of surfactant, this criterion
was only met for the system interacting with acidic oil, where there is in-situ soap generation
assisting IFT reduction. The presented alkali-surfactant formulation in this study lowered IFT
between the oil and aqueous phase from nearly 30 mN/m to 10™* - 10 mN/m. This allows the
chemical formulation to create a considerably lower IFT-foam flooding with a higher capillary
number than conventional foam for displacing trapped oil from porous media.

The effect of the alkalinity on foam stability could be attributed either to screening the
repulsive forces between the ionic head group resulting from cationic-anionic-type interaction
and decreasing double layer repulsion or to the change in the micelle structure from spherical
micelles to other more complex structures. A large amount of in-situ soap generation resulted
in diminishing foam stability. This observation could be interpreted by the rapid spreading of
oil droplets that have a low surface tension over the lamella, resulting in augmenting the

curvature radius of the bubbles and decreasing the surface elasticity and surface viscosity. This
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subsequently can cause a rupture in the foam structure by creating weak spots over the
interfacial lamella film.

Less foam stability at a significantly low IFT between the aqueous phase and oleic phase
can also be explained by the fact that the gas-liquid interface is more mobile at a lower surface
tension, which tends to increase the rate of liquid drained out of the plateau border. At lower
surface tensions, the capillary suction at the plateau border (which is against gravity) is smaller
and, therefore, the rate of foam drainage is greater. Thus, uneven thinning and instabilities of
the film might happen, which will cause acceleration of film drainage and lamellar rupture.
The classical phenomenological parameters, such as spreading and entering coefficients, have
been used with some success and similarities in the current trend of research; however, foam
performance by these parameters does not correlate with the foam stability to oil for most of

the experiments.

In Chapter 5, the oil displacement efficiency by chemically designed foam flooding was
investigated experimentally. Three chemical formulations (AS1, AS2, AS3), capable of
generating stable foam in porous media in absence and presence of oil while reducing the IFT
to low and ultralow values, have been examined. Core-floods were performed, using an AS
formulations providing low to ultra-low oil/water IFT, in addition to being good foaming
agents with nitrogen into Bentheimer sandstone. The foaming of the three AS formulations in
core-floods experiments in the absence of oil gave rise to gas mobility factors ranging from
894 to 282. A blend of two anionic surfactants with co-solvent (AS3) was developed both to
increase the MRF and to decrease the IFT by at least three orders of magnitude. Experiments
with the AS3 chemical formulation in the absence and presence of oil were monitored by an X-
ray CT scanner and, during foam propagation, demonstrated the stable foam front and liquid
desaturation movements. CT images elucidated the transient foam flow behaviour, which is the
most relevant to enhanced oil recovery.

The obtained results were compared against the typical AOS foam flooding as a base case
(AS1), and resulted in the higher oil recovery and significantly less MRF for the low IFT foam
than the base case experiment. Considerable portions of oil, recovered in the AS1 experiment,

formed an oil-in-water emulsion, but produced oil by AS3 gave much higher level of clean-oil-
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cut. Fairly low IFT-foam flooding (AS2, AS3) recovered oil at the tertiary stage by a
mechanism of improving volumetric sweep efficiency and by increasing microscopic oil
displacement. These results indicated an improvement of lowering IFT during foam EOR and
necessity of having a sufficient foam strength. This means that ultra-strong foam is not
necessary to prevent a detrimental destabilization effect of oil on foam. The chemical-foam
flooding exhibited a similar characteristic of ASP flooding EOR, such as the production of a
large oil bank at a high oil-cut before producing oil/emulsion. The obtained results proved that
microscopic displacement efficiency in foam flooding can greatly be improved by reducing
capillary pressure. This research demonstrated that low microscopic efficiency of foam

flooding is due to the bypassing of trapped oil due to a high capillary pressure.

Chapter 6 reports on an experimental study of new chemical EOR method that has the
potential to overcome several of the drawbacks of using polymer and alkali. The new chemical
EOR method consists of the combination of a non-polymeric viscosity enhancement compound
and a blend of two surfactants. We have investigated whether aqueous solutions of glycerol
and a AOS+FC surfactant blend have the potential to enhance oil recovery from water-flooded
sandstone reservoirs. The performance of this chemical formulation was evaluated by a series
of core-flood tests on Bentheimer sandstone cores under stable gravity conditions with the aid
of X-ray Computed Tomography. The capillary desaturation curves of a new chemical EOR
method for the Bentheimer rock was constructed. Upon increasing the capillary number from
approximately 107 to nearly 107, a steep decrease in residual oil saturation above a certain
critical capillary number was observed. This is a clear indication that an adequately formulated
system of brine/glycerol/surfactant could be an EOR system with a performance similar to
those of more classical ASP systems. For the proposed new chemical EOR method, the use of
polymer and alkali is not required, which prevents the polymer and alkali issues for EOR, such
as degradation and low injectivity of polymer, alkali precipitation and scaling in the well and

surface equipment. This makes the presented new chemical EOR robust.
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