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A B S T R A C T

Carbon dioxide (CO2) storage in geological reservoirs is an effective approach to mitigate greenhouse gas 
emissions. However, salt precipitation induced by dry CO2 injection can reduce injectivity, thereby affecting 
storage efficiency and operational stability. This study investigates the impact of rock permeability on halite 
precipitation patterns and their influence on CO2 injectivity through core-flooding experiments. Using four 
distinct cores, three homogeneous and one heterogeneous under controlled conditions, we analyse the dynamic 
processes of brine displacement, water evaporation, salt accumulation, and permeability evolution with real-time 
computed tomography (CT) imaging and multiple fluid pressure sensors. Results indicate that permeability 
contrast redistributes brine and changes the location of salt deposition. Permeability impairment is not governed 
by initial permeability alone; instead, it reflects the combined influence of permeability, porosity, mineral het
erogeneity, capillary retention, and local flow-path blockage. Salt precipitation is more dispersed in heteroge
neous cores compared to homogeneous cores, where under our experimental conditions, it predominantly 
accumulates near the injection point. Furthermore, permeability impairment varies with initial rock properties, 
with higher-permeability cores experiencing more severe injectivity reduction due to increased pore clogging. 
These findings highlight the importance of incorporating reservoir heterogeneity in predictive models for CO2 
storage operations. Understanding the dynamic interplay between brine migration, salt crystallization, and 
permeability evolution is crucial for optimizing long-term injectivity and ensuring the viability of geological 
carbon storage.

1. Introduction

Carbon capture and subsurface storage (CCS) plays a crucial role in 
mitigating greenhouse gas emissions, particularly carbon dioxide (CO2), 
which is the largest contributor to climate change [16]. In recent de
cades, several large-scale carbon capture and storage (CCS) projects 
have been developed worldwide, including the Sleipner and Snøhvit 
projects in Norway, the In Salah project in Algeria, and the Quest project 
in Canada [10,31]. These projects demonstrated the technical feasibility 
of CCS and provided valuable data on CO2 storage capacity, injection 
rates, and monitoring techniques. In order to efficiently keep CO2 un
derground for the long term, different types of geological formations 
serve as potential reservoirs for CCS, such as depleted oil and gas 

reservoirs, saline aquifers, and basalt formations [1,24].
Salt precipitation occurs in the near-wellbore area during the CO2 

injection, which introduces the risk of injection impairment 
[4,6,12,17,19]. [15] combined pore-scale observations, core-flood data, 
and field reports in a multi-scale synthesis and concluded that dry CO2 
injection dries the near-well zone and drives capillary-induced brine 
evaporation, which causes halite precipitation at the advancing dry-out 
front; [26] recently reported that the Quest CCS site in Canada had a 
reduction in CO2 injectivity due to salt precipitation in the wellbore. The 
invading CO2 pushes the mobile water in the reservoir away from the 
injection well. As water gradually evaporates into CO2, the salinity of 
formation water increases until it reaches the supersaturation point of 
salt. Salt starts to crystallize and accumulate inside the pores, which has 
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the potential of partially or completely blocking local pores and 
reducing the initial permeability. [9] reported a porosity reduction of 6 
% and permeability impairment of 70 % in a core flooding experiment 
under a 25 wt% NaCl brine environment. They observed that salt crys
tals clogged the pore spaces and aggregated around rock grains. [33]
systematically described the dynamic process of halite precipitation in 
the pores with homogeneous and heterogeneous grain structures. They 
captured that salt could reduce the maximum 15 % porosity in the 
microfluidic system and illustrated the impacts of CO2 injection direc
tion and capillary-driven backflow on salt aggregation in the porous 
domain.

The heterogeneity of rock permeability mainly affects two aspects: 
non-uniform CO2/water distribution during CO2 displacement and 
capillary-driven water backflow caused by capillary pressure gradient 
[30]. As schematically shown in Fig. 1, dry CO2 injection causes three 
zones in the reservoir: dry-out zone, unsaturated zone and brine- 
saturated zone. With water evaporation, water diffuses into the dry 
CO2 flow, which leads to a brine saturation gradient across the dry-out 
front [14]. That in turn results in capillary-driven backflow of water 
from water clusters in the unsaturated zone towards the dry-out zone 
[7]. Some studies proposed that the salt patterns depend on a critical 
flow rate, below which capillary forces dominate the viscous forces 
[8,20,34]. When the flow velocity of CO2 exceeds the critical velocity, 
salt precipitates uniformly at the macroscopic scale. When the velocity is 
below the critical threshold, capillary pressure induces the backflow of 
residual brine, transporting solutes towards the injection point, where 
salt ultimately precipitates. However, few studies have proved this 
theory through direct experimental observations and there is no 
comprehensive model for defining the critical flow rate [6,29].

On the other hand, the reservoirs naturally contain complex 
permeability of sedimentary formations, giving rise to the issues in the 
variation of capillary pressure corresponding to the permeability, from 
the perspectives of both microscopic and macroscopic scenarios 
[21,22,27]. During the CO2 displacement, CO2 flow enters more of the 
high-permeability layer (yellow region marked with ‘high k’ in Fig. 1) 
due to the lower capillary pressure in the high-permeability layer. A 
capillary pressure gradient can occur between the two layers with 
different permeability, which induces water movement from the low 

permeability layer to the high permeability layer [25]. It is considered as 
the capillary-driven crossflow between heterogeneous layers. However, 
the influence of permeability on the salt precipitation and its distribu
tion, and their impact on injectivity still need to be investigated. Sys
tematic experimental and numerical investigations are required to 
elucidate the quantitative relationships between reservoir heterogeneity 
parameters and salt precipitation dynamics.

The objective of this study is to examine how rock permeability af
fects salt precipitation behavior, its spatial distribution, and the 
changing injection pressure during CO2 injection. Four core samples are 
used, with permeabilities ranging from 0.1 to 2 Darcy. Three of these 
cores are natural outcrop samples with relatively uniform pore and 
permeability distributions, while the fourth is an artificially created core 
designed to show a heterogeneous pore structure. To observe the salt 
precipitation process in real time, a medical CT scanning system is set up 
in the laboratory. This setup allows for detailed monitoring of the 
location of salt deposition, providing useful insights into the interactions 
between brine, CO2, and the porous medium.

2. Experimental methods and materials

1.1. Experimental setup

Fig. 2 illustrates the experimental setup designed to investigate the 
salt dry-out process during CO2 injection in porous media and used for 
the work described in this report. The system integrates a high-pressure 
CO2 injection apparatus, a medical X-ray CT scanner, and a rock sample 
placed inside a core holder for dynamic imaging and pressure moni
toring. The scanner is the Siemens SOMATOM third-generation CT 
scanner with a voxel size of 23,000 µm3, which enables real-time 3D 
imaging of fluid distribution and salt deposition.

On the left side of the figure, dry CO2 with 99.7 % purity is supplied 
from a gas cylinder (1) and regulated through a Bronkhorst EL-FLOW 
mass flow controller before being injected into the rock sample. The 
CO2 flows through the core holder (6), displacing brine and causing 
water evaporation, which leads to salt precipitation. The temperature is 
controlled by using a heating jacket (4) around the core holder. The core 
holder is placed inside a CT scanning unit (2) that can capture high- 

Fig. 1. Schematic of the capillary-driven backflow during CO2 injection. Three zones, the salt dry-out zone, CO2-brine unsaturated zone, and brine-saturated zone, 
appear after CO2 injection into the two reservoir layers with low and high permeability, which are indicated by using three colours, yellow, blue, and red, 
respectively. The horizontal orange arrows represent the capillary backflow due to the capillary pressure gradient, and the vertical arrows represent the capillary 
pressure difference between layers. (For interpretation of the references to colour in this figure legend, the reader is referred to the web version of this article.)
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resolution images within 5–10 s by emitting X-ray beams through the 
sample. The transmitted signals are processed to reconstruct detailed 
cross-sectional images, enabling real-time monitoring of salt precipita
tion dynamics. The right section of Fig. 2a) presents a 3D reconstructed 
CT scan of the core, where darker and yellow regions indicate precipi
tated salt and remaining pore spaces in the figure, respectively. In 
Fig. 2b), a schematic of the rock sample details its segmentation into 
three regions for the pressure monitoring: the inlet section (21 mm), 
middle (45 mm), and outlet section (21 mm). Four pressure sensors 
(P1–P4) and two differential pressure sensors (dP1 and dP2) are posi
tioned along the core to track real-time pressure changes. These differ
ential pressures can be used to calculate the permeability for the three 
sections reflecting the dynamic permeability changes during salt pre
cipitation. The labelled inlet and outlet directions emphasize the CO2 
flow path. The grey layer is the glue of the core to prevent the water from 
entering the core, and the transparent-yellow layer is the core holder 
made by PEEK plastic (polyetheretherketone). The core is placed in a 
vertical position to reduce the influence of gravity on the salt pattern. 
We use one injection cap with one middle injection point in this work. 
Compared with a uniform distributor, this geometry makes the location 
of the drying front and inlet-proximal salt accumulation easier to iden
tify in CT images. This setup enables dynamic visualization of salt pre
cipitation patterns, providing crucial insights into how salt 
accumulation affects rock permeability and CO2 injectivity.

1.2. Experimental conditions and core properties

In order to investigate the effect of heterogeneity on the salt pre
cipitation, four cores with various permeabilities were used. Fig. 3
presents the core samples used in the experiments, including both 

homogeneous and heterogeneous configurations. The homogeneous 
core samples consist of Bentheimer, Berea, and Fontainebleau sand
stones, each shaped into a cylindrical geometry with a 40 mm diameter 
and 87 mm length.

The homogeneous sandstone cores exhibit relatively uniform inter
nal structure with a lower than two-times difference of heterogeneity in 
horizontal and vertical permeability along the cores. These cores enable 
the assessment of salt precipitation and CO2 flow dynamics under well- 
known uniform permeability conditions. The heterogeneous core com
prises a dual-layer structure with an inner Fontainebleau outcrop core 
embedded within an outer Fontainebleau sand layer. The heterogeneous 
sample should be regarded as a radial permeability contrast rather than 
a direct mimic to a laterally layered reservoir. When the sample is pre
pared, CT scanning can be used to check the contact between the inner 
and outer layers and make sure that there are no obvious gaps along the 
cylindrical interface. The sand layer is grinded and packed from the 
same rock as the inner outcrop core. The inner layer features a perme
ability of 160 mD, whereas the outer layer exhibits a high permeability 
due to the manual packing. We did not separately measure the perme
ability for the outer sand layer but measured the average permeability 
(5243 mD) after packing the heterogeneous core. The inner core radius 
measures 12.5 mm, and the total composite radius extends to 25 mm, 
which allows for emphasizing the effects of permeability variation on 
brine displacement and salt precipitation patterns.

To prevent flow bypassing and ensure controlled CO2 injection, 
epoxy resin fully encapsulates each core sample, as shown in the grey 
region of the homogeneous core. The injection port is positioned at the 
center of the core, directing CO2 into the core.

Table 1 summarizes the permeability, porosity, pore size, and in
jection conditions for different core samples used in the experiments. 

Fig. 2. Schematics of experimental setup and the rock core. a) The connection of the CO2 injection system with the real-time CT imaging unit. An example of 3D 
reconstructed CT image of the rock core is provided. b) A schematic representation of the rock core and holder, along with differential pressure monitoring points 
(dP1 and dP2).

Fig. 3. Comparison of homogeneous and heterogeneous core samples. (a) Homogeneous cores with a uniform structure and a radius of 20 mm. (b) Heterogeneous 
core consisting of an inner Fontainebleau outcrop core (160 mD permeability, radius 12.5 mm) and an outer Fontainebleau sand layer (radius 25 mm). The het
erogeneous core is saturated with water for distinguishing the different rock regions.
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The table presents sectional permeability values for each core, high
lighting variations along the sample length. The Bentheimer core ex
hibits high, anisotropic brine permeability (Section I: 2164 mD, II: 1707 
mD, III: 1393 mD; total: 1950 mD), while the Berea core shows unifor
mity across sections (161–175 mD, total: 166 mD). Fontainebleau dis
plays moderate permeability (155–187 mD, total: 152 mD). The porosity 
of Bentheimer and Berea sandstones is similar (0.22 and 0.18, respec
tively), while Fontainebleau sandstone has a significantly lower porosity 
(0.10), indicating a more compact pore network. The experiments 
employ a 25 wt% NaCl brine for all cores as a high-salinity brines 
relevant to CO2 storage in saline aquifers [11,32]. Injection rates are 
tailored to core permeability heterogeneity: 15 mL/min for the homo
geneous core ensures capillary numbers (the ratio of viscous force and 
the surface tension force, Ca ≈ 10-11) within capillary-dominated flow 
regimes, while the heterogeneous composite core operates at 6 mL/min 
to maintain the stable position of sand in the outer layer. Stepwise rate 
increments (7 steps within one hour injection) under 50 ◦C and atmo
spheric pressure prevent flow shock and stabilize capillary equilibria. At 
atmospheric pressure, CO2 density, water-carrying capacity per unit 
pore volume, viscosity, diffusivity, and phase behavior differ strongly 
from reservoir conditions. The absolute drying rate and the number of 
injected pore volumes required for complete desiccation are therefore 
not directly transferable to deep storage reservoirs, where CO2 may be 
dense or supercritical. Every experiment has been conducted twice for 
checking the repeatability.

The mineralogical composition and pore structure of rock samples 
play a crucial role in controlling capillary pressure and fluid flow 
behaviour. Fig. 4a) presents a comparative analysis of mineral compo
sition, pore structure, and capillary pressure-water saturation relation
ships for Fontainebleau, Bentheimer, and Berea sandstones, providing 
insights into their permeability characteristics and fluid flow behaviour. 
The bar chart on the left illustrates the mineralogical composition, 
where Fontainebleau sandstone exhibits the highest SiO2 content (~99 

%), indicating a highly mature quartz-dominated structure with mini
mal impurities, resulting in low chemical reactivity and excellent 
permeability stability. Berea sandstone, in contrast, contains only 85 % 
SiO2 with significant amounts of Al2O3 (~6 %) and K2O (~4 %), sug
gesting a higher presence of feldspar and clay minerals. Bentheimer 
sandstone, with 97 % SiO2, lies between the two in terms of mineral 
purity and flow properties. Fig. 4b) depicts the capillary pressure 
(Pc)-water saturation (Sw) relationships. We, therefore, focus the anal
ysis of experiment on the combined effect of pore-scale heterogeneity in 
the cores with the average permeability. [18] demonstrated that the 
heterogeneity in rock porosity determines the distribution of salt de
posits and observed the capillary-driven transport of brine at the pore- 
scale. Fontainebleau sandstone, characterized by large, well-connected 
pores, exhibits the lowest capillary pressure at any given water satura
tion, indicating efficient drainage, low irreducible water saturation, and 
high CO2 displacement efficiency. In contrast, Berea sandstone, with its 
heterogeneous pore structure and finer grains, shows significantly 
higher capillary pressure, leading to stronger capillary trapping of water 
and greater brine retention. Bentheimer sandstone, exhibiting moderate 
pore size and connectivity, falls between the two, showing intermediate 
capillary pressure and water retention behaviour. These trends align 
with classical capillary scaling models, such as Brooks and Corey (1964) 
and van Genuchten (1980), which describe how pore size distribution 
and wettability influence fluid displacement efficiency. The observed 
higher capillary pressure in Berea sandstone confirms a tighter pore 
network with stronger capillary forces, making it more susceptible to 
salt precipitation and CO2 injectivity impairment, whereas Fontaine
bleau's low Pc enables more efficient CO2 migration.

1.3. Experimental procedure

The experiments are conducted in several stages to maintain 
consistent conditions. We begin with general preparation, including 

Table 1 
Core sample properties and experimental conditions.

Core type Brine permeability (mD) Porosity Core length (mm) Brine Injection rate (mL/min)

Section I Section II Section III Total

Bentheimer 2164 1707 1393 1950 0.22 87 25 wt% NaCl 15
Berea 161 165 175 166 0.18
Fontainebleau 164 187 155 152 0.10
Heterogeneous − − − 5243 0.21 

(averaged)
67 6

Working conditions: atmosphere pressure and 50 ℃.

Fig. 4. Comparison of mineral composition and capillary pressure-water saturation relationships for Bentheimer, Berea, and Fontainebleau sandstones [3,5,13].
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mixing brines at the required salinity and degassing them to eliminate 
trapped air. Then, we install the core sample into the core holder and 
drill the differential pressure (dP) measurement ports on the holder. 
After setting up the entire system, we perform a helium leak test to make 
sure the system is leak-free. The basic procedures for the whole exper
iment are listed below: 

• CO2 saturation stage: the core is first saturated with CO2 at a constant 
flow rate of 15 mL/min for approximately five pore volumes (PV). 
We then carry out a CO2 permeability test at different flow rates. 
Since the experiment is performed at atmospheric pressure, gas 
compressibility effects can be neglected.

• Brine saturation stage: For brine saturation, we initially inject a low- 
salinity brine (1 wt% NaCl) with a flow rate of 5 mL/min for 3 PV and 
connect the system to a vacuum pump to make sure the core can 
achieve almost full brine saturation. After the core is fully saturated, 
we close the outlet valve to allow pressure to build above atmo
spheric levels and set the backpressure to 10 bar to dissolve 
remaining gas in the brine. The brine permeability test is performed 
using the low-salinity brine. We then inject high-salinity brine to 
prepare the core for at least 20 PV to fully saturate core with high- 
salinity brine. After brine saturation, the outlet was connected to 
the downstream tubing and maintained at atmospheric pressure 
during CO2 injection; no back-pressure regulator was used. Prior to 
CO2, a brine retraction about 10 cm away from the inlet port is 
conducted to minimise the risk of salt precipitation near the injection 
zone.

• CO2 flooding stage and dynamic CT scanning: Once brine saturation 
is completed, the system is depressurized back to the room pressure 
and 50 ℃ controlled by the heating bath. CO2 is injected, and the 
flow rate is gradually increased in steps to avoid flow shocks until 
reaching the required value. CO2 injection is kept in the entire 
experiment. During the flooding experiment, the system is monitored 
for pressure, and real-time imaging is conducted using a CT scanner. 
These imaging results are processed to analyse porosity changes, 
saturation distributions, and permeability reductions caused by salt 
precipitation.

The details of data and image processing are described in the 
Supplementary material.

3. Results and discussion

1.1. Typical behaviour of dynamic halite precipitation in homogeneous 
rock

This section provides a detailed presentation of one representative 
case from the six homogeneous core flooding experiments, specifically 
the Berea outcrop sandstone. The rest of the results of experiments in the 
Bentheimer sandstone and Fontainebleau sandstone are shown in the 
Supplementary material. CT scanning enables precise monitoring of the 
spatial and temporal evolution of salt precipitation, including its dis
tribution and morphology.

Fig. 5 illustrates the final salt deposition at the top surface of core as 
well as the dynamic progression of salt precipitation during CO2 injec
tion. In Fig. 5a), the white granular structures represent precipitated 
salt, which is predominantly located near the inlet region and exhibits a 
circular radial pattern. This distribution indicates that salt precipitation 
intensifies closer to the injection point, which is further confirmed by the 
false-colour images, where higher salt concentrations correspond to 
increased density, resulting in stronger red intensities (higher Houns
field units). The CT images at different injection times in Fig. 5b provide 
additional validation of this trend. These images are based on original 
CT scans with color mapping applied to differentiate materials of 
varying densities, enhancing the visualization of salt deposition patterns 
without altering the raw data structure. The yellow regions in the central 
part of the core are due to the selection of a single CT scan slice, where 
large pore spaces result in lower grayscale values (1270) compared to 
denser salt particles (1685). Initially, the core appears predominantly 
blue, representing low-density air-filled pore space in its dry state. Upon 
saturation with a 25 wt% NaCl brine solution, the pores become filled 
with high-salinity brine, shifting the colour representation toward red. 
After 10 pore volumes (PV) of CO2 injection, brine displacement is 
evident, yet capillary end effects cause residual water to accumulate at 
the bottom of the core. As the injection progresses to 508 PV, a notice
able reduction in brine volume occurs, accompanied by salt precipita
tion at the centre top of the core (manifested as a protrusion at the rock 
boundary in red). At 1471 PV, a significant reduction in residual water at 
the bottom of the core is observed. With continued salt precipitation at 
the top, by 4300 PV, the core has undergone complete drying, and salt 
accumulation remains concentrated near the injection inlet. The find
ings suggest that capillary-driven backflow plays a crucial role in 
transporting brine upward, overcoming gravitational forces, and 
contributing to the salt deposition pattern. The salt likely accumulates 
more on the surface of the middle core at middle region due to the dry 

Fig. 5. Images of dynamic salt precipitation process in the Berea core. (a) shows a top-view image of the core after complete salt precipitation, where the white 
regions in the upper image correspond to solid salt deposits. (b) illustrates the evolution of salt precipitation during CO2 injection, depicting the spatiotemporal 
distribution of salt formation.
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gas coming first from the middle injection point. Segmented salt-phase 
images for different cores can be found in Section 3.3, where a more 
detailed quantitative analysis is provided.

Fig. 6 illustrates the dynamic changes of CO2 saturation and porosity 
along the Berea core during CO2 injection experiment. Following CO2 
injection, water saturation is non-uniform from the top to bottom of the 
core. In the bottom section of the core (70–83 mm), water saturation 
remains close to 80 % due to the capillary-end effect (highlighted in the 
red rectangular box) [2]. In contrast, in the upper section of the core 
(0–35 mm), the average CO2 saturation reaches 0.48, while in the 
middle section (35–70 mm), it stabilizes at 0.43. During the initial in
jection phase (10–100 pore volumes (PV)), a noticeable increase in CO2 
saturation occurs in the top and bottom sections of the core (0–70 mm), 
with an average increment of 0.1 % and a growth rate of 4.3 × 10− 4 per 
PV. In the subsequent injection period (100–508 PV), the rate of CO2 
saturation increase slows down due to the water evaporation, with 
average saturations of approximately 0.6 in the upper section and 0.5 in 
the middle section. The average rate of CO2 saturation increases further, 
then declines to 6.8 × 10-5 per PV, which is also the water evaporation 
rate into the CO2 stream. Between 508 and 4300 PV, salt precipitation 
becomes obvious at the top of the core (0–15 mm), leading to a notable 
decline in CO2 saturation because of the pore blockage. As water grad
ually evaporates, the salt front advances deeper into the core. It should 
be noted that the plotted saturation profiles are not uniformly spaced in 
injected pore volumes. Once salt precipitation became visible near the 
inlet, the CT scanning interval is increased because the following anal
ysis focuses on permeability evolution before and after salt formation 
and on the final dry-out state. Therefore, the transition from 1815 PV to 
4300 PV represents a large accumulated injection interval rather than an 
instantaneous jump between two adjacent scans. Meanwhile, in the 
middle section (35–70 mm), CO2 saturation continues to increase slowly 
but steadily, with an average rate of 1.2 × 10-4 per PV. This value is 1.9 
times higher than it was in the previous injection period, which is 
consistent with the observation in our other work in the micromodel 

[33]. A significant rise in CO2 saturation is also observed at the lower 
section of the core (70–83 mm), where the water saturation depletes. By 
4300 PV, the zone of reduced CO2 saturation at the core top extends to a 
depth of 15 mm, indicating that the salt front has propagated to this 
depth. In the remaining sections of the core, CO2 saturation approaches 
1.0, signifying complete drying of the core.

Additionally, based on image analysis and measured CO2 saturation 
data, a dynamic porosity evolution curve is generated, as depicted in 
Fig. 6b. Overall, the porosity distribution remains relatively uniform 
without significant large-scale heterogeneity. The initial average 
porosity of the rock is 0.18, with slightly higher values at the top (0–15 
mm) and bottom (70–83 mm), while the rest of the core maintains a 
porosity of 0.175. At the final condition of salt dry-out, the variation in 
porosity aligns closely with changes in CO2 saturation. Upon complete 
drying of the core, a significant porosity reduction is observed in the top 
section, where it declines from 0.18 to 0.05 due to salt deposition. The 
extent of porosity reduction gradually decreases between 5–15 mm, 
eventually approaching the initial porosity value. Salt precipitation is 
primarily concentrated near the injection point, and no significant 
porosity reduction is observed in the rest of the core.

Fig. 7 presents the differential pressure evolution across two sections 
of the core during CO2 injection, which reflects the impact of salt pre
cipitation on flow dynamics. The dark grey curve represents core Section 
1 (0–21 mm), while the green curve corresponds to core Section 2
(21–65 mm). Section 2 shows an initial pressure response associated 
with gas breakthrough and then stabilizes rapidly, indicating that the 
main connected gas pathway in the downstream section was established 
early. In contrast, Section 1 shows a gradual step-wise pressure increase 
before approximately 500 PV. We interpret this early response as an 
inlet-proximal resistance evolution caused by brine redistribution, 
evaporation-induced salinity increase, incipient salt crystallization and 
intermittent local pore/throat obstruction near the injection region. 
After approximately 500–600 PV, a sharper pressure increase becomes 
visible, concurrent with the onset of detectable salt precipitation near 

Fig. 6. Evolution of salt precipitation and porosity reduction of Berea core during CO2 injection. a) shows dynamic saturation of CO2 along the core. The colour of 
curves from yellow to blue represents the increasing injection time. b) shows the core porosity at initial and final conditions. The porosity reported in this study is not 
the intrinsic rock porosity. It is a CT-derived proxy of porosity. (For interpretation of the references to colour in this figure legend, the reader is referred to the web 
version of this article.)
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the inlet. This indicates that early local restrictions gradually evolved 
into more significant salt-induced blockage of primary flow pathways. 
Between 1400 PV and 2000 PV, the pressure begins to rise gradually, 
and salt precipitation progressively reduces permeability near the inlet. 
This trend intensifies between 2000 PV and 2300 PV, where the pressure 
increase accelerates. We attribute this to rapid pore blockage, which 
further restricts flow and indicates that salt crystallization is driving 
further porosity reduction and permeability impairment. After 2300 PV, 
the differential pressure starts to decrease, which indicates that residual 
water is evaporating and most of the salt has already precipitated. In the 
final injection stages, the pressure stabilizes and salt dry-out is nearly 
complete. In addition, the stable pressure profile in section 2 confirms 
that salt precipitation is largely concentrated near the inlet (section 1), 
where brine evaporation and capillary effects play a dominant role in 
precipitation patterns.

We present the 3D reconstruction of salt distribution along the three 
homogeneous cores, as shown in Fig. 8. It is worth noting that 3D re
constructions capture only the internal rock volume of the cores and do 
not include the salt that accumulated on the external top surface. The 
surface salt accumulation is instead visible in the photographs and 
colorized 2D projections (as shown in Fig. 5 and the Supplementary 
Material). The 3D reconstruction of salt in the heterogeneous core is 
not shown in this paper, due to low contrast between the low- 
permeability rock and salt which causes difficulty in distinguishing in 
the low-permeability region. Overall, the high-permeability Bentheimer 
core exhibits a more continuous and internally distributed salt accu
mulation, with obvious salt presence extending from the top towards the 
bottom of the core. As permeability decreases, salt precipitation 
increasingly localizes at the external surface rather than within the core 
interior. Consequently, both the Berea and Fontainebleau cores display a 
“ring-like” salt accumulation pattern at the top section of the cores. This 
annular morphology is particularly pronounced in the Fontainebleau 
core, where precipitation is more strongly concentrated at the surface 
and the apparent thickness of the salt “ring” is smaller. This behaviour is 
possibly attributed to the lower porosity of the Fontainebleau sandstone 
(~0.10) compared with the Berea core (~0.20). In addition, a distinct 
internal annular salt band is observed in the midsection of the Berea 
core. This band coincides with a relatively dense lamina that is intrin
sically less permeable than the surrounding rock. However, Bentheimer 
has a more open and connected pore network with more permeable and 

variable across sections. Therefore, salt precipitation is distributed more 
continuously along the upper part of the core instead of forming a 
narrow internal band. During CO2-brine displacement, capillary forces 
promote enhanced brine trapping within this layer, which ultimately 
leads to preferential salt precipitation and formation of the ring-shaped 
band. Salt accumulation is also observed at the downstream end (bot
tom) of the core, where the capillary-end effect causes brine retention 
and the subsequently localized salt clustering.

1.2. Typical behaviour of halite precipitation in heterogeneous rock

The core contains the inner cylindrical rock with a lower perme
ability of Fontainebleau (160 mD) and the outer layer of well-grinded 
sand from Fontainebleau rock (~2000 mD). The experimental condi
tions are the same as those in the homogeneous cores: 50 ℃ and at
mospheric pressure.

Fig. 9 illustrates the dynamic evolution of salt precipitation in a 
heterogeneous core. Fig. 9a) presents top-down views of the core after 
salt dry-out, showing a circular salt deposition pattern with a high- 
density ring near the center of the core. Unlike the homogeneous core 
in Fig. 5a), the heterogeneous core exhibits a higher amount of salt 
accumulated, which implies that salt dry-out and water redistribution 
processes are influenced more by the permeability contrast between two 
core layers. Fig. 9b) provides CT images at various time points that 
capture the progression of salt accumulation during CO2 injection. The 
colorized CT images represent relative X-ray attenuation rather than 
permeability directly. In the initial brine-saturated state, the low- 
permeability inner sandstone shows a higher apparent attenuation 
because of its denser rock framework and lower porosity, whereas the 
packed high-permeability sand layer has a lower bulk attenuation. High- 
permeability low-permeability At the early stage of injection (~50 PV), 
the high-permeability layer transitions to darker and lighter shades of 
orange, while the low-permeability core retains its red colour. This 
suggests that CO2 preferentially permeates through the high- 
permeability layer, which has a lower entry capillary pressure 
compared to the inner rock. Brine retention is notably higher at the 
bottom of the core, influenced by the capillary-end effect. In contrast to 
a homogeneous core, the heterogeneous permeability structure in this 
scenario leads to a preferential distribution of brine towards the inner 
core. During intermediate stages of injection (720 and 1200 PV), salt 

Fig. 7. Profile of differential pressures for the Berea core. The dark charcoal and green curves present the pressure change of Section 1 (0–21 mm) and Section 2
(21–65 mm) of the core, respectively. The flow rate is shown in the red-dotted curve. (For interpretation of the references to colour in this figure legend, the reader is 
referred to the web version of this article.)
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precipitation becomes evident at the upper boundary. Instead of a uni
form deposition layer seen in homogeneous cores, salt preferentially 
accumulates at the interface between the low-permeability and high- 
permeability layers, indicating that permeability contrast influences 
the location of precipitation. As the injection progresses, salt deposits 
extend upwards, with an increase in precipitation intensity. By 3000 PV 
of CO2 injection, pronounced salt structures protrude at the top 
boundary of the low-permeability core, with the salt boundary extend
ing towards the top of the high-permeability sand layer. However, at this 
stage, there is no visible advancing salt front penetrating, especially in 

the high-permeability layer.
Fig. 10a) delineates the spatiotemporal evolution of CO2 saturation 

within the heterogeneous core assembly. Initially, the core remains fully 
saturated with brine. By 1 PV, CO2 preferentially migrates through the 
high-permeability outer sand layer and flushes most brine at the section 
of 0–10 mm from the top. The rest of the core shows low gas saturation. 
The axial gas distribution exhibits pronounced undulations. For 
example, at 20–40 mm and 50–60 mm along the core, the gas saturation 
(Sg) reaches about 0.1, whereas other segments are near zero. With 
continued CO2 injection, these contrasts sharpen. By 1200 PV (pore 

Fig. 8. 3D reconstruction of salt in three homogeneous cores.
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volumes injected), the 20–45 mm interval shows an average Sg ≈ 0.3, 
with a local maximum of ≈ 0.5 at 35 mm; elsewhere Sg increases only 
slightly. This indicates that the gas–water contact becomes progressively 
more stable yet strongly heterogeneous, governed by the pronounced 
heterogeneity of the grain framework near the outer core region. At 
3000 PV, the spatial pattern persists but with higher overall Sg. By 5772 
PV, parts of the 30–40 mm interval reach Sg ≈ 1, evidencing early dry- 
out there, while other zones, especially 10–25 mm and 45–68 mm, 
retain substantial water. Consistent with the CT images, this residual 
water is concentrated in the inner lower-permeability domains.

Fig. 10b) illustrates the differential pressure variation between the 
inlet and outlet, showing the effect of salt precipitation on flow resis
tance. In the early injection stage (0–200 PV), pressure remains rela
tively stable, with minor fluctuations corresponding to CO2 
breakthrough. Unlike in the homogeneous core, where pressure in
creases gradually as salt deposition progresses uniformly, the hetero
geneous system experiences abrupt fluctuations. After 5500 PV, 
differential pressure begins to increase, indicating that most of the salt 
has precipitated and residual brine has evaporated, enhancing gas 

mobility. Unlike in the homogeneous core, where pressure stabilizes 
smoothly, the heterogeneous core exhibits prolonged pressure fluctua
tions, suggesting that localized salt deposits continue to restrict CO2 flow 
in specific regions. One point worth noting is that a higher-permeability 
core takes a longer time to reach the completed dry-out conditions. 
Bentheimer and heterogeneous sandstones take more than two times 
longer to have the total dry-out than Berea and Fontainebleau 
sandstones.

1.3. Impact of permeability on halite precipitation

To evaluate the influence of heterogeneity on salt precipitation, we 
have plotted the porosity change for four cores and the salt pattern in 
each core, as shown in Fig. 11. The initial (yellow) and final (blue) 
porosity distribution along four cores in Fig. 11 a) illustrates the impact 
of salt precipitation on pore-filling. In the more homogeneous cores, 
porosity reduction is relatively monotonous, with the most significant 
decline near the top due to evaporation-induced salt deposition at or 
near the first point of contact of the injected CO2 and the brine-filled 

Fig. 9. Images of dynamic salt precipitation process in the heterogeneous core. (a) shows the salt patterns after the completed salt dry-out. (b) presents the dynamic 
processes of salt precipitation until 3000 PV injection.

Fig. 10. CO2 Saturation and Differential Pressure in a Heterogeneous Core. (a) gives the dynamic CO2 saturation along the core during the experiment; (b) shows the 
differential pressure variation. The differential pressure is the total pressure difference between the inlet and outlet.
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core. In contrast, highly permeable and more heterogeneous cores 
exhibit irregular porosity reduction, particularly near permeability in
terfaces where capillary-driven backflow of brine promotes localized 
salt accumulation. The dashed red line represents salt penetration depth, 
which extends deeper in high-permeability cores, as CO2 displaces brine 
more efficiently, allowing salt to precipitate further into the core. One 
note is that the calculation of porosity in this heterogeneous core is not 
as accurate as in other cores due to the residual water in part of the core, 
which induces illusions with more porosity reduction by salt (actually, it 
is water) in some sections of the core. With the help of the segmented 
image of salt in Fig. 15b, we can determine that no visible salt pene
trated the deep region of the heterogeneous core. Therefore, the dashed- 

red line is placed on the top of the core. Lower-permeability core 
(Fontainebleau) shows shallower position of salt distribution inside 
cores (15 mm), while higher-permeability core (Bentheimer) has the salt 
distribution into the 55 mm depth of the core. Notably, the hetero-core 
gives almost no salt penetration into the core and most salt precipitates 
at the surface of the core, which reflects that permeability contrast plays 
a key role in determining salt distribution.

Fig. 11b) presents segmented CT images, where red represents salt 
deposits, and blue indicates CO2-filled pore space. Homogeneous cores 
exhibit continuous salt layers at the top, significantly reducing perme
ability and restricting CO2 flow. In contrast, heterogeneous cores 
develop dispersed salt clusters, primarily forming at permeability 

Fig. 11. Comparison of salt precipitation in four cores. (a) shows the porosity distribution along four cores. The yellow curves are the initial porosity, and the blue 
curves are the final porosity distribution. The porosity reported in this study is not the intrinsic rock porosity. It is a CT-derived proxy of porosity. (b) gives the 
segmented salt in the CT images. The red colour represents the salt, while the blue colour represents the CO2 phase. (For interpretation of the references to colour in 
this figure legend, the reader is referred to the web version of this article.)
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boundaries and within low-permeability zones, suggesting that capillary 
effects and brine redistribution strongly influence salt precipitation 
patterns. This phenomenon is not observed in homogeneous cores, 
which also implies that enhanced brine backflow and preferential flow 
paths within the high-permeability sand layer contribute to localized 
supersaturation and accelerate salt crystallization. The final salt distri
bution affects CO2 mobility, as homogeneous cores experience wide
spread permeability loss, creating higher flow resistance, whereas 
heterogeneous cores exhibit localized clogging, which may result in 
preferential flow pathways. These findings emphasize the importance of 
permeability heterogeneity in controlling salt deposition depth, distri
bution, and its impact on CO2 injectivity and long-term storage 
efficiency.

Fig. 12 presents the relationship between normalized pressure and 
normalized injection time for four different cores. The normalized 
pressure and injection time are given by the division between the real- 
time values and the maximum value during injection. These plots pro
vide insight into how permeability and heterogeneity influence pressure 
buildup during CO2 injection. The distinct curves correspond to different 
core types. The initial pressure decrease in the heterogeneous core re
flects preferential CO2 flow through the high-permeability outer layer 
and brine redistribution away from connected gas pathways. This 
behaviour contrasts with the homogeneous cores, where the gas 
pathway is less strongly partitioned and pressure increases more directly 
once evaporation-induced salt precipitation starts to restrict inlet- 
proximal pores. At later times, the heterogeneous core also shows 
pressure buildup because salt accumulates at the permeability interface 
and near the injection surface. Bentheimer core occurs the increase first 
at about 0.1 normalized injection time. Berea and Fontainebleau cores 
present similar moments of starting increase in pressure. In the trend of 
increase, Berea shows more fluctuation in the normalized pressure 
compared to the other two cores, which is attributed to localized salt 
precipitation controlled by internal laminae and mineralogical hetero
geneity. These features can retain brine locally and promote preferential 
halite crystallization. The subsequent partial blockage and reopening of 
connected pathways produce the observed pressure fluctuations. After 
the relatively linear increase, all homogeneous cores present a slower 
increase, which indicates that the process of salt precipitation is close to 
being completed. In general, the higher-permeability core (Bentheimer) 
occurs salt precipitation earlier than the lower-permeability cores 

(Berea and Fontainebleau). At the end of salt precipitation, the pressures 
for the three homogeneous cores reach the highest values and remain 
stable. Compared to homogeneous cores, the heterogeneous core dis
plays more complex pressure responses and takes a longer time to 
appear salt precipitation until 0.8 normalized injection time, which re
flects the water relocation due to the capillary cross-flow and perme
ability contrast effects and the delayed response for the salt 
precipitation. Due to the pressure transducers being directly connected 
to the tubing, the pressure reflects inside the entire system. Therefore, 
we do not consider the mechanical instability from the core materials 
and setup that can influence the pressure response.

1.4. Impact of halite precipitation on CO2 injectivity

To better understand the impact of halite precipitation on rock 
permeability, the CO2 permeability reduction along the length of the 
core samples is evaluated, as shown in Fig. 13a. This figure shows the 
quantified permeability loss (k/k0, equivalent to CO2 injectivity) in 
different sections of the cores, near section 1 (0–21 mm), section 2
(21–65 mm), and across the entire core length.

The most significant permeability loss occurs in Section 1 (0–21 mm) 
due to capillary-driven backflow, where brine is drawn toward the 
drying front and results in pore-blocking by halite deposition near the 
injection point. This accelerates permeability decline, particularly in 
high-permeability cores like Bentheimer (2164 mD in section 1), which 
experience nearly complete permeability loss (~99 %), while lower- 
permeability cores such as Berea (161 mD in section 1) retain some 
conductivity (~83 % loss). Section 1 in Fontainebleau (164 mD) pre
sents–89 % permeability loss. This trend provides evidence for the hy
pothesis that halite precipitation induces larger permeability loss in 
higher permeability cores. In Section 2 (21–65 mm), permeability 
impairment varies significantly (9–90 %), depending on rock type and 
brine redistribution. Although high permeability does not imply stron
ger capillary backflow, in high-permeability and high-porosity sand
stones, CO2 can penetrate more efficiently and expose a larger internal 
pore volume to evaporation, which allows halite to precipitate deeper in 
the core and to block critical flow pathways.

One interesting finding is that Fontainebleau (187 mD) has a higher 
permeability in section 2 than Berea (165 mD), while the permeability 
loss is much less. This can be caused by the smaller porosity, where the 

Fig. 12. Normalized pressure VS normalized injection time for four cores.
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pore space is smaller and the local capillary pressure is higher. The 
comparison between Berea and Fontainebleau shows that porosity and 
capillary retention must be considered together with permeability. 
Although Fontainebleau has a comparable sectional permeability in part 
of the core, its lower porosity and stronger capillary retention promote 
shallower salt localization and a different permeability-loss response. 
Therefore, the results in Fig. 13a could be interpreted as evidence of 
coupled permeability-porosity-mineral heterogeneity control rather 
than a simple permeability trend. However, the result in the heteroge
neous core shows a contradictory phenomenon, where the high 
permeability region does not induce a higher permeability loss. This is 
because most of the brine is accumulated at the top of the core surface, 
as shown and discussed in Section 3.3, which indicates that the stronger 
local heterogeneity of rock results in a different pattern of brine back
flow and halite deposition.

Fig. 13b presents the normalized permeability-porosity correlation 
and illustrates how permeability declines as porosity decreases due to 
halite precipitation. The porosity–permeability relationship is described 
in [28] as: 

k
k0

=

(
φ − φc

φ0 − φc

)n

(1) 

where k0 is the initial permeability of the core, φ, φ0, φc are the final 
porosity, the initial porosity and the critical porosity below which rock 
permeability drops to zero, and n is a fitting exponent. In sandstones, the 
value of n is 1 ≤ n ≤ 6 and the critical porosity has a range of 0.8 φ0 to 
0.9 φ0 [35]. In this study, we take the value φc = 0.8φ0. From the 
measurement in experiments, the result is consistent with the above 
relationship at the exponent n = 5. The Verma-Pruess relationship is 
used here only as an empirical reference for normalized permeability- 
porosity trends, not as a mechanistic predictor of localized salt clog
ging. Because halite precipitation is strongly localized near the inlet and 
at permeability interfaces, the REV assumption behind a bulk poros
ity–permeability correlation is only partly satisfied. The mismatch be
tween localized damage and bulk porosity is now emphasized as a 
limitation of the correlation. These observations are consistent with 
previous numerical and experimental studies showing that dry CO2 in
jection can generate a local evaporation front, increase brine salinity, 
and induce halite precipitation near the injection region [15,20,23]. The 
localization of salt near the inlet also agrees with core-scale and field 
observations of injectivity impairment [4,26]. Compared with earlier 
homogeneous-core experiments, the present CT data further show that 

radial permeability contrast can redirect brine toward interfaces and 
surfaces, producing salt patterns that cannot be explained by a uniform- 
core capillary-backflow mechanism alone.

4. Proposed mechanism for halite precipitation in rock cores

Fig. 14 illustrates the halite precipitation mechanisms due to CO2 
injection and dry-out in homogeneous and heterogeneous cores. During 
CO2 injection into a porous rock, the displacing CO2 phase pushes brine 
out of the pore space, and the core retains residual brine (e.g., Sw ≈ 50 
%). When the injection rate stabilizes, the brine distribution reaches a 
quasi-equilibrium state. As water progressively evaporates into the CO2 
phase, brine reaches halite solubility limit and halite crystallizes. 
Accumulated halite crystals are formed in the porous structure and 
significantly reduce rock porosity, which results in higher capillary 
forces. The difference between this halite-induced capillary force and 
the intrinsic capillary pressure of rock drives capillary-driven brine 
backflow, where brine migrates back toward the CO2 injection zone. The 
extent of this backflow is determined by the magnitude of the capillary 
pressure gradient. The brine movement depends on the local force bal
ance between the viscosity force and the capillary force [15]. Besides, 
the inherent hydrophilicity of halite crystals absorbs the brine through 
brine films along the rock grains, which enhances the brine gathering to 
form brine clusters [33].

In high-permeability cores (e.g., 4000 mD), lower intrinsic capillary 
pressure results in a shorter distance of brine backflow and deeper halite 
precipitation within the rock matrix. Conversely, in low-permeability 
cores (e.g., 160 mD), a stronger difference in capillary pressures pro
mote more extensive brine migration, leading to shallower halite 
deposition closer to the injection point. Additionally, the gap between 
the core and the injection port contributes to the halite distribution. The 
drier CO2 phase near the injection point results in the initial halite 
precipitation near the injection location. This enhances further brine 
redistribution and localized halite accumulation at the injection inter
face. The accumulated halite within the porous medium reduces 
porosity and further enhances local capillary pressure in pores. As halite 
deposition continues and pore connectivity diminishes, CO2 perme
ability declines significantly and a substantial reduction in injection 
efficiency is observed.

In heterogeneous systems, such as a low-permeability core (160 mD) 
encapsulated by a high-permeability outer layer (4000 mD), capillary 
pressure contrasts between the two layers significantly influence brine 
relocation and halite precipitation patterns. After CO2 injection, the low- 

Fig. 13. Permeability reduction for four cores. (a) presents the permeability reduction in section 1 (0–21 m), section 2 (21–65 mm), and the total length of each core. 
(b) gives the normalized permeability-porosity correlation.
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permeability core retains a higher water saturation with stronger 
capillary forces, while the high-permeability layer maintains a lower 
capillary forces, which is shown as the two grey circles on the capillary 
curves in the right part of Fig. 14. With the process of salt precipitation, 
the capillary pressure differential between the two layers (grey-dashed 
arrow) drives capillary cross-flow from the low to the high-permeability 
layer. The surface of the two layers has halite precipitation, as the raw 
image of the inlet cap shows in Fig. 9a. As halite precipitates close to the 
injection point and on the surface of the core, the low-permeability re
gion accumulates more halite and forms a halite boundary between two 
layers. Therefore, the combined contributions of capillary-driven brine 
backflow and crossflow induced by the strong capillary forces result in 
an ultimate halite concentration at the surface of the heterogeneous 
core, which is more pronounced than it is in homogenous cores.

5. Conclusion

This study presents a systematic investigation into the effects of 
reservoir rock permeability and heterogeneity on halite precipitation 
and CO2 injectivity impairment using core-flooding experiments 
coupled with real-time CT imaging. The results demonstrate that the 
spatial distribution of halite precipitation is heavily influenced by rock 
permeability variations. In homogeneous cores, halite predominantly 
accumulates near the injection point due to capillary-driven backflow, 
forming a concentrated blockage that significantly reduces perme
ability. In contrast, heterogeneous cores exhibit more complex halite 
deposition patterns, with brine migration occurring across permeability 
interfaces, which leads to the distributed halite accumulation rather 
than localized pore clogging. The heterogeneous core represents a 
simplified near-wellbore radial permeability contrast system. The results 
are therefore most applicable to local composite structures, fracture- 
adjacent regions, and permeability contrast zones near injection 
points. Extrapolation to reservoir-scale heterogeneity is not reproduced 
in the laboratory core. The permeability reduction in homogeneous 

cores follows a more predictable trend, whereas heterogeneous forma
tions exhibit irregular injectivity decline due to permeability contrasts 
and capillary cross-flow effects. These findings highlight the necessity of 
incorporating reservoir heterogeneity into predictive models for CO2 
storage operations.

Moreover, the study underscores the role of permeability-dependent 
capillary pressure gradients in controlling halite precipitation dynamics. 
The experimental observations in the homogeneous cores confirm that 
higher-permeability cores experience more severe injectivity reduction 
due to larger pore spaces facilitating brine redistribution. This enhances 
the localized halite supersaturation and crystal growth. Conversely, in 
low-permeability zones, stronger capillary forces lead to shallower 
halite deposition closer to the injection point. In addition, the lower 
porosity in the rock leads to a lower halite penetration and permeability 
reduction, which reflects the fact that the porosity is also playing an 
important role in the halite precipitation. However, one note is that the 
permeability is not the only factor determining the salt precipitation. We 
state that the salt-induced permeability loss depends on the interaction 
between initial rock properties, pore connectivity, capillary redistribu
tion, and mineral heterogeneity. We therefore avoid claiming a uni
versal monotonic relationship between initial permeability and 
injectivity impairment. These insights suggest that optimizing CO2 in
jection strategies, such as flow rate regulation and careful selection of 
the injection reservoir with well-known permeability, porosity and rock 
properties, may help mitigate halite precipitation risks. Future research 
will focus on integrating experimental data into numerical models to 
refine predictions of injectivity decline under varying reservoir condi
tions, thereby contributing to the long-term effectiveness of geological 
CO2 sequestration.
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