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 A B S T R A C T

The global energy transition requires novel carbon utilization methods to enable integrated and optimized low-
carbon energy production. Coupling CO2-based geothermal energy extraction with CO2-enhanced oil recovery 
(EOR) represents a promising yet largely unexplored approach for improving resource efficiency and carbon 
sequestration. This study investigates the integration of CO2-Plume Geothermal (CPG) energy production 
with CO2-EOR in mature oil reservoirs using numerical simulations of conceptual heterogeneous reservoir 
models. The interplay between EOR and CPG performance in terms of energy production and CO2 storage is 
evaluated and compared to understand the geotechnical implications of this integration. The analysis highlights 
that initiating CPG operations after EOR significantly benefits from the established CO2 plume, facilitating 
immediate and efficient geothermal energy extraction. Results show that integrating CPG with EOR increases 
total energy recovery by 20%–50% relative to the energy produced by EOR alone, yielding CPG thermal power 
outputs ranging from 13 to 23 MWth/km2. Continued CO2 injection during CPG operations further increases 
total CO2 storage by 80%–280%, driven primarily by improved volumetric sweep of previously unswept 
reservoir volumes and enhanced CO2 density resulting from reservoir cooling. While reservoir heterogeneity 
strongly influences oil recovery during EOR, its effect on CPG thermal output is less pronounced, since native 
reservoir fluids (oil and brine) have already been largely displaced during the EOR stage, and the CO2 plume 
gradually stabilizes over time. These findings demonstrate the viability and advantages of integrated CO2-
EOR and CPG systems, offering insights into novel methods essential for sustainable subsurface resource 
management and climate-change mitigation.
1. Introduction

The gradual increase in global surface temperature, referred to as 
global warming, is mainly attributed to the accumulation of greenhouse 
gases, such as carbon dioxide (CO2), in Earth’s atmosphere (IPCC, 
2022). Capturing CO2 from the atmosphere or directly from emis-
sion sources and storing it in deep geologic formations – known as 
Carbon Capture and Storage (CCS) – has emerged as a pivotal strat-
egy for achieving the global decarbonization goals to mitigate the 
impact of climate change. However, the combined capacity of exist-
ing, under-developed, and planned CCS facilities is still only a small 
fraction of what is required to meet climate targets (Institute, 2021). 
Given the economic challenges associated with CCS, which hinder 
the financial investment needed for its broad implementation, innova-
tive approaches are essential to commercialize current carbon storage 
schemes and facilitate the widespread deployment of large-scale CCS 
projects.
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Following its capture, CO2 can be considered a valuable resource, 
rather than merely a waste product that requires disposal. This per-
spective, known as Carbon Capture, Utilization, and Storage (CCUS), 
involves capturing CO2 through different mechanisms and generat-
ing additional economic benefits (Orr, 2018; IEA, 2021), prior to its 
permanent disposal. Current research on the subsurface utilization of 
CO2 focuses primarily on two main applications: (1) increasing oil 
recovery from mature hydrocarbon fields by injection of miscible CO2
into the reservoir (also known as CO2 enhanced oil recovery, or CO2-
EOR), and (2) utilizing CO2 as the subsurface working fluid for the 
extraction of geothermal energy, both of which permanently store 
CO2 in deep geological formations. However, these methods are typ-
ically considered and studied independently, overlooking the potential 
benefits and/or challenges of coupling them. For instance, extracting 
geothermal energy using CO2 as a working fluid from hydrocarbon 
reservoirs where CO2-EOR was conducted would enable the use of the 
already established CO2 plume in the subsurface, existing CO2-suitable 
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wellbores, and much of the infrastructure on site. This approach could 
potentially improve the sustainability and economic viability of subsur-
face applications of CCUS. However, to the best of our knowledge, there 
has not yet been comprehensive research investigating the potential of 
this integrated approach.

One particular CO2 utilization method was introduced and named 
by Randolph and Saar in 2011 (Randolph and Saar, 2011), namely CO2-
Plume Geothermal (CPG). The CPG technology combines geothermal 
energy extraction with CO2 storage in deep (>2 km) geological for-
mations, thereby reducing CO2 emissions to the atmosphere and thus 
contributing to mitigating global warming (Randolph and Saar, 2011; 
Zhang et al., 2014; Garapati et al., 2014, 2015; Adams et al., 2014, 
2015; Ezekiel et al., 2020). CPG is added to CCS operations and in-
volves injecting CO2 into naturally porous and permeable sedimentary 
reservoirs, such as deep saline aquifers or hydrocarbon reservoirs, to 
extract geothermal energy. As the produced CO2 is reinjected into the 
CO2 storage formation after giving up energy in a heat exchanger or 
turbine, the CO2 is ultimately stored in the deep geologic reservoir, 
resulting in CO2 Capture, Utilization and Storage (CCUS).

The literature extensively discusses the advantages of using CO2 as 
the working geofluid over water to extract geothermal energy (Brown, 
2000; Pruess and Azaroual, 2006; Esteves et al., 2019; Zhong et al., 
2023), particularly when used in naturally permeable formations, as 
opposed to usage in Enhanced Geothermal Systems (EGS) as shown in 
Fig.  3 in Randolph and Saar (2011). The main reason for the often 
improved performance of CO2 over water is that supercritical CO2
exhibits a significantly lower kinematic viscosity than water under 
typical reservoir conditions at 2–5 km depth. This lower viscosity 
allows for increased fluid mass flow rates due to reduced frictional 
losses within the reservoir, resulting in higher rates of heat extraction, 
despite CO2 having a lower heat capacity than water (Randolph and 
Saar, 2011; Adams et al., 2014). Moreover, because CO2 has a higher 
thermal expansivity compared to water, its density is more sensitive to 
temperature variations. This characteristic leads to the establishment of 
significant buoyancy-driven thermosiphon flow between injection and 
production wells, potentially reducing or even eliminating the need for 
costly pumping (Atrens et al., 2009; Adams et al., 2014, 2015).

CPG systems in deep saline aquifers have been extensively studied. 
For instance, in addition to the above-cited CPG publications, Garapati 
et al. (2015) explored the performance in terms of energy extraction 
and reservoir heat depletion of CO2-limited CPG systems and for the 
first time investigated brine displacement by the CO2 during CPG op-
erations as well as the use of a horizontal production well. Adams et al. 
(2021) analyzed heat depletion during CPG operations in homogeneous 
sedimentary basin aquifers and evaluated net electric power generation 
under varying reservoir and wellbore conditions. Rangel-Jurado et al. 
(2025) investigated the reduced chemical reactivity of supercritical 
CO2, even when saturated with water, highlighting its potential as 
a superior heat extraction fluid compared to aqueous solutions. Hau 
et al. (2025) demonstrated that integrating CPG operations with con-
ventional CCS enhances CO2 sequestration efficiency, improves CO2
plume control, and provides a stable source of geothermal energy, 
using field-data-constrained simulations of the Aquistore CCS reservoir 
over a 30-year period. Studies have also demonstrated that reservoir 
heterogeneity significantly impacts the performance and energy output 
of both water-based and CPG systems (Zhang et al., 2021; Norouzi 
et al., 2022, 2023; Rangel-Jurado et al., 2023). More recently, studies 
have optimized the surface equipment of CPG systems (Schifflechner 
et al., 2024), and provided techno-economic analyses of CPG and 
other CO2-based geothermal power plants (Rangel-Jurado et al., 2022). 
Lastly, even though implementing CPG in depleted gas reservoirs has 
been investigated (Cui et al., 2016; Ezekiel et al., 2020), the potential 
of CPG in oil reservoirs remains largely unexplored.

Another well-recognized and extensively studied utilization of CO2
is enhanced oil recovery (EOR) (IEA, 2015; Lake et al., 2019), which 
targets the significant amount of residual oil left in the reservoir after 
2 
primary and secondary recovery stages (e.g., waterflooding and CO2
flooding). In a typical CO2-EOR process, CO2 dissolves in crude oil, 
causing it to swell and reducing its viscosity, which enhances its flow 
within the reservoir. Simultaneously, light hydrocarbon components 
dissolve into the CO2-rich phase, facilitating their production at the 
wellbore (Stalkup, 1983). When the pressure exceeds the minimum 
miscibility pressure (MMP), a single-phase oil/CO2 mixture forms, 
further improving displacement efficiency and enabling enhanced oil 
recovery at the production well (Stalkup, 1983; Pedersen et al., 2015).

The literature extensively addresses various aspects of CO2-EOR 
operations, with a primary focus on optimizing oil recovery (Alvarado 
and Manrique, 2010; Karimov and Toktarbay, 2024). More recently, 
researchers have recognized its potential for long-term carbon storage, 
exploring CO2-EOR as a dual-purpose method for oil recovery and 
carbon sequestration (Ampomah et al., 2017; Farajzadeh et al., 2020). 
Significant amounts of subsurface-injected CO2 become trapped in 
geological formations through various mechanisms such as dissolution, 
capillary, and structural trapping. Numerous studies have assessed the 
net carbon balance by comparing CO2 emissions from oil consumption 
and other field activities with the amount of CO2 permanently stored 
through CO2-EOR (Aycaguer et al., 2001; Núñez-López and Moskal, 
2019; Farajzadeh et al., 2020).

Although the geothermal potential of oil reservoirs has been ex-
plored in various contexts, its integration with CO2-EOR operations, 
particularly when using CO2 as the subsurface geothermal working 
fluid, remains unexplored. Several studies have evaluated the geother-
mal resource potential of oil fields (Erdlac et al., 2007; Soldo et al., 
2020; Huang et al., 2022), including converting oil wells into geother-
mal wells using downhole heat exchangers (Shmeleva, 2018; Singh, 
2020) and generating geothermal electricity from co-produced hot 
brine (Milliken, 2007; Li et al., 2014; Kharseh et al., 2015; Liu et al., 
2018). Furthermore, in-situ oil combustion for geothermal power gen-
eration has been explored (Zhu et al., 2019). However, to the best 
of our knowledge, no study has yet examined the use of CO2 as a 
geothermal working fluid in oil fields following CO2-EOR operations, 
while accounting for prior field activity and the effects of reservoir 
permeability heterogeneity.

Therefore, this study explores the geotechnical viability of imple-
menting CPG energy systems in oil fields that have undergone CO2-EOR 
operations. We start by generating reservoir model realizations with 
permeability heterogeneities to simulate the movement of the CO2
plume under typical reservoir conditions. These models account for 
critical factors, such as CO2 channeling through high-permeability 
sections, a common issue in EOR operations which can diminish oil 
recovery rates, and evaluate its impact on the performance of the 
associated CPG system.

We employ multi-phase, full-physics flow simulations that account 
for compositional and thermal effects while incorporating the oil field’s 
operational history, including waterflooding. This integrated modeling 
approach is crucial for accurately assessing system performance. Each 
operational stage’s initial conditions depend on the final conditions 
of the preceding stage, which are influenced by both geological and 
operational factors.

Next, we validate the EOR performance of the conceptual oil field 
models against publicly available data. We then evaluate the geother-
mal power production rates of the CPG system and compare these rates 
with the energy production achieved during the EOR phase.

Finally, to quantify the additional benefits of integrating these two 
techniques, we analyze and compare the CO2 utilization factors. This 
includes estimating the CO2 sequestration rates during both stages and 
calculating the amount of energy produced per unit of CO2 geologically 
sequestered.

This study addresses a critical gap in understanding the integration 
of CO2-Plume Geothermal (CPG) energy production after enhanced oil 
recovery in oil reservoirs. By investigating the geotechnical feasibility 
of this combined approach, our research can offer insights that are 
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expected to pave the way for further investigations into the economic 
implications and overall system optimization for energy generation.

Additionally, our findings could promote the use of geothermal 
energy as a sustainable approach to CO2 sequestration in oil fields. 
This may help shape policy decisions while encouraging more efficient 
and economically viable CO2 Capture, Utilization, and Storage (CCUS) 
operations.

2. Methodology

This section outlines the methodology employed to assess the po-
tential of CPG energy production in oil reservoirs, integrated with 
CO2-EOR operations.

The initial step involves creating various geologic reservoir model 
realizations with different degrees of reservoir heterogeneity, focusing 
solely on the spatial variation of permeability. These models are de-
signed to simulate key processes observed in field applications, such 
as CO2 channeling through high-permeability sections of the reservoir, 
viscous fingering due to the mobility contrast between CO2 and native 
reservoir fluids, and gravity override, caused by fluid density differ-
ences. These phenomena influence several critical factors, including the 
sweep efficiency of the CO2 plume, CO2 mass flow rates, and CO2 and 
thermal breakthrough times. They ultimately affect the incremental oil 
recovery during the EOR operation and the heat extraction performance 
during the CPG operation. In this context, sweep efficiency refers 
to the volumetric sweep of the reservoir rock by supercritical CO2, 
assuming ideal displacement efficiency under miscible conditions (Holm 
and Josendal, 1974; Lee and Kam, 2013).

The following sections provide an in-depth discussion of the static 
geological models utilized, outline the operational stages employed 
during the numerical simulations, and detail the properties and param-
eters applied in the simulations.

2.1. Static geologic models

We use conceptual oil reservoirs represented by numerical three-
dimensional (3D) geologic models generated employing a stochastic 
approach. Each model has a reservoir footprint of 1 × 1 km2 and a 
thickness of 50 m. Other reservoir properties are summarized in Table 
1.

The reservoir models are assumed to be initially hydrostatically 
pressured and geothermally heated (under uniform gradients of
0.1 bar/m and 0.034 ◦C/m, respectively). Under initial conditions, 
the reservoir pore space is assumed to be fully saturated with oil and 
connate formation water.

An inverted five-spot well configuration is employed, utilizing sym-
metry to effectively simulate only one-quarter of the model’s area
(Pruess, 2006; Pan et al., 2016; Ezekiel et al., 2020; Kutsienyo et al., 
2021), as illustrated in Fig.  1. Both the injector and producer wells are 
designed with perforations spanning the entire thickness of the model.

No-fluid-flow boundary conditions are defined at the top and bot-
tom layers of the model, indicating that it is overlain by an imper-
meable caprock, and underlain by a seal rock. Similarly, the lateral 
boundaries are treated as no-flow zones due to symmetry with the 
adjacent inverted five-spot well patterns. Vertical heat transfer at the 
top and bottom boundaries to the surrounding rock is accounted for 
(see Section 2.3).

2.1.1. Geostatistical generation of heterogeneous reservoir models
Spatially varying permeability fields were generated to represent 

reservoir heterogeneity while accounting for the spatial correlation 
(or continuity) of permeability values. A three-dimensional Gaussian 
Random Field Simulator (GRFS), developed by Räss et al. (2019), was 
used to create heterogeneous permeability fields under the assumption 
that the logarithm of rock permeability follows a normal (Gaussian) 
distribution (Robin et al., 1993; Nick et al., 2009; Taheriotaghsara 
3 
Table 1
Key reservoir properties and input parameters for geostatistical permeability-
field generation.
 Reservoir properties
 Property Value Units  
 Reservoir depth 3000 m  
 Reservoir footprint (areal) 1 km2  
 Reservoir thickness 50 m  
 Mean annual surface temperature 15 ◦C  
 Geothermal gradient 0.034 ◦C/m  
 Reservoir initial temperature 120 ◦C  
 Reservoir initial pressure 300 bar  
 Rock density 2650 kg/m3  
 Rock thermal conductivity 2.3 W/m/◦C  
 Rock specific heat capacity 1000 J/kg/◦C  
 Connate water saturation 0.20 –  
 Porosity 0.20 –  
 Permeability (geometric mean) 10a mD  
 Ratio of vertical to horizontal permeability 0.2 –  
 Input for geostatistical (log)permeability-field generation
 Property Value Units  
 Lateral correlation length 700 m  
 Vertical correlation length 5, 10 m  
 Standard deviation 1.5 –  
 Number of realizations 20 –  
a The geometric mean of the reservoir permeability in geostatistically generated 
heterogeneous models.

et al., 2020; Li et al., 2022). The GRFS tool utilizes user-defined input 
parameters (Table  1), including correlation lengths in the x, y, and 
z directions and the standard deviation of the Gaussian random field 
(in base-10 log units), to generate a coherent 3D parameter space for 
log-permeability across all spatial dimensions (Räss et al., 2019).

The simulator employs an exponential covariance function, as de-
tailed by Algorithm 1 in Raess et al. (2019). A minor modification 
was made in this study to adjust the geometric mean of the gener-
ated random field, originally set to 0, to ensure a log(k) mean value 
corresponding to approximately 10 mD (Fig.  1).

We generated twenty realizations of permeability fields to represent 
various heterogeneous oil fields (Fig.  1). The lateral correlation length 
was set to 707 m, matching the distance between the injector and 
producer in the well pattern, to simulate a ‘‘layer-cake’’ lithology. While 
a more detailed analysis could incorporate variations in mineralogy, 
rock classes, and their associated properties, our study focuses on 
permeability variations as the primary representation of heterogeneity 
within the layer. All other parameters were kept consistent with those 
listed in Table  1.

2.2. Operational stages

Oil fields typically undergo multiple stages of development over 
their production lifespan. During the primary recovery stage, oil is 
brought to the surface using the reservoir’s natural pressure, gravity, 
gas cap (if present), artificial lifting methods, or a combination of 
these (Ahmed, 2007). However, oil recovery during this stage is rel-
atively low, typically ranging from 5% to 15% of the original oil in 
place (OOIP) (Christiensen et al., 2001). Following primary recovery, 
secondary recovery methods are employed, with waterflooding being 
the most commonly used technique (Ahmed, 2007; Lake et al., 2014; 
Lyons et al., 2016). While these two stages are widely applied and share 
similarities in approach and methodology, they often leave a substantial 
portion of the OOIP unrecovered (Morrow, 1990). To extract additional 
oil that cannot be recovered through primary or secondary methods, 
tertiary (or enhanced) oil recovery (EOR) techniques are used. Among 
these, miscible gas injection, particularly using CO2, is one of the most 
widely employed methods (Johns and Dindoruk, 2013).
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Fig. 1. Visualization of the geostatistical process used to generate heterogeneous reservoir models. The left plot shows an example histogram of geostatistically 
generated log-𝑘 values, adjusted to achieve a geometric mean permeability of 10 mD. The middle plot shows the corresponding permeability (𝑘) histogram. The 
right panel depicts the inverted 5-spot well pattern for a 1 km × 1 km area and the 20 heterogeneous permeability fields created using this method. The detailed 
geostatistical procedure is described in Section 2.1.1.

Fig. 2. Typical oil field development stages and possible operations during CO2 injection after primary and secondary oil recovery. Our study focuses on integrating 
a CPG energy production stage (Option d), following CO2-EOR, in mature oil fields, excluding dedicated CO2 sequestration, which is beyond the scope of our 
study.
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Fig.  2 illustrates the potential development stages of typical oil 
fields undergoing CO2 injection (a–d). If recovering the remaining oil 
is economically or technically unfeasible, the reservoir can be repur-
posed solely for CO2 sequestration (Option a). Another option involves 
utilizing CO2 injection as an EOR technique to enhance ultimate oil 
recovery. A third option combines these approaches, starting with 
CO2-EOR and transitioning to dedicated carbon sequestration after oil 
recovery is complete. In this study, we propose further extending the 
operational lifespan of the field by integrating a CO2-Plume Geothermal 
(CPG) stage, which produces CO2-based geothermal energy following 
CO2-EOR (Option d).

Our simulations include primary and secondary oil recovery stages, 
CO2-EOR, and CPG operations, employing an integrated modeling ap-
proach. This approach ensures that the initial conditions of each stage 
are informed by the final conditions of the preceding stage (e.g., in 
Option d, the reservoir state at the end of CO2-EOR sets the starting 
conditions for the CPG stage, accounting for various factors, including 
reservoir heterogeneity). Details of the numerical simulation settings 
are presented in the next section.

2.3. Numerical simulation

We use the Generalized Equation-of-State Modeling (GEM) soft-
ware from the Computer Modeling Group (Computer Modeling Group, 
2024b) to perform non-isothermal, multi-component flow and transport 
simulations. GEM is a highly efficient, multidimensional compositional 
simulator, based on an equation-of-state (EOS) framework. It is ca-
pable of modeling the critical mechanisms involved in miscible gas 
injection processes, including oil swelling, gas condensation, viscosity 
alterations, interfacial tension changes, and miscibility. The following 
sections describe the mathematical and physical framework applied in 
the numerical simulations.

2.3.1. Governing equations and fluid modeling
The flow of fluids in porous media is governed by Darcy’s law, com-

bined with the mass balance of components in the oil, gas, and water 
phases. The mass balance accounts for porosity, phase molar densities, 
saturation, and fluid composition. No mass transfer is assumed between 
the liquid phase hydrocarbons and water. For numerical robustness, 
the governing equations are discretized using the adaptive-implicit 
method (Collins et al., 1992; Nghiem et al., 2004), which combines 
computational efficiency with solution stability.

Thermal effects are critical in these simulations due to the signif-
icant temperature differential between the injected CO2 or water and 
the reservoir. This differential impacts the efficiency of heat extraction 
during the CPG stage. To model these effects, energy balance equations 
are incorporated to track the temperature distribution in the reservoir, 
accounting for convection, heat conduction, and heat losses to the 
surrounding rock layers (Vinsome and Westerveld, 1980). These energy 
equations are solved simultaneously with the mass and flow equations 
to ensure a comprehensive representation of reservoir dynamics.

Fluid modeling and phase behavior calculations were conducted 
using the WinProp simulator (Computer Modeling Group, 2024c), 
which generates detailed pressure–volume–temperature (PVT) mod-
els for compositional systems. Oil composition data were sourced 
from a large Middle Eastern oil field (Al-Mudhafar et al., 2022), and 
hydrocarbon components were grouped into representative pseudo-
components to reduce model complexity. The original oil composition 
and pseudo-components, used in the simulations, as well as their 
calculated thermodynamic properties under initial reservoir conditions, 
are provided in Appendix  A. CO2 was modeled individually as it is the 
injection fluid for both CO2-EOR and CPG processes.

Phase properties were described using the Peng–Robinson equation 
of state (Peng and Robinson, 1976) and viscosity was modeled using 
established correlations (Jossi et al., 1962; Yoonm and Thodos, 1970). 
Gas solubility in the aqueous phases was calculated using Henry’s 
5 
Table 2
Oil phase properties under initial reservoir conditions.
 Property Value Units  
 Gravity 40 API  
 GOR 44 m3/m3 
 MMP 175 bar  
 Viscosity 0.72 cp  
 Density 780 kg/m3  

law with pressure–temperature adjustments (Harvey, 1996). Table  2 
presents the oil phase properties under initial reservoir conditions, 
while Table  A.4 summarizes additional key phase properties of the 
EOS-oil model, including API gravity, gas–oil ratio (GOR), minimum 
miscibility pressure (MMP), viscosity, and density.

The density and viscosity of reservoir brine were calculated using 
the correlations of Rowe and Chou (1970) and Kestin et al. (1981), 
respectively, with salinity effects excluded. Additional details are avail-
able in the GEM User’s Manual (Computer Modeling Group, 2024b) and 
WinProp documentation (Computer Modeling Group, 2024c).

Mineral trapping, other rock–fluid chemical interactions, and their 
geomechanical impacts (e.g., porosity and permeability changes) are 
not included in the models for either the CO2-EOR or CPG stages, as 
they are beyond the primary focus of this study and were excluded for 
simplicity and consistency.

Relative permeability curves for water–oil and gas–liquid systems 
are provided in Appendix  B. Oil relative permeability in the three-
phase system was evaluated using a modified version of Stone’s second 
model (Aziz and Settari, 1979). Capillary pressure and hysteresis effects 
were not considered.

2.3.2. Gridding
Structural gridding is applied to achieve spatial discretization of the 

computation domain, with each grid block measuring 10 x 10 x 1 m, 
resulting in a total of 125,000 cells (i.e., 50 grid blocks in all three 
directions). The grid size is chosen to be at least four times smaller than 
the smallest correlation length in each direction to ensure robust geo-
statistical permeability generation (see Section 2.1.1), as recommended 
by Räss et al. (2019) and Li et al. (2022).

2.3.3. Phase labeling
As addressed by several authors (Bennett and Schmidt, 2017; Hos-

seininoosheri et al., 2018; Sheth et al., 2023) accurate identification of 
phases under reservoir conditions is crucial for compositional numer-
ical simulations involving CO2 injection into oil reservoirs, especially 
when the densities of oil and supercritical CO2 are similar. This similar-
ity often occurs near the injection wellbore, where the cooler CO2 has 
a relatively high density. By default, CMG-GEM utilizes a density-based 
phase labeling method (Computer Modeling Group, 2024b), which 
may result in inaccurate estimations of oil and CO2 volumes in the 
reservoir. Therefore, in this study, we use a phase labeling method that 
determines phase identities based on supercritical conditions using the 
criteria presented by Gosset et al. (1986). Further details are given in 
the GEM User Manual (Computer Modeling Group, 2024b).

2.3.4. Well constraints
Simulations of waterflooding are conducted over a 10-year period 

at a constant injection rate of 0.1 pore volumes per year, calculated 
at the injector bottomhole conditions. Simulation results indicate that 
the water–oil ratio (WOR) exceeds 90% across all realizations, reaching 
approximately 95% in most cases by the end of 10 years. The 10-
year mark is selected as the transition point to CO2 injection, ensuring 
consistency across simulations by maintaining the same volume of 
injected water and thermal depletion due to cold water injection.

After waterflooding, CO2 injection begins at a rate of 0.1 pore 
volumes per year. Due to the preferential flow of gas compared to 
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Fig. 3. Conceptual representation of a CPG system integrated with a CO2-EOR operation. The boundaries of the simulated model and the simulation tools used 
are indicated. The processes occurring between Points 4 and 1 are illustrated to depict the overall considered system, however, they are not included in the 
simulations.
Table 3
Key parameters and constraints for well operations in the simulations.
 Property Value Units  
 Water injection rate 0.1 pore volumes/year 
 Waterflooding duration 10 years  
 CO2 injection rate (EOR) 0.1 pore volumes/year 
 CO2-EOR duration 1 pore volumes  
 CO2 injection rate (CPG) 0.5 pore volumes/year 
 CPG duration 10 pore volumes  
 Surface ambient temperature 15 ◦C  
 CO2 injection bottomhole temperature 50 ◦C  
 Water injection bottomhole temperature 40 ◦C  
 Maximum bottomhole injection pressure 450 bar  
 Bottomhole pressure of producer 300 bar  
 Producer well radius 0.1 m  
 Injector well radius 0.2 m  

liquids, CO2 breakthrough occurs relatively early, leading to a grad-
ual slowdown in incremental oil recovery. Once the incremental oil 
recovery plateaus and the gas-liquid ratio exceeds 90%, typically after 
10 years, the transition from EOR to CPG is initiated (under Option d). 
At this stage, the CO2 injection rate is increased to 0.5 pore volumes per 
year to enhance geothermal heat extraction. For comparison, this rate 
is approximately 2.5 times higher than the injection rate used during 
Phase 1 of the Northern Lights CCS Project (Thompson et al., 2022), 
and about 80% of the rate planned for Phase 2. In mass terms, the in-
jection rates correspond to about 25 kg/s during EOR and 125–130 kg/s 
during CPG operations for the 1 × 1 km2 inverted 5-spot well pattern 
model area.

It is important to note that the reported injection rates (see Table 
3) do not directly reflect the amount of CO2 permanently stored in 
the reservoir, as produced CO2 is recycled into the injection stream. 
Details of the CO2 sequestration aspect of the system are provided in 
Section 3.4.

The model boundaries considered in this study are shown in Fig.  3. 
The schematic illustrates the circulation of CO2, starting from the injec-
tor wellhead (Point 1) to the injector bottomhole (Point 2), through the 
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reservoir to the producer bottomhole (Point 3), and finally arriving at 
the producer wellhead (Point 4). Hydrocarbon and geothermal energy 
production rates are calculated and reported at Point 4 throughout the 
study. The well operating constraints applied in the simulations are 
summarized below:

1. Injector wellhead: The CO2 injection temperature is set at 22 ◦C
(Adams et al., 2015) with the injection fluid being pure CO2
without impurities. The injection wellhead pressure is dynami-
cally back-calculated throughout the simulation to maintain the 
required bottomhole pressure for the defined flow rate. This 
pressure evolves over time with changing reservoir conditions. 
During the CO2-EOR stage, higher surface pressures are initially 
needed to displace reservoir fluids. As CO2 saturation in the 
reservoir increases, the required surface pressure decreases. This 
reduction is further supported by the development of density-
driven thermosiphon flow (Atrens et al., 2009; Adams et al., 
2014, 2015).

2. Injector bottomhole: Based on correlations from the Standard 
Handbook of Petroleum and Natural Gas Engineering (Lyons 
et al., 2016), the subsurface rock fracturing pressure is estimated 
to be 450 bar at a depth of 3000 m, which we apply as the max-
imum bottomhole injection pressure constraint. The bottomhole 
injection temperatures for water and CO2 are set to 40 ◦C and 
50 ◦C, respectively.

3. Producer bottomhole: During waterflooding, the minimum bot-
tomhole pressure is set at 20% below the hydrostatic reservoir 
pressure to enable oil production, simulating a combination 
of primary and secondary recovery methods (such as pump-
assisted production and waterflooding). When CO2-EOR begins, 
the initial (hydrostatic) reservoir pressure (∼300 bar) is used as 
the minimum bottomhole pressure constraint. Reservoir condi-
tions, including pressure, temperature, and fluid composition, 
as well as thermophysical properties of CO2, oil, and water, are 
calculated by CMG-GEM as described previously.

4. Producer tophole: The bottomhole pressure and temperature of 
the produced fluid are transmitted to the surface via wellbore 
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Fig. 4. Incremental oil recovery rates from CO2-EOR simulations across 20 
heterogeneous oil field realizations.

simulations using CoFlow (Computer Modeling Group, 2024a). 
Pressure changes along the wellbore are modeled using the Gray 
correlation (Gray, 1978). The thermodynamic properties of the 
supercritical CO2 (e.g., specific enthalpy, density) at wellhead 
conditions are determined using the CoolProp library (Bell et al., 
2014).

The wellbore model used to simulate transitions between Points 1 
and 2 (injection) and Points 3 and 4 (production) is detailed in Ap-
pendix  C.

3. Simulation results

This section presents the findings from the integrated modeling 
workflow, focusing on both CO2-EOR and CO2-Plume Geothermal 
stages. The results provide insights into the effectiveness of the com-
bined CO2-EOR–CPG system in maximizing resource utilization and 
enhancing overall energy recovery. Although we do not provide a full 
uncertainty quantification, the ensemble of 20 realizations is used to 
illustrate the variability in system performance.

The results are plotted against dimensionless time, 𝑡𝐷, which is 
defined in terms of the pore volume (PV) equivalent of injected fluid: 

𝑡𝐷 = 𝑄𝑡
𝜙𝐴𝐿

, (1)

where 𝑄 is the volumetric injection rate (m3/day) calculated for the 
injector bottomhole conditions, 𝑡 is time in days, 𝜙 is rock porosity, 
and 𝐴 (m2) and 𝐿 (m) are the reservoir’s area and length, respectively. 
However, oil recovery rates are typically presented relative to the 
hydrocarbon pore volume (HCPV), where HCPV = 𝑡𝐷𝑆𝑜𝑖 and 𝑆𝑜𝑖 is the 
initial oil saturation in the reservoir.

3.1. Comparing simulation results with published CO2 -EOR field data

As shown in Fig.  4, the heterogeneous reservoir realizations yield 
incremental oil recovery values ranging from approximately 7% to 
21% of the original oil in place (OOIP), with the majority of models 
demonstrating an incremental recovery factor below 15%. These values 
closely align with actual field data (Azzolina et al., 2015; Lake et al., 
2018, 2019; Farajzadeh et al., 2020). The figure also illustrates that 
incremental oil recovery increases sharply shortly after the initiation of 
CO2 injection, particularly before 0.1 HCPV. However, in some cases, 
especially in those with higher ultimate recovery, it takes longer to 
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observe significant oil recovery. In these cases, the CO2 plume contacts 
a larger pore volume, displacing more oil toward the production wells 
and resulting in higher overall oil recovery.

In Fig.  4, the simulation results are color-coded, according to their 
respective EOR performance, ranging from blue (low incremental oil 
recovery) to green (high incremental oil recovery). The two extreme 
cases, Model A, with the highest recovery factor, and Model B, with 
the lowest, are highlighted to illustrate the range of performance. These 
models will be referenced throughout the remainder of the study, with 
this color-coding scheme applied consistently to facilitate comparisons.

3.2. Phase mass flow rates and bottomhole temperature at the producer

While the incremental oil recovery rate is a key performance param-
eter during EOR, reservoir heterogeneity influences many other aspects 
of CO2 injection operations. One significant outcome of this hetero-
geneity is the dynamic and distinct evolution of the CO2-plume within 
the reservoir both temporally and spatially, significantly influencing 
fractional phase production rates, heat depletion within the reservoir, 
and changes in fluid temperature at the producer, all critical parameters 
for the CPG stage.

Fig.  5 illustrates the fractional mass flow rates of oil, water, and 
gas (here, the gas phase refers to supercritical CO2 and any produced 
hydrocarbon gases) at various simulation stages (i.e., waterflooding, 
CO2-EOR, and CPG) for two distinct models: Model A and Model B. 
The 𝑥-axis represents fluid injection in terms of pore volumes, with 
initial water injection followed by CO2 injection for EOR, both at a 
rate of 0.1 PV/year, for a total of 1 pore volume injected for each 
fluid. During waterflooding, the water fraction (also known as water 
cut) in the produced fluid increases to approximately 90%–95% in 
all models before CO2 injection begins. During the EOR stage, Model 
B, characterized by lower incremental oil recovery, experiences early 
CO2 breakthrough, resulting in a steep increase in CO2 mass fraction 
and minimal oil recovery, as CO2 preferentially channels through high-
permeability zones more readily than water, exacerbating conformance 
issues. In contrast, Model A demonstrates a more gradual increase in 
CO2 mass fraction and significantly higher oil recovery, as its CO2
plume contacts a larger volume of oil-saturated rock. The behavior in 
other models follows similar trends based on their heterogeneity.

This behavior is further visualized in Fig.  6, which tracks the CO2
saturation in Models A and B during the EOR and CPG phases. Model A 
achieves a broader sweep of the reservoir by the end of the EOR stage, 
whereas Model B, with its early breakthrough, exhibits limited CO2
plume development. As CO2 injection continues during the CPG phase, 
the CO2 plume in both models extends into previously unswept regions, 
further improving the ultimate sweep efficiency in both models.

A common observation from the simulations is the high mobility 
of CO2 under reservoir conditions leading to predominantly CO2 flow 
in the producer. By the end of the CO2-EOR stage, the gas fraction 
in the produced fluid reaches around 90% in nearly all models. Upon 
transitioning to the CPG stage, with the CO2 injection rate increased 
to 0.5 PV/year, the gas mass fraction exceeds 95%, while co-produced 
water and oil volumes vary in each model. Produced gas predominantly 
consists of CO2, as shown in Fig.  7, with minimal hydrocarbon gas 
production.

Fig.  8 depicts the evolution of fluid temperature under the bot-
tomhole conditions of the production well during all stages. During 
waterflooding, up to 12 ◦C cooling is observed in some models, such 
as Model B, due to early water breakthrough. In contrast, other models 
(e.g., Model A) exhibit no significant cooling at the producer during this 
stage. However, cooling occurs around the injector and in permeable 
zones, where water flows preferentially.

During the EOR stage, injected CO2 displaces oil and water through 
both water-swept and previously bypassed sections of the reservoir. As 
CO2 injection continues into the CPG stage, reservoir heat depletion 
becomes more significant. Some models show moderate temperature 
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Fig. 5. Fractional mass flow rates at the production well under surface conditions. (a) Model A: Better sweep efficiency and higher incremental oil recovery, (b) 
Model B: Poor sweep efficiency and lower incremental oil recovery. Each bar represents 0.1 PV fluid injection, equivalent to 1 year during waterflooding and 
CO2-EOR. As the injection rate is increased to 0.5 PV/year in CPG stage, each bar represents 0.2 years at that stage.
declines (around 10 ◦C), while others experience more pronounced 
cooling (up to 50 ◦C), reducing fluid temperature from 120 ◦C to 
approximately 70 ◦C by the end of the CPG operations. The color-
coding from Fig.  4 is maintained here to differentiate models by their 
incremental oil recovery factors, but no clear correlation is observed 
between EOR performance and thermal breakthrough at the producer.

3.3. Energy analysis: comparing energy production during EOR and CPG 
stages

The thermal power output of the CPG system, expressed in kilo-
watts (kW), is calculated as 
𝑄thermal = 𝑚̇CO2

⋅ 𝛥ℎCO2
, (2)

where, 𝑚̇CO2 is the mass flow rate of CO2 at the production well 
(kg/s), and 𝛥ℎCO2

 represents the specific enthalpy difference between 
the produced and injected CO2 (kJ/kg). The enthalpy difference is 
computed using CoolProp (Bell et al., 2014) based on wellhead pressure 
and temperature conditions. It is important to note that this calculation 
represents the gross energy extracted, without accounting for system 
inefficiencies.

The thermal power outputs calculated during the CPG stage are 
shown in Fig.  9. In most models, thermal power output rapidly peaks 
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within the range of 13–23 MW, while a few models achieve this after 
approximately 2 pore volumes (PV) of CO2 injection at a rate of 
0.5 PV/year. By the end of 10 PV of CO2 injection, the decline in power 
output from the peak ranges from about 6% to slightly more than 40% 
across all subsurface realizations, with an average decline of 24%.

The color-coded lines show no observable correlation between in-
cremental oil recovery during the EOR stage and the thermal power 
output of the integrated CPG system, which is consistent with the 
lack of correlation observed in production temperatures. For example, 
Model A, represented by a dashed green line in Fig.  9, achieves the 
highest oil recovery factor after the EOR stage but performs below 
average in thermal power output during the CPG stage. Conversely, the 
model with the highest CPG thermal power output is represented by a 
darkish blue color, indicating that its EOR performance ranks among 
the lowest of all heterogeneous models simulated in this study.

To evaluate the significance of the thermal energy production from 
the CPG operation, we can compare CPG’s thermal energy production 
with the gross chemical energy of the oil produced during EOR. The 
lower heating value (LHV) of crude oil can be assumed to be the 
chemical energy contained in compositionally complex crude oils, or 
in other words, the amount of heat released during its combustion. The 
equation relating the LHV of oil to its specific gravity (SG) is 

𝐿𝐻𝑉
[

MJ
]

= 55.5 − 14.4 ∗ 𝑆𝐺. (3)

kg
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Fig. 6. Spatial and temporal evolution of the CO2 plume in two example models. Model A exhibits relatively good sweep efficiency, while Model B shows limited 
sweep efficiency. Regions with CO2 saturation below 5% are excluded from visualization.
Fig. 7. CO2 mass fraction in the produced gas.
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Assuming a specific gravity (SG) of 0.80, the lower heating value
(LHV) of crude oil is approximately 44 MJ/kg. By multiplying the oil 
mass flow rates from GEM by the LHV, we calculate the total chemical 
energy produced during the EOR stage in megajoules (MJ). Similarly, 
the thermal power generated during the CPG stage is used to compute 
the total thermal energy output in MJ.

Fig.  10 compares the total gross energy production from EOR and 
CPG. The thermal energy extracted during CPG (shown as hatched bars) 
ranges from 0.85 × 1010 MJ to 1.5 × 1010 MJ, with an average of 
1.2 × 1010 MJ. In contrast, the chemical energy from oil during EOR 
spans a wider range, from 2.2 × 1010 MJ to 6.5 × 1010 MJ, with an 
average of 3.7 × 1010 MJ.

The percentages next to the bars represent the additional energy 
contribution of CPG relative to EOR. For example, in Model A, CPG 
contributes an additional ∼20% of the energy produced during EOR, 
while in Model B, it contributes an additional 42%. Models with 
higher oil recovery factors tend to yield smaller proportional gains from 
CPG, and vice versa; however, no consistent pattern emerges when 
comparing CPG and EOR energy outputs across all models.

This comparison underscores that integrating CPG with EOR can 
enhance total energy recovery by approximately 20% to 50%.
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Fig. 8. Bottomhole temperature of the production fluid for the different stages 
of the simulations.

Fig. 9. CPG-generated thermal power production rates per reservoir footprint 
area of the 1 km2 5-spot inverted well pattern. Shown results are for the 
heterogeneous models during the CPG stage.

3.4. Carbon sequestration

As illustrated in Fig.  3, the injected fluid consists of geothermally 
heated and recycled CO2—CO2 that has been produced from the reser-
voir, separated, processed through thermal power generation units, 
and condensed into a liquid phase, and typically combined with new 
(basically make-up) CO2 coming from a CO2 capture unit. While the 
CO2 injection rate remains constant during EOR and CPG operations 
(see Section 2.3.4), the ratio of recycled to make-up CO2 varies over 
time due to the increasing rate of CO2 production (see Fig.  5).

To estimate the amount of CO2 sequestered during both the EOR 
and CPG stages, we consider only the make-up CO2 added to the 
system. This is determined by subtracting the cumulative produced 
(recycled) CO2 from the total injected CO2, excluding potential surface 
losses and leakages. Fig.  11 presents the mass of CO2 sequestered (in 
million tons) during EOR and CPG operations. In the 1 km2 simulated 
area, approximately 1 to 3 million tons of CO2 are stored geologically 
during the EOR stage. The subsequent CPG phase increases this by 80% 
to 280%. The bars in the figure represent total CO2 mass sequestration, 
which includes structurally trapped CO  and CO  dissolved in reservoir 
2 2
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water (i.e., dissolution trapping). Residual trapping is excluded from 
the analysis as the effect of hysteresis is neglected.

As mentioned, integrating CPG with EOR extends CO2 injection, 
prolonging the operational life of the field. This continued CO2 in-
jection during the CPG stage allows the CO2 plume to grow further, 
sweeping areas of the reservoir that were previously bypassed. This 
study represents one of the first attempts to simulate CO2 circulation, 
including both injection and production, within oil fields, extending 
the project beyond the conventional economic limits of typical EOR 
projects. In this analysis, we estimate and present the changes in gas 
saturation across both operational stages (Fig.  12).

The rate of growth (ROG) of the CO2 plume is determined by 
comparing the average CO2 saturation in the reservoir pore space 
before and after the CPG stage. In Fig.  12, the green lines illustrate 
the CO2 saturation in each of the 50 layers of the model (each layer 
representing a 1-meter-thick horizontal section) following the EOR 
phase. The yellow line represents the saturation after the CPG stage. 
The ROG is calculated by dividing the total average CO2 saturation 
after the CPG stage by the average CO2 saturation at the end of the 
EOR stage.

Our analysis shows that the ROG of the CO2 plume varies from 
47% in the lowest case to 271% in the highest case, with an average 
of approximately 120%. This indicates substantial growth of the CO2
plume during the CPG stage, which increases the total volume of swept 
reservoir and, consequently, the amount of CO2 sequestered.

Integrating CPG into a reservoir after CO2-EOR enhances CO2 se-
questration through both structural trapping and thermodynamic ef-
fects. As the reservoir cools, CO2 density increases, enabling greater 
mass storage per unit volume. Additionally, the back-production of CO2
helps mitigate pore-fluid pressure buildup, allowing for sustained injec-
tion at higher rates and improved heat extraction from the rock (Hau 
et al., 2025).

Fig.  11 quantifies the additional CO2 storage driven by density 
changes in the CO2 plume region post-EOR, represented by the orange 
bars. These temperature-induced effects increase total CO2 sequestra-
tion by 9%–20% compared to EOR alone, extending the benefits of 
initial CO2 storage and reinforcing the viability of CPG as a long-term 
sequestration strategy. For completeness, the thermodynamic effects of 
reservoir cooling on CO2 density are further examined in Appendix  E, 
where plume density evolution is shown on a pressure–temperature 
diagram for the two example models (Fig.  E.19).

3.5. CO2 utilization

The CO2 utilization factor (Eq.  (4)) is a critical parameter that 
reflects the efficiency of CO2 injection in generating value. In CO2-
EOR operations, this parameter quantifies the incremental oil produced 
per unit of CO2 injected, whereas, in the context of CPG, it represents 
the geothermal power generated per unit of CO2 injected. However, 
since the produced CO2 is recycled and reinjected in both CO2-EOR 
and CPG operations, relying solely on injected CO2 can be misleading 
when evaluating the overall effectiveness. We thus employ the net CO2
utilization factor (Eq.  (5)) which offers a more accurate assessment as 
it compares the value generated to the amount of CO2 permanently 
sequestered in the reservoir. 

CO2 Utilization Factor =
Value generated by EOR or CPG

CO2 Injected
(4)

Net CO2 Utilization Factor =
Value generated by EOR or CPG
CO2 Injected − CO2 recycled

(5)

The energy generated from EOR and CPG operations can be evalu-
ated using a common metric, expressed in megajoules (MJ) of energy 
produced per ton of CO2 sequestered. The top plot in Fig.  13 demon-
strates how integrating CPG with EOR improves the net CO2 utilization 
factor. At the end of the EOR stage, this ratio ranges from 17 to 26 
GJ/ton CO  across all models. Following the CPG operation, the range 
2
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Fig. 10. Comparison of total low heating value (LHV) of oil produced during EOR and thermal energy extracted during CPG from the heterogeneous models. 
The percentages next to the bars show the ratio of cumulative thermal energy production from CPG operation to the total chemical energy of the EOR oil.
shifts upwards to 21–31 GJ/ton CO2 sequestered. The enhancement 
in net CO2 utilization varies between 2.7 and 8.5 GJ/ton CO2 across 
the models, representing an increase of approximately 13%–37%. This 
improvement highlights the potential of CPG to significantly enhance 
energy recovery and CO2 utilization efficiency when integrated with 
EOR.

The smaller plots in the figure provide further insights into the 
components of the net CO2 utilization factor for EOR and CPG. The 
lower-left plot shows the net CO2 utilization factor for EOR, expressed 
in stock tank barrels (STB) of oil per ton of CO2 sequestered. Our 
simulations reveal that oil recovery stabilizes toward the end of the 
EOR stage, with most models achieving 2.5–3.5 STB per ton of CO2. 
The lower-right plot presents the net CO2 utilization factor for CPG, 
expressed in megawatt-hours (MWh) of geothermal power per ton of 
CO2 sequestered. During the CPG stage, geothermal power production 
varies more widely across models, ranging from approximately 700 
to 2400 kWh per ton of CO2 sequestered. By combining these metrics, 
the analysis shows that for every barrel of oil produced during EOR, the 
integration of CPG can generate an additional 330–980 kWh of thermal 
power.

4. Discussion

4.1. Incremental oil recovery rates during CO2-EOR

The representativeness of the conceptual models is validated by 
demonstrating that the oil recovery and CO2 utilization factors from 
our simulations closely align with actual field observations (Azzolina 
et al., 2015; Lake et al., 2018, 2019; Farajzadeh et al., 2020). Following 
an initial rapid increase, the rate of oil recovery gradually stabilizes as 
CO2 injection progresses and CO2 breakthrough occurs at the produc-
tion well. This trend, captured in our synthetic reservoir simulations, 
highlights the ability of the models to address a common challenge 
in CO2-EOR: CO2 channeling through high-permeability zones, leaving 
extensive unswept regions. Such conformance issues, driven by the high 
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mobility of CO2 and often large reservoir heterogeneities, are well-
known in the EOR literature (Hamouda and Bagalkot, 2019; Massarweh 
and Abushaikha, 2022).

Importantly, our models are not designed to replicate a specific 
field case or precisely match the recovery factors presented in the 
reference studies. Instead, the goal of this comparison is to ensure 
that the recovery factors obtained from our simulations fall within a 
reasonable range when compared to actual field examples and that they 
are consistent with observed results.

4.2. CO2-plume dynamics and sweep efficiency

Our simulations reveal distinct CO2 plume behaviors across the 
models, driven by reservoir heterogeneity. In some models, the CO2
plume forms a thin layer between the injector and the producer, by-
passing significant rock volumes. In others, CO2 sweeps through larger 
permeable sections, resulting in higher oil recovery. Fig.  6 illustrates 
this variability in CO2 plume behavior with two representative models.

These differences in CO2 plume behavior significantly impact oil re-
covery rates, gas breakthrough times, and dynamic phase flow changes, 
such as increasing gas-oil ratios over time, as shown in Figs.  4 and 5. 
These findings are consistent with actual field observations, exhibiting 
irregular CO2 plume flow behavior, validating the accuracy of our 
synthetic model simulations (Ampomah et al., 2017; Williams and 
Chadwick, 2017, 2021; Nazarian et al., 2022; Hau et al., 2025).

Fig.  5 shows that the produced fluid mass fraction is predominantly 
supercritical CO2 at the start of the CPG stage, in contrast to green-
field CPG systems that require a plume-establishment period before 
sufficient CO2 saturation reaches at the production well (Ezekiel et al., 
2020), enabling immediate and efficient geothermal energy extraction.

During the CPG stage, continued CO2 injection results in the CO2
plume to grow and sweep previously bypassed regions of the reservoir. 
Our study is among the first to simulate CO2 circulation, combining 
CO2 injection and production, in oil fields, extending beyond the eco-
nomic limit of EOR, offering insights into the CO2 saturation evolution 
over time (Figs.  6 and 12).
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Fig. 11. CO2 storage across different operational stages. Solid bars show storage during the EOR stage, and dashed bars show storage during the CPG stage. 
Orange bars indicate additional CO2-stored during CPG due to density increase in previously swept regions, caused by reservoir cooling, pressure changes, plume 
migration, and compositional effects. The lower panel illustrates the change in average density of the supercritical CO2 plume between the end of the EOR and 
CPG stages.
In Fig.  12, the green lines represent an uneven displacement front, 
caused by CO2 channeling through high-permeability layers. As CO2
injection continues into the CPG stage (yellow lines), the displace-
ment front becomes more uniform due to the merging of CO2 plume 
‘‘branches’’, driven by horizontal and vertical cross flow. This behavior 
reflects permeability interconnectivity and layer communication, as 
described by Khan and Mandal (2021).

It is important to note that the entire 50-meter vertical section of the 
reservoir is perforated at the injection wellbore, with flow apportion-
ment among the perforations determined by the GEM simulator under 
a maximum CO2 injection bottomhole pressure constraint (detailed in 
Section 2.3.4). As the CO2 saturation increases in some layers, the 
pressure gradient, required to circulate CO2 in those layers, decreases, 
redirecting flow to previously unswept or low-CO -saturation regions. 
2
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This redistribution promotes the merging of CO2 plume branches de-
scribed above. While the described CO2 injection design is consistently 
applied in all models, actual field operations typically optimize the well 
perforation design based on reservoir conditions.

4.3. Evaluating the impact of CPG integration after CO2-EOR

While it may be intuitive to assume that high EOR performance 
would correlate with strong CPG performance, as both benefit from 
effective CO2 sweeps, the dynamics of CO2 plume migration compli-
cates this relationship. The color-coded thermal rates in Fig.  9 illustrate 
that incremental oil recovery and geothermal energy extraction do not 
always align. For instance, Model A, represented by a green dashed 
line in Fig.  9, achieves the highest oil recovery after EOR but performs 
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Fig. 12. Visualization of the average pore-space CO2 saturation in each reservoir layer, shown in green and yellow for the CO2-EOR and the CPG stages, 
respectively, at the end of the operations for all models. Each bar on the vertical axis represents 1 meter reservoir thickness, with a total thickness of 50 m. The 
CO2 plume includes regions, where the pore-space CO2 saturation exceeds the critical threshold of 5%.
below average among models during CPG. In contrast, the model that 
achieves the highest CPG thermal power output is shown in dark 
blue, signifying that its EOR performance is among the lowest of all 
heterogeneous models analyzed in this study.

Bottomhole fluid temperature trends (Fig.  8) further illustrate this 
lack of correlation across the stages of the EOR-CPG integrated system. 
During waterflooding, for example, Model A experiences minimal cool-
ing as the injected, cold water sweeps through a larger rock volume, 
whereas Model B undergoes rapid cooling due to the limited water-
sweep volume. However, when CO2 injection for EOR begins, this trend 
reverses: Model A cools more rapidly, whereas the cooling in Model B 
slows and stabilizes. In some cases, even a slight temperature increase is 
observed, when CO2-EOR commences. As CO2 injection progresses into 
the CPG stage, the bottomhole temperatures continue to vary, based on 
the CO2 plume flow characteristics, which are in turn determined by 
the heterogeneity of the geologic reservoir models.

The bottomhole temperature trends can be attributed to several 
factors:
13 
1. CO2 sweeping through previously water-swept rock can reduce 
the rate of cooling or even cause slight heating, as the bottom-
hole injection temperature of CO2 is higher than that of water. 
Additionally, CO2 has a lower heat capacity than water, leading 
to more gradual cooling.

2. In some cases, the CO2 plume pushes previously injected cold 
water toward the production well, causing a sudden temperature 
drop at the bottom of the well.

3. In several simulations, CO2 channels through relatively thin 
reservoir sections, cooling these regions, while the bulk of the 
rock retains higher temperatures, supplying heat via conduction, 
even though heat conduction is slow and thus has a limited 
impact.

4. The propagation of the CO2 plume into thus far unswept (and 
still hot) reservoir sections helps maintain higher CO2 tempera-
tures at the production well bottom.

As detailed earlier and illustrated in Fig.  12, the CO2 saturation 
profile and the CO2 distribution shift considerably throughout CPG 
operations, compared to the conditions at the end of EOR, support-
ing the above-discussed trends. These variations in thermal and fluid 
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Fig. 13. Net CO2 utilization factors during EOR and CPG operations. The top plot shows the combined net CO2 utilization factor (in megajoules (MJ) per ton 
of CO2 sequestered), illustrating the enhancement achieved by integrating CPG with EOR. For better visualization, the EOR portion of the top figure has been 
magnified laterally by a factor of three. The lower-left and lower-right plots detail the individual contributions from EOR and CPG, expressed as incremental oil 
recovery (in STB/ton CO2) and geothermal energy generation (in MWh/ton CO2 sequestered), respectively.
flow dynamics indicate that CPG performance is influenced by the 
CO2 plume migration characteristics, occurring after EOR, making it 
difficult to predict CPG performance solely based on EOR results.

4.3.1. Energy analysis
Across the 20 conceptual oil fields simulated in this study, the 

thermal power output from CPG, following CO2-EOR, ranges from 13 
to 23 MWth/km2, based on a single 1 km2 inverted five-spot well 
pattern footprint and the design parameters described in Section 2.3. 
This demonstrates that integrating CPG with EOR at a full-field scale 
has the potential to deliver significant clean energy, while extending 
the productive lifespan of oil fields.

Fig.  10 compares the chemical energy from EOR, measured as the 
heat released during oil combustion, with the thermal energy delivered 
by the CPG operation. During the EOR stage, total chemical energy pro-
duction varies widely across the 20 models, ranging from 2.2 × 1010 MJ 
to 6.5 × 1010 MJ, a threefold difference between the highest and lowest 
performers. In contrast, the CPG stage exhibits a narrower range of 
variability, with total thermal energy production differing by a factor 
of 1.75 across models.

These results suggest that reservoir heterogeneity has a more pro-
nounced impact on CO2-EOR performance, compared to CPG perfor-
mance, at least under the current operational settings, such as CO2
injection rate, bottomhole pressures, and injection temperature. This 
14 
difference can be attributed to the gradual stabilization of CO2 plume 
branches as CO2 injection continues at higher rates during CPG than 
during EOR, as discussed in Section 4.2. Additionally, the displacement 
of original fluids (brine and oil) during EOR is strongly influenced by 
the heterogeneity of the rock permeability, whereas CPG benefits from 
being operated in a reservoir that already contains CO2, reducing the 
effects of reservoir heterogeneity during geothermal energy production. 
Finally, heat transfer also occurs through the solid rock matrix of the 
reservoir by heat conduction, albeit slowly, compared to heat advec-
tion, whereas fluid mass (water, oil, CO2) movement can only occur 
through the pore space. Consequently, fluid mass movement is more 
strongly affected than conductive heat transport by the reservoir’s pore 
space permeability and, hence, the heterogeneity of the permeability 
field. This effect is more pronounced when overall reservoir permeabil-
ities are lower, as heat advection to heat conduction ratios are lower 
(i.e., lower Peclet numbers prevail), or in other words, heat conduction 
plays a somewhat more significant role, amplifying the above effect 
slightly.

An intriguing observation is that thermal power outputs during CPG 
operations exhibit only a gradual decline (Fig.  9), even as bottomhole 
temperatures show a more pronounced drop (Fig.  8). This effect is 
caused by the increased density of CO2 at the production well inlet 
(i.e. at reservoir depth), as the reservoir cools, raising the wellbore fluid 
pressure, so that, under constant bottomhole pressure constraints, the 
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wellhead pressure is reduced, thereby slowing the decline in the CO2’s 
specific enthalpy at the wellhead. Since the CO2 injection enthalpy at 
the injector wellhead remains constant, the surface enthalpy difference 
(Eq.  (2)) decreases more gradually than the bottomhole temperature, 
contributing to the relative stability of thermal power output.

Furthermore, in some models, the CO2 mass production rate in-
creases over time, approaching the CO2 injection rate (Appendix  D). 
This compensates for the decline in the specific enthalpy of the pro-
duced CO2, further supporting a sustained thermal power output during 
CPG operations.

Maximizing the geothermal energy output of CPG operations could 
involve incorporating layers beyond the oil pay zone, such as residual 
oil zones (ROZs) or underlying aquifers. Previous studies by Koperna 
et al. (2006), Honarpour et al. (2010), and Ren and Duncan (2019) 
explored CO2 injection in ROZs, primarily focusing on EOR and CO2
sequestration. Expanding the usable volume of the reservoir to in-
clude ROZs and brine aquifers could significantly enhance CO2-based 
geothermal energy production, a promising subject for future research.

It is also worth noting that the lifespan of CPG operations is not 
constrained by the time frame analyzed in this study. CPG can continue 
until heat depletion reaches threshold levels that render geothermal op-
erations technically and/or economically unfeasible. The reported val-
ues are specific to the system and time frame considered here, ensuring 
consistency across all models. However, significantly higher thermal 
power production may be achievable with extended CPG operations 
beyond the scenarios presented.

In this study, we report gross energy outputs for both CPG (thermal) 
and EOR (chemical) in order to provide a consistent comparison. 
Conversion to electricity or other useful work would require additional, 
application-specific efficiency assumptions, which are beyond the scope 
of this work.

Future research should further explore the optimal balance between 
CO2 injection rates and their impact on energy production for both 
EOR and CPG, as this could provide valuable insights into maximizing 
the efficiency and performance of integrated CO2 utilization systems. 
In parallel, while this study does not directly address economics, pre-
vious work has examined cost ranges for CPG systems (Schifflechner 
et al., 2024; Rangel-Jurado et al., 2022), and CO2-EOR cost analyses 
are widely available in the literature. A dedicated assessment of the 
transition costs from EOR to CPG will therefore be an important avenue 
for future research.

4.3.2. Enhanced CO2 sequestration and CO2 utilization factors
This study highlights how continued CO2 injection during the CPG 

stage following EOR enhances total structural CO2 sequestration by 
sweeping previously bypassed regions of the reservoir (see Section 4.2). 
Fig.  11 quantifies this effect across all models, demonstrating that 
integrating CPG with CO2-EOR significantly increases the ultimate 
CO2 storage potential, with the results being affected by the reservoir 
heterogeneity. Additionally, heat depletion during CPG operations con-
tribute uniquely to the CO2 sequestration potential: As the reservoir 
cools during CPG operations, the in-situ CO2 density increases, enabling 
a greater mass of CO2 to be stored per unit volume of pore space 
(confirming the findings of Hau et al. (2025)). This incremental effect 
is illustrated in Fig.  11 by the orange bars. Furthermore, the back-
production of CO2 reduces pressure buildup, enabling higher CO2
injection rates and sustained heat extraction during the CPG stage, 
which further increases the density and storage capacity of supercritical 
CO2 in the reservoir.

Another important observation from the simulations is that the CO2
sequestration performance across the models generally correlates with 
its EOR success; models with higher oil recovery typically achieve 
greater CO2 sequestration due to the improved volumetric sweep ef-
ficiency. However, additional sequestration during CPG, driven by 
structural CO2 trapping and density-based CO2 storage, does not di-
rectly correlate with the initial CO  sequestration performance due to 
2
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the evolving spatial and temporal dynamics of the CO2 plume. This 
underscores the necessity of site-specific, detailed reservoir modeling 
and integrated EOR-CPG simulations across all operational stages to 
more accurately estimate the final CO2 sequestration potential of an 
oil field after EOR.

A critical consideration is that additional CO2 injection can con-
tinue after EOR for dedicated CO2 sequestration. Although our study 
does not directly compare post-EOR CPG with standalone CO2 seques-
tration, CPG offers unique advantages in that regard. By circulating 
CO2 through production wells, CPG reduces the reservoir pore-fluid 
pressure, enabling sustained injection rates while mitigating caprock 
fracturing risks, which might arise in purely CO2 sequestration-focused 
operations (Paluszny et al., 2020). Additionally, the production of brine 
and small amounts of oil during the CPG stage creates voidage, ex-
panding the pore space, thereby increasing the reservoir’s CO2 storage 
capacity.

The net CO2 utilization factors for the EOR stage, observed in this 
study, align well with field-reported values of 2–4 barrels of oil per ton 
of CO2 sequestered (Farajzadeh et al., 2020). For the first time, this 
study presents net CO2 utilization factors for CPG operations following 
EOR in oil fields (Fig.  13). These results highlight the potential of the 
integrated EOR-CPG system to improve overall energy yields from CO2
utilization while simultaneously enhancing CO2 sequestration.

It is important to note that this study is based on simulations of 
‘‘layer-cake’’ heterogeneous models. Reservoir connectivity and cross-
flow dynamics could vary significantly in alternative geometries, such 
as steeply dipping formations, potentially influencing CO2 plume be-
havior. Therefore, future uncertainty assessments should explore the 
impact of formation dip angles on CO2 plume dynamics during post-
EOR CPG operations.

In addition, the suitability of reservoirs for post-EOR CPG operations 
depends strongly on their geological and thermal characteristics. Our 
simulations assumed ‘‘typical’’ oil reservoirs suitable for CO2-EOR, with 
sufficient permeability, connectivity, and net thickness, and without 
complete vertical barriers such as shale breaks. These assumptions fa-
vor effective plume migration and oil and geothermal energy recovery. 
In practice, candidate reservoirs should combine adequate permeability 
and connectivity with sufficient thickness, as well as heat-in-place 
prior to CPG, to support both plume sweep and heat extraction, while 
avoiding highly fractured settings that may lead to reduced storage. 
Recognizing these constraints is critical for identifying reservoirs with 
the greatest potential for successful CPG deployment.

4.3.3. Additional oil recovery during CPG
Another notable outcome of implementing CPG after EOR is the 

recovery of co-produced oil over extended operational periods, even 
though the primary production fluid is CO2. This incremental oil pro-
duction arises as a byproduct of continued CO2 injection and can be 
considered a secondary benefit of the CPG process.

In this study, however, we excluded this additional oil from the en-
ergy calculations. This choice reflects the assumption of a full transition 
away from fossil fuel use and ensures a clear comparison between the 
chemical energy of oil produced during EOR and the thermal energy 
generated during CPG. By isolating the geothermal contribution of CPG, 
we provide a focused evaluation of its effectiveness as a standalone 
energy recovery process. Future work could explore the implications 
of this co-produced oil in terms of its economic value, lifecycle CO2
emissions, and potential impact on overall system efficiency.

5. Conclusions

This study examines the integration of CO2-Plume Geothermal 
(CPG) energy production with CO2-Enhanced Oil Recovery (CO2-EOR) 
in mature oil reservoirs, extending CO2 circulation and sequestration 
beyond the typical EOR lifespan. Heterogeneous reservoir models were 
simulated to assess the additional energy yield and enhanced CO
2
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sequestration resulting from this EOR-CPG approach, and the findings 
demonstrate that coupling CO2-EOR with CPG substantially increases 
energy recovery and broadens the potential for permanent geologic CO2
storage. The following conclusions can be drawn:

• Initiating CPG operations after CO2-EOR takes advantage of the 
established CO2 plume, enabling immediate and efficient geother-
mal energy extraction. Because native reservoir fluids (oil and 
brine) are largely displaced during EOR and the plume stabilizes 
with continued injection, reservoir heterogeneity has a stronger 
effect on final oil recovery than on post-EOR CPG performance.

• Under typical operational parameters (Section 2.3), CPG yields 
thermal power outputs of 13–23 MWth per 1 km2, based on a 
single 1 km2 inverted five-spot well pattern. Power decline rates 
range from 6% to over 40%, with an average decline of 24% after 
injecting 10 pore volumes of CO2 in the CPG stage.

• CPG provides 20%–50% additional energy compared to the chem-
ical energy recovered during EOR. When scaled to a full-field 
scenario, this integrated CPG-EOR system could deliver substan-
tial clean energy while extending the productive life of mature oil 
fields.

• Continued CO2 injection during CPG allows the CO2 plume to 
access previously unswept regions, increasing total CO2 seques-
tration by 80%–280% compared to EOR alone.

• Heat depletion during CPG further enhances CO2 storage by 
increasing its in-situ density, allowing 9%–20% additional CO2
mass to be stored per unit reservoir volume.

• Net CO2 utilization factors stabilize near the end of EOR at 2.5 
– 3.5 bbl/tCO2, while the net CO2 utilization factor during CPG 
spans from approximately 0.7 to over 2.4 MWthh per ton of CO2
sequestered.

These findings show that integrating CO2-EOR with CPG creates 
a pathway to large-scale CCUS deployment by adding value through 
geothermal energy production in mature oil fields. This ‘‘geothermal’’ 
component can offset energy-intensive processes, such as CO2 sepa-
ration, compression, and transport—particularly important in remote 
or offshore environments. Moreover, implementing CPG after EOR 
supports long-term decarbonization targets by transforming emitted 
CO2 from waste into a valuable economic and energy resource, while 
deferring decommissioning costs and offering both environmental and 
economic advantages.

CRediT authorship contribution statement

S. Kucuk: Writing – review & editing, Writing – original draft, 
Visualization, Validation, Methodology, Investigation, Formal analysis, 
Data curation, Conceptualization. R. Farajzadeh: Writing – review & 
editing, Methodology, Conceptualization. M. Brehme: Writing – review 
& editing, Supervision, Project administration, Methodology, Concep-
tualization. W.R. Rossen: Writing – review & editing, Methodology, 
Conceptualization. M.O. Saar: Writing – review & editing, Supervision, 
Project administration, Methodology, Conceptualization.

Declaration of competing interest

The authors declare that they have no known competing finan-
cial interests or personal relationships that could have appeared to 
influence the work reported in this paper.

Acknowledgments

The corresponding author acknowledges the financial support pro-
vided by the Ministry of Education of the Republic of Türkiye during 
the PhD program.

We gratefully acknowledge the support of the Werner Siemens 
Foundation (Werner Siemens-Stiftung) for its support of the Geothermal 
16 
Fig. A.14. (a) Composition of the reservoir oil (b) pseudo-components mod-
eled for the simulations.

Energy and Geofluids (GEG.ethz.ch) group at ETH Zurich. Additionally, 
we appreciate the support of the Energi Simulation Foundation. We 
also extend our gratitude to Computer Modeling Group Ltd. for sup-
plying the GEM and COFLOW software packages and for their valuable 
support throughout the simulation phase of this study.

Appendix A. Fluid modeling

In this study, the oil composition used for simulations is based on 
data from a major oil field in the Middle East (Al-Mudhafar et al., 
2022), as depicted in Fig.  A.14. The key phase properties of the EOS-oil 
model are summarized in Table  A.4.

Appendix B. Relative permeability curves

The relative permeability curves for water-oil and gas-liquid systems 
used in the simulations are presented in Fig.  B.15. The oil relative 
permeability in the three-phase system is calculated using a modified 
version of Stone’s second model (Aziz and Settari, 1979). Capillary 
pressure and hysteresis effects are not considered in this study.

Appendix C. Wellbore modeling

Reservoir simulations for this study were carried out using GEM
(Computer Modeling Group, 2024b). However, GEM does not natively 
incorporate wellbore modeling capabilities. To account for the mul-
tiphase, multicomponent flow in the wellbore, we utilized the nodal 
analysis feature of CoFlow (Computer Modeling Group, 2024a) to 
generate pressure and temperature profiles along the wellbores. These 
profiles were derived based on the results of the GEM simulations.

The production bottomhole pressure (BHP) is a key simulation 
constraint, as detailed in Section 2.3.4, and is held constant throughout 
the simulation. Meanwhile, the bottomhole temperature (BHT) is dy-
namically calculated by GEM, reflecting reservoir heat depletion over 
time. Given that the BHT decreases with reservoir heat depletion, the 
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Table A.4
Pseudo-component properties of the EOS oil model used in the simulations under initial reservoir conditions.
 Component Mole (%) Pc (Atm) Tc (◦K) Acentric factor Molecular weight Omega A Omega B Specific gravity 
 CO2 1.18 72.8 304.2 0.225 44.01 0.4572 0.078 0.818  
 N2toCH4 11.70 45.2 189.7 0.008 16.21 0.4572 0.078 0.305  
 C2H6toNC4 19.45 43.5 411.9 0.148 44.79 0.5487 0.062 0.492  
 IC5toC7 22.03 37.7 556.9 0.249 83.46 0.4572 0.078 0.701  
 C8toC12 28.15 28.1 667.2 0.328 120.5 0.4572 0.078 0.792  
 C13toC19 9.40 23.4 673.5 0.568 210.7 0.4572 0.078 0.847  
 C20toC30+ 8.09 15.4 792.8 0.942 309.9 0.4572 0.078 0.935  
Fig. B.15. Relative permeability curves used in the simulations.
fluid density and pressure profiles within the wellbore also evolve. 
Consequently, the wellhead pressure (WHP) varies with changes in 
fluid temperature.

Figs.  C.16 and C.17 illustrate the results of our wellbore simulations 
and subsequent data processing.

Fig.  C.16 shows the pressure and temperature profiles along the 
injection and production wellbores under varying conditions:

• Subplot (a): Pressure profiles along the CO2 injection well for dif-
ferent bottomhole pressures. These profiles are used to calculate 
the injector WHP, which is necessary for determining the injection 
fluid’s specific enthalpy at the surface. The bottomhole pressure 
values represent a range that meets the mass flow constraints 
defined in the GEM simulations (see Section 2.3.4).

• Subplot (b): Temperature profiles along the production wellbore 
for varying bottomhole temperatures.

• Subplot (c): Pressure profiles for the production wellbore at 
constant BHP, corresponding to the BHT values shown in subplot 
(b) (same color coding is used), illustrating how pressure change 
with varying BHT.

Using the simulated pressure and temperature profiles, we gener-
ated a lookup table to couple the reservoir simulation results from GEM 
17 
with the wellbore models during post-processing. This lookup table 
facilitates the calculation of WHP and wellhead temperature (WHT) for 
varying BHP and BHT conditions. These surface parameters are critical 
for determining the specific enthalpy of the CO2 at the wellhead, which 
is used to estimate the gross power output of the CPG system.

Fig.  C.17 illustrates the final processed values included in the lookup 
table, demonstrating the relationship between BHP, BHT, WHP, and 
WHT.

Appendix D. Wellhead enthalpies and production mass rates

The calculated pressure and temperature of the production and 
injection fluids at surface conditions, as detailed in Appendix  C, were 
used to determine the wellhead specific enthalpies (assuming 100% 
CO2) presented in Fig.  D.18 using CoolProp (Bell et al., 2014).

Appendix E. Track of CO2 plume density on a P-T diagram

The mean density of the CO2 plume is shown on a pressure–
temperature diagram for the two example models. The sharp increase 
at the transition from EOR to CPG results from raising the CO2 injection 
rate from 0.1 to 0.5 PV/year to maximize thermal output, which leads 
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Fig. C.16. Wellbore simulation results. (a) Temperature profiles along the production wellbore for varying bottomhole temperatures. (b) Pressure profiles along 
the production wellbore corresponding to the same conditions in (a). (c) Pressure profiles along the CO2 injection well for varying bottomhole pressures.
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Fig. C.17. Lookup table values for varying bottomhole pressures and temperatures. The table provides corresponding wellhead pressures and temperatures, used 
in post-processing to estimate CO2 specific enthalpy and gross power output.
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Fig. D.18. Variation in enthalpy and CO2 production metrics with CO2 injected (in pore volumes) across multiple operating conditions. The top row shows 
enthalpy profiles at the producer bottomhole (BH) and wellhead (WH) as a function of incremental oil recovery (color-coded). The middle row presents enthalpy 
trends at the CO2 injector bottomhole (BH) and wellhead (WH). The bottom row highlights the enthalpy difference between production and injection at the CO2
wellhead (left) and the CO2 production mass flow rate (right).

Fig. E.19. CO2 plume density on a P–T diagram for Models A and B. Black markers indicate plume density at the end of EOR, while blue and green markers 
track density evolution during CPG.
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to higher injection pressures and thus higher plume density. During the 
CPG stage, Model A shows a gradual density increase due to reservoir 
cooling. In contrast, plume density in Model B remains nearly constant, 
or even decreases slightly, because the CO2 continues sweeping previ-
ously bypassed regions more effectively (see Fig.  12), which mitigates 
cooling of the overall plume. Nonetheless, local cooling and associated 
density increases are still observed in the simulations.

Data availability

Data will be made available on request.
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