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Chapter 1  

Introduction 

 

 

The growing concern about global warming has increased interest in the geological storage of 

carbon dioxide (CO2) [1]. Global and national energy outlooks to 2030 and beyond indicate 

growing global energy demand, particularly in non-OECD countries, and a continued dominant 

role for fossil fuels in the world’s energy mix, even as utilization of renewable energy sources 

grows faster than utilization of fossil fuels [2-4]. Regarding to the United Nations (UN) report in 

2007, human activities and so-called greenhouse effects are very likely to be the source of global 

warming [5, 6]. Indeed, the increasing amount of greenhouse gases (e.g., CH4, CO2, H2O, etc.) in 

the atmosphere could be the reason for the temperature rise measured over the last hundred 

years [7]. Compared to other greenhouse gases CO2 is the most important one as it is responsible 

for about 64% of the enhanced greenhouse effects as inferred from its radiative forcing [8]. Fossil 

fuels provide about 80% of the current global energy demand and account for 75% of current CO2 

emissions [9]. One way to decrease CO2 emission will be to switch from high carbon to low carbon 

fuels. However, a rapid move away from oil, natural gas and coal is unlikely to be achievable 

without serious disruption to the global economy. To conclude, an achievable option is to reduce 

CO2 emissions. The IPCC report suggests the following present or future options [5]: 1) - improve 

energy efficiency by decreasing the fossil fuel consumption, 2) - switching from high carbon to low 

carbon fuels, 3) - increased use of fuels with low or near zero carbon footprint, 4) - Storing CO2 

through the enhancement of natural, biological sinks,  5) - CO2 capture and storage (CCS).  To 

choose a mitigation option the potential and capacity of the option, social acceptance, side effect 

and more importantly the associated costs [10] and innovation [11, 12] are key parameters.  In a 

transition period from a fossil fuel based society to a sustainable energy society it is predicted that 

CO2 capture and subsequent sequestration (CCS) in geological formations can be developed to 

play a role in reducing greenhouse gas emissions [13]. However, for current state of the art 

technology, carbon dioxide sequestration is still energetically demanding due to high separation 

costs [14]. Geological sequestration means “the capture of CO2 directly from anthropogenic 
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sources and disposing of it deep into the ground for geologically significant periods of time” [15]. 

These geological formations are: (a) deep saline aquifers, (b) depleted oil and gas reservoir, (c) 

CO2 driven enhanced oil recovery, (d) deep unmineable coal seams, (e) CO2 driven enhanced coal 

bed methane (ECBM) recovery and (f) enhanced gas recovery, e.g., in shale formations. The 

following mechanisms may contribute to the sequestration of CO2 in geological formations [8]: 

hydrodynamic trapping, dissolution trapping, mineralization-based trapping and physical and 

chemical sorption in coals and shales. 

Global CO2 emissions from the energy sector are about 30 billion tons per year with this number 

possibly doubling by 2050 [16]. It is expected [15] that this annual amount must be reduced 

significantly to decrease the potential from global warming. It is stated that in order to keep CO2 

levels in stabilized condition in the atmosphere, a reduction of approximately 20 billion tons of 

CO2 is needed per year [17]. Carbon sequestration has the potential to decrease emissions by as 

much as 5 to 10 billion tons per year by taking advantage of a global CO2 storage capacity of 2,000 

Gt in geological formations [18]. In various studies the total CO2 storage capacity  of unmineable 

coalbeds is estimated to range between 100 and 300 Gt CO2 [19] and the total storage capacity of 

deep saline aquifers is estimated to range between 1000 and 10,000 Gt CO2 [19]. 

Saline aquifers are the most abundant subsurface formations with large storage capacities. A 

saline aquifer is a geological formation with a sufficiently high porosity and permeability that 

contains water with large amounts of dissolved solids [20, 21]. For CO2 storage in aquifers the 

following aspects are relevant [22]: storage capacity, mass transfer rate of CO2, low permeable cap 

rock, geological characterization of the aquifer formations and cap rock structures, leakages from 

the reservoir and from wells and the sensitivity to corrosion in the wells. Efficient storage of 

carbon dioxide (CO2) in aquifers is favored by its dissolution in the aqueous phase [23]. Firstly, 

the volume available for gaseous CO2 is far less than for the CO2 that can be dissolved in the water 

initially present in the aquifer. Secondly, the partial molar volume of CO2 in the gas phase is about 

twice as large as the partial molar volume of CO2 in water [24], meaning that storage in the water 

phase leads to less pressure increase per amount of sequestered CO2. Transfer of CO2 from the gas 

phase to the aqueous phase would be slow if it were only driven by diffusion. However, 

dissolution of CO2 in water forms a mixture that is denser than the original water or brine [25]. 

This causes a local density increase, which induces natural convection currents accelerating the 

rate of CO2 dissolution [1]. The occurrence of natural convection enhances the total storage rate in 

the aquifer since convection currents bring the carbon dioxide lean brine to the top and the 

contaminated brine to the bottom. Natural convection will eventually become less important as 

the brine becomes fully saturated with CO2 (see Chapters 2 and 3).  
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The potential for the geologic storage of CO2 in shale formations that have undergone hydraulic 

fracturing for extraction is being explored for several reasons [26]: (a) shales are widely 

distributed, (b) existing infrastructure of wells, pipelines, etc. is or will be available and (c) pore 

pressures in the shale formations prior to CO2 injection are reduced by gas production. 

Development of shale resources may create capacity for CO2 storage because the innovations 

developed are directly transferable, particularly those that relate to well completion, such as new 

approaches to cementing, more mature horizontal drilling methods, and development of field 

treatment techniques for saline water [27]. Thus, understanding the behavior of CO2 in shale is an 

important part of advancing the opportunity for the geologic storage of CO2, particularly because 

of the fact that the geological characteristics of a particular storage site often influences the design 

of the related CO2 capture and transportation infrastructure [28]. The studies reviewed illustrate 

that the opportunity for geologic storage of CO2 in shales can be significant, but knowledge of the 

characteristics of the different types of gas shales found globally is needed. The potential for CO2 

sorption as part of geologic storage in depleted shale gas reservoirs must be assessed with respect 

to the individual geology of each formation [29].  

This thesis confines its interest to investigate the sequestration capacity of CO2 in saline aquifers 

and more specifically on the mass transfer between CO2 and the brine, show the effect of salinity 

and visualize the fingering of CO2 in bulk phase in the absence of porous media by applying 

Schlieren technique. In addition, we also illustrate the importance of shale formations in the 

world and apply an experimental method to measure the sorption capacity with regards to 

enhanced gas recovery- EGR prospect. To achieve our goals we designed, constructed and 

improved three different setups that form the main core of this thesis. 

The main research objectives addressed in this thesis are: 

1. To qualify, experimentally and numerically, the mass transfer rate of CO2 to water 

(brine), oil and Visualization of Natural Convection Flow of CO2 in Aqueous and Oleic 

Systems. 

2. To investigate the effect of salinity on the transfer rate of CO2 in bulk and porous media. 

3. To model natural convection instability of CO2 in bulk aqueous and oleic phase. 

4. To measure the sorption capacity of shale experimentally by applying the Manometric 

method based on Monte-Carlo simulation. 

5. To review shale gas formations and their potential for carbon storage. 
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This thesis is based on a number of articles published (or submitted). The thesis consists of 6 

chapters. Chapter 2 addresses research objectives (1, 2, and 3). This is accomplished by 

comparison of numerical model results with a set of high pressure visual experiments, based on 

the Schlieren technique, in which we observe the effect of gravity-induced fingers when sub- and 

super-critical CO2 at in situ pressures and temperatures is brought above the liquid, i.e., water, 

brine or oil. A short but comprehensive description of the Schlieren set-up and the transparent 

pressure cell is presented. The Schlieren set-up is capable of visualizing instabilities in natural 

convection flows in the absence of a porous medium. The experiments show that the prevailing 

features that occur in a porous medium also occur in bulk, e.g., unstable gravity fingering and 

pressure decline. The work presented in this chapter was selected and awarded in 2012 in yearly 

scientific meeting at TU Delft. The experiments show that natural convection currents are weakest 

in highly concentrated brine and strongest in oil, due to the higher and lower density contrasts 

respectively. Therefore, the set-up can screen aqueous salt solutions or oil for the relative 

importance of natural convection flows. The experimental results are compared to numerical 

results. It is shown that natural convection effects are stronger in cases of high density 

differences. The set-up can screen any fluid for its relative importance of natural convection flows. 

To our knowledge there is no visual data in the literature for natural convection flow of super 

critical CO2 in aqueous and oleic phase. There is no available experiment for CO2-oil. There is no 

data in the literature which has shown the diffusive layer in the way that our experiments reveal 

it. There is the first time that we showed the continuity of fingers. We can safely say that no theory 

can predict this continuous fingering behavior. 

In chapter 3 we experimentally studied the effect of salinity and pressure on the rate of mass 

transfer in aquifer storage of carbon dioxide in porous media and thus we address parts of the 

objectives (1, 2). There is a large body of literature that numerically and analytically address the 

storage capacity and the rate of transfer between the overlying CO2-gas layer and the aquifer 

below. There is a lack of experimental work at field conditions that study the transfer rate into 

water saturated porous medium at in-situ conditions using carbon dioxide and brine at elevated 

pressures. Such an experiment requires relatively large volumes and sub and supercritical 

pressures. We emphasize that the experiment is not based on a pressure decay configuration, but 

uses a constant gas pressure and measures the dissolution rate using a high pressure ISCO pump. 

It is confirmed that the transfer rate is much faster than the predicted by Fick’s law in the absence 

of natural convection currents. 

Chapter 4 addresses objective (4). Here we investigated sorption of CH4 and CO2 on Belgium 

Carboniferous shale Using a Manometric Set-up. Some studies indicate that, in shale, five 
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molecules of CO2 can be stored for every molecule of CH4 produced. The technical feasibility of 

Enhanced Gas Recovery (EGR) needs to be investigated in more detail. Globally, the amount of 

extracted natural gas from shale has increased rapidly over the past decade. A typical shale gas 

reservoir combines an organic-rich deposition with extremely low matrix permeability. One 

important parameter in assessing the technical viability of (enhanced) production of shale gas is 

the sorption capacity. Our focus is on the sorption of CH4 and CO2. Therefore we have chosen to 

use the manometric method to measure the excess sorption isotherms of CO2 at 318 K and of CH4 

at 308, 318 and 336 K and at pressures up to 105 bar. Only a few measurements have been 

reported in the literature for high-pressure gas sorption on shales.  The experiments on CH4 

show, as expected, a decreasing sorption for increasing temperature.  We apply an error analysis 

based on Monte-Carlo simulation of our experiments. This chapter was selected as the best 

research proposal in the NUPUS yearly meeting in 2013 and allowed a student from Stuttgart to 

accomplish her master thesis in Delft.  

Chapter 5 addresses objective (5). In chapter 5 we review global shale gas resources and consider 

both the opportunities and challenges for their development. It then provides a review of the 

literature on opportunities to store CO2 in shale, thus possibly helping to mitigate the impact of 

CO2 emissions from the power and industrial sectors. The studies reviewed illustrate that the 

opportunity for geologic storage of CO2 in shales might be significant, but knowledge of the 

characteristics of the different types of gas shales found globally is required. The potential for CO2 

sorption as part of geologic storage in depleted shale gas reservoirs must be assessed with respect 

to the individual geology of each formation. Likewise, the introduction of CO2 into shale for 

enhanced gas recovery (EGR) operations may significantly improve both reservoir performance 

and economics.  

In chapter 6 the main conclusions of the thesis are summarized. 
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Chapter 2                          
Visualization and Numerical Investigation of     

Natural Convection Flow of CO2 in Aqueous 

and Oleic Systems 

  

ABSTRACT 

Optimal storage of carbon dioxide (CO2) in aquifers requires dissolution in the aqueous phase. 

Nevertheless, transfer of CO2 from the gas phase to the aqueous phase would be slow if it were 

only driven by diffusion. Dissolution of CO2 in water forms a mixture that is denser than the 

original water or brine. This causes a local density increase, which induces natural convection 

currents accelerating the rate of CO2 dissolution. The same mechanism also applies to carbon 

dioxide enhanced oil recovery.  

This study compares numerical models with a set of high pressure visual experiments, based on 

the Schlieren technique, in which we observe the effect of gravity-induced fingers when sub- and 

super-critical CO2 at in situ pressures and temperatures is brought above the liquid, i.e., water, 

brine or oil. A short but comprehensive description of the Schlieren set-up and the transparent 

pressure cell is presented. The Schlieren set-up is capable of visualizing instabilities in natural 

convection flows; a drawback is that it can only be practically applied in bulk flow, i.e., in the 

absence of a porous medium. All the same many features that occur in a porous medium also 

occur in bulk, e.g., unstable gravity fingering.  

The experiments show that natural convection currents are weakest in highly concentrated 

brine and strongest in oil, due to the higher and lower density contrasts respectively. Therefore, 

the set-up can screen aqueous salt solutions or oil for the relative importance of natural 
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convection flows. The Schlieren pattern consists of a dark region near the equator and a lighter 

region below it. The dark region indicates a region where the refractive index increases 

downward, either due to the presence of a gas liquid interface, or due to the thin diffusion layer, 

which also appears in numerical simulations. The experiments demonstrate the initiation and 

development of the gravity induced fingers. 

The experimental results are compared to numerical results. It is shown that natural convection 

effects are stronger in cases of high density differences. However, due to numerical limitations, 

the simulations are characterized by much larger fingers.  

KEYWORDS: CO2 sequestration; dissolution trapping; natural convection; fluid; 

visualization; schlieren technique 

Published in: Petroleum Science and Engineering volume 122, October 2014, pages 230–239 and COMSOL 2012. 
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 2.1. INTRODUCTION 

The Optimal storage [1] of carbon dioxide (CO2) in aquifers requires dissolution of CO2 in 

formation brine because the virtual density of dissolved CO2 in water (1333 kg/m3) is more 

favorable than its density in the supercritical gas-phase. Without dissolution of CO2 in the 

aqueous phase the storage volume of CO2 in aquifers would be of the order of 2% of the reservoir 

volume [2]. It is expected that, due to buoyancy forces, injected CO2 rises to the top of the 

reservoir forming a gas layer. Transfer from the gas layer to the aquifer below would be slow if it 

were only driven by molecular diffusion. However, CO2 mixes with the water (or brine) to form a 

denser aqueous phase (e.g., in pure water ∆ρ ~ 8 kg/m3 at 30 bar, see, [3]). This initiates 

convective currents and increases the dissolution rate, and thus dissolution of larger amounts of 

CO2 in a shorter period of time. 

Underground storage of CO2 involves costly processes. First, the flue gas should be captured; its 

CO2 fraction should be separated, transported to the injection site, and finally compressed and 

stored in the geological formation. A cost-effective approach may then be to use carbon dioxide 

enhanced oil recovery, which at the same time also stores part of the injected CO2. Moreover, one 

of the challenges in the application of CO2-based enhanced oil recovery techniques for naturally 

fractured reservoirs is the slow mass transfer between the carbon dioxide in the fracture and the 

crude oil in the matrix. As carbon dioxide is miscible with oil and causes a density increase of oil, 

natural convection phenomena could promote the transfer rates, increase the mixing between the 

carbon dioxide and the oil, and accelerate the oil production. Therefore, understanding the CO2-

oil interaction during these processes is of great interest for the petroleum industry. The initial 

stage of natural convection in a saturated porous layer with a denser fluid on top of a lighter fluid 

has been extensively studied by means of linear stability analysis,  numerical simulations and the 

energy method ([4-17]). These analyses provide the criteria under which the boundary layer 

saturated with CO2 becomes unstable. The results are usually expressed in terms of the Rayleigh 

number, which is dependent on the fluid and porous media properties and is defined as 

                                                              
k gH

Ra
D

ρ
ϕµ
∆=                                                              (2. 1) 

where k [m2] is the permeability of the porous medium, ρ∆ [kg/m3] is the characteristic density 

difference between the mixture and the fresh water, g [m/s2] is the acceleration due to gravity, H 

[m] is the characteristic length of the system, ϕ [-] is the porosity, µ [Pa.s] is the viscosity of the 

mixture, and D [m2/s] is the molecular diffusion coefficient of CO2 in water. It has been shown 

that the critical time required for the onset of the convective currents is inversely related to the 

square of Ra, i.e., 2
ct Ra−∝ [13, 16]. The critical wavelength of the fastest growing finger scales 
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with the inverse of Rayleigh number, i.e.,
1

c Raλ −∝ . Lapwood [18] showed that the interface will 

be unstable for Rayleigh numbers above 
24 40π ≈ in porous media. In the absence of a porous 

medium (for bulk solutions), k in Equation (2. 1) is replaced by H2 and natural convection occurs 

when Ra > 2100. It can be expected that the effect will be more pronounced for bulk solutions; 

however, for the time scales relevant for geological storage of CO2 the effect will be also significant 

in porous media. There are many papers devoted to the theoretical description of convection 

currents during storage of CO2 in aquifers; the effect was first mentioned by [19]. Mass transfer of 

CO2 into water has been evaluated experimentally and analytically at different conditions. 

References [20-23] investigate the occurrence of natural convection by recording the pressure 

change in a cylindrical PVT-cell, where a fixed volume of CO2 gas was brought into contact with a 

column of distilled water. The experimental results show that initially the mass-transfer rate is 

much faster than predicted by Fick’s Law (diffusion-based model) indicating that another 

mechanism apart from molecular diffusion plays a role. It was conjectured that density-driven 

natural convection enhances the mass-transfer rate. This conjecture could be validated by 

comparison of experimental data with a numerical model that couples mass- and momentum 

conservation equations [22, 24].  Figure  2-1 compares the extent of natural convection in the 

presence and absence of a porous medium in a glass tube with a radius of 3.5 mm by measuring 

the pressure history. In one experiment the glass tube is filled with only water, and in the other 

one the tube is filled with a porous medium of the same height and saturated with water. The 

figure shows that, although natural convection enhances the transfer rate in water-saturated 

porous media, its enhancement is less than in a bulk liquid. 

 
 

Figure  2-1: Comparison of the pressure history of the experiments with (red) and without porous media 
(blue). The green curve is based on a diffusion model in the absence of convection. The experiments were 

done in a glass tube with radius of 3.5 mm at 11 bar [21]. 
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Okhotsimskiis et al [25] visualized the convective currents in a binary CO2-water system and 

qualitatively evaluated the experimental results, based on Marangoni and free (or natural) 

convection effects, in bulk modules of gas and liquid. More recently, Kneafsey and Pruess [26] 

visualized the occurrence of fingers in the CO2-water system at low pressures.  

The objective of this chapter is to design and construct an experimental set-up, by which the 

development and growth of fingers of CO2 in the aqueous and oleic phases at high pressure can be 

visualized. Because the density gradient plays the main role in occurrence of the convective 

currents, the Schlieren method has been used to visualize the phenomenon. By applying COMSOL 

Multiphysics the numeric results are compared with the experiment. 

The structure of the chapter is as follows: first we describe our experimental Schlieren set-up and 

briefly explain the procedure. Then we illustrate the theoretical model that describes the natural 

convection flow in our experimental configuration. Later we provide a derivation to connect the 

refractive index gradient ∂zn to the concentration gradient ∂zc, which can be used in the 

interpretation of the experiments. Afterwards, we present our experimental and numerical 

results. Finally we end the chapter with some concluding remarks.  

2.2. EXPERIMENTAL SETUP 

The main aim of the chapter is to visualize the induced convection currents when carbon dioxide is 

brought above a layer of liquid water, brine or oil. These currents originate because the density of 

the CO2-liquid mixtures is higher than the pure liquid. It results in gravitationally-unstable flows in 

the CO2-water (water and brine) or CO2-oil mixtures. Our method of choice is the Schlieren 

method, because it is relatively simple to implement, it can be applied at high pressures and under 

favorable circumstances can be compared to numerical simulation data. 

The Schlieren method (for more details see [27]) is an optical technique that can be applied to 

detect density gradients during fluid flow. The schematic of the Schlieren set-up is shown in Figure 

 2-2. To create a point source a 200 W light source is used behind an aperture diaphragm with an 

opening of 0.5 mm. The parallel light beam is created by locating the point source at a focal point 

of the first achromatic lens. This lens has a focal length of 1500 mm and a diameter of 110 mm. 

Because an achromatic lens (optical properties more or less independent of the wavelength of the 

light) is used, the chromatic aberration effect is minimized. In our Schlieren set-up, the distance 

between the light source and the Schlieren object, i.e., the high pressure cell (see Figure  2-2 and 

Figure  2-3) is about 1.6 m. In the high pressure cell the light rays will be deflected due to the 

gradients in refractive index caused by the variations in CO2 concentration. Then the partially 
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deflected light beam converges in the focal plane of the second achromatic lens. This lens is 

identical to the first achromatic lens. A metal piece with a fine thickness is used as a knife edge on 

the focal plane of the second lens. The effect of the knife edge can be understood as follows. The 

light deflected by the inhomogeneity in CO2 concentration will not be focused in the focal point, but 

rather will be displaced in the focal plane of the second lens. This means the deflected light rays are 

shifted with respect to the knife edge, which causes a change in the light transmission by the knife 

edge and consequently the recorded image intensity. In the present implementation the knife edge 

is placed horizontally, which results in the system to be sensitive to light deflections in the vertical 

directions, hence vertical gradients in CO2 concentration. To record the Schlieren images, one black 

and white, CCD camera (Lavision- Imager intense) is used. The exposure time for the camera was 

set to 1 second to record the images with a resolution of 1000 × 1000 pixels.  

CO2

Light Source

High Pressure Cell

Image Acquisition

Software

Knife Edge

High Speed Camera
Achromatic Lens

 
 
Figure  2-2: Schematic drawing of Schlieren set up on a vibration suppressing table. A horizontal knife edge 
is applied from the side. The high speed camera captures the intensity image. The deviation of the intensity 

is a measure of the concentration gradient in the z-direction perpendicular to the table (see Eq. (2.13)). 
 

Figure  2-3 shows a schematic representation of the high pressure cell that can sustain 150 bar. The 

cell consists of a stainless steel frame with a cylindrical hole. Inside the hole there is a stainless 

steel cylinder bounded by two flanges. The cylinder has an outer diameter of 72 mm and a length of 

122 mm. The two flanges on each side have the same inner and outer diameter as the cell. The 

length of the flanges is 22 mm. Between the flanges there are two glass windows with a diameter of 

51 mm and a length of 25.4 mm. Between the two windows there is a gap of 11.6 mm and diameter 

of 25 mm that can contain the fluids. The gap has four connections, of which two are visible in 
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Figure  2-3. The other two connections are at the bottom and symmetrically at the other side. The 

bottom connector is used to bring water inside the high pressure cell; the top connector for filling 

the cell with CO2. One side connector is used to record the pressure with a pressure transducer 

(PTX611, DRUCK, ±0.08% of span) and simultaneously to insert a thermocouple that measures the 

temperature in the upper half of the cell. The thermocouple and pressure transducer stick half a 

centimeter in the cell one centimeter above the equator.  Another thermocouple is inserted in the 

other side connector and also measures the temperature in the upper half of the cell, in the exact 

mirror position of the other thermocouple. A heating wire was mounted around the cell to keep the 

cell at a constant temperature of 39°C.  

 
 

Figure  2-3: Cylindrical high pressure cell, in a holder, with two windows of thickness 25.4 mm. 

 

Before usage, the windows are rinsed to make them as clean as possible. Initially the bottom half of 

the cell is filled with the aqueous or oleic phase. Subsequently gas is admitted from the top until 

the required pressures of 64 and 84 bar are reached. The gas in the container used to carry out the 

experiments consists of 99.98% pure carbon dioxide. There is one computer for recording the 

pressure history and one for recording the images with the high speed camera.      

2.3. NUMERICAL MODELING 

For the modeling we consider a 3-D model for natural convection flow of CO2 in the aqueous or 

oleic phase (see Figure  2-4). The flow cell is a horizontal cylinder, of which the lower half is filled 

with brine or oil. The diameter of the fluid containing part of the cell is 25 mm and the length is 

11.6 mm as in the experiment. The cell is filled with liquid until the equator. The CO2 gas is brought 

on top of the liquid, after which natural convection starts. We applied the conventional equations 

for buoyant density flow and the Boussinesq approximation. This approximation uses constant  
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Figure  2-4: Geometry of the model. 

 

densities except in the gravity term in the Navier Stokes equation. Due to the density heterogeneity 

the fresh (CO2-free) liquid moves to the interface and CO2 containing liquid moves downwards, 

accelerating the mass transfer rate. The boundary conditions are no flow conditions at the vessel 

boundary.  

2.4. GOVERNING EQUATIONS 

We consider a three-dimensional configuration of the horizontal cylinder (Figure  2-4). The vertical 

coordinate is the z-direction, whereas the horizontal coordinate is the x-direction. The coordinate 

perpendicular to the paper is the y-direction. The thickness of the interface is 11.6 mm in the y-

direction. More details are given in this paper in the section where we explain the experimental set 

up. For the ease of reference, a brief description is written here. There are two parts in our 

cylindrical model. The upper part (Ω2) is filled with the gas phase and the lower part (Ω1) is filled 

with liquid. The governing equations in both domains of the cell are given below. 

Liquid Phase Equations in ΩΩΩΩ1: 

(a)  Continuity Equation: 

                                           div 0=v                                                                               (2. 2) 

                               

(b)   Conservation of Momentum, disregarding inertia effects: 

                                  
1

 cp g c
t

ν β
ρ

∂ = − + ∆ − ∆
∂
v

grad v                                                    (2. 3) 

    (c)     Concentration Equation: 



18                                                                                                                                                                             Chapter2  

                                  .  
c

c D c
t

∂ + = ∆
∂

v grad                                                             (2. 4) 

 Gas Phase Equations in ΩΩΩΩ2: 

                                g
g g

c
D c

t

∂
= ∆

∂
                                                                              (2. 5) 

Boundary and initial conditions for the liquid phase:  

Initially, there is no CO2 dissolved in the liquid, i.e. for t=0, and (x,y,z)
3∈ℜ   

                                                             w = v = u = c = 0 

The boundary conditions of the model are:We use zero velocity and zero flux conditions at all 

boundaries except for the interface between gas and liquid. At this boundary we use Henry’s law to 

relate the gas pressure to the carbon dioxide concentration in the liquid, i.e.,  

2 2 2 2 2, , , , , ,/ /H
w g w CO g CO w CO w CO g COK a a m fγ− = =                                                            (2. 6) 

where mw, CO2 is the molality of carbon dioxide in the water phase, γw,CO2 the activity coefficient, and 

fg, CO2(g) is the fugacity of carbon dioxide in the gas phase. We use PHREEQC [28] for the 

computations. The procedure to get activities in neutral molecules is given [29].  

Boundary and initial conditions for the gas phase: 

Initially at t=0,  

                            2,   ,g CO
g

B

C
R T

f
=                                                                                     (2. 7) 

Figure  2-5 and Figure  2-6 present results obtained by PHREEQC [28] for pure water, n-decane, 

brine with 25w/w% salt and 10w/w%. 
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Figure  2-5: Henry’s constant for a 25 w/w% and a 10 w/w% NaCl solution, fresh water and oil versus 
pressure. For n-Decane, the displayed Henry constant should be divided by 10. 

 

 
 

Figure  2-6: The density [g/L] of a 25 w/w%, a 10 w/w% NaCl solution, fresh water and oil versus dissolved 
C(4) concentration at T=312k. By C (4) we mean the sum of the CO2, CO3

2-, HCO3
- at elevated level).  For n-

Decane the dissolved concentration on the horizontal axis should be multiplied to 10. 

 

2.5 THEORY 

Here, we follow [30, 31] to obtain a relation between the refractive index gradient and 

concentration gradient. By way of example we give here the derivation for pure water. We start 

with an equation that relates the refractive index of the solution to the refractive indexes of the 

components, i.e.,  
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 ,                                                                      (2. 8) 

where n is the refractive index of the mixture, nw is the refractive index of pure water, and nCO2 is 

the refractive index of “pure CO2” if it were existing as a single pure component. We use 

(0)/w w wυ ρ ρ= to denote the volume fraction of water in the mixture. Therefore, Eq. (2. 8) can be 

converted to: 

      2 2

2 2

222

2 (0) 2 (0) 2

111

2 2 2
CO COw w

w w CO CO

nnn

n n n

ρρ
ρ ρ

−−− = +
+ + +

  ,                                                                      (2. 9) 

Where 
(0)
wρ , is the density of pure water at the reference temperature and 

2 2

(0) /CO COMρ is the 

inverse partial molar volume of CO2 at the relevant pressure and temperatures. We use wρ and 

2COρ to denote the concentrations of water and carbon dioxide. The data for the pure water and 

CO2 can be found in [3] , page 72, to be 
2

(0)
COρ = 1/VCO2 =30.3 mol / liter, whereas 

(0)
wρ = 1/VH2O = 

55.1 mol / liter at 39°C.  

For ideal solutions the densities 
(0)
wρ and 

2

(0)
COρ are constant at a given temperature, i.e., 

independent of the concentrations and pressure. As the sum of the volume fractions is unity we can 
write the relation: 

                                  2

2

(0) (0)
1COw

w CO

ρρ
ρ ρ

+ =  ,                                                                             (2. 10) 

The Clausius-Mossotti relation reads in electrostatic units, 

                                  

2

2

1 1

2 3

n
L

n
ρ α− =

+
,                                                                              (2. 11) 

                                     

where α is the polarizability [m3/molecule], L=6.0225×1023 is Avogadro’s number 

[molecules/mole] and ρ [moles/m3] is the molar concentration. The refractive index n of CO2 at 

atmospheric pressure and at 273.15 K is n=1.000449. The density of CO2 at atmospheric pressure 

and 273.15 K is 
2 gCOρ  = 44.942 [mol/m3]. Therefore we find that Lα = 1.998× 10-5. Consequently, 

the refractive index of “pure CO2” can be found from Lα = 1.998× 10-5 and the density 
2

(0)
COρ  by 

using Eq. (2. 11); from which we obtain nCO2 = 1.326. From the literature [32] we obtain for water, 

the 10 w/w% and the 25 w/w% brine solutions at 39oC that nw = 1.339 , n10w/w%=1.35 and 

n25w/w%=1.37 (see also the data base in PHREEQC [28] . For n-decane the refractive index is 

1.405 [33] ). 

After differentiation of Eq. (2. 9) towards z and using (2. 10) we obtain: 
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Therefore it follows that  

2 2
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1 11 6 1
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ρ
ρ
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,                                                   (2. 13) 

where we used reference [27] for the derivation that 1/n ∂n/∂z is proportional to the relative 

intensity variation ∆ I / I in the recorded Schlieren image when the knife edge is oriented 

horizontally. This equation shows that the intensity fluctuations depend on the concentration 

gradient (∂z ρCO2) and on the difference of (n2 -1)/ (n2 + 2) between pure water and “pure” CO2. It is 

to be noted that this difference is very small for fresh water. For the salt solutions the refractive 

index of fresh water nw should be replaced by the refractive index of the salt solution. For the n-

decane experiments we replace nw by the refractive index of n-decane. In these cases the term 

between brackets in Eq. (2. 13) is much larger than for fresh water.   

2.6. EXPERIMENTAL RESULTS AND INTERPRETATION 

Figure  2-7 to Figure  2-11 show the experimental results. Figure  2-7 to Figure  2-9 show results at 

decreasing salt concentrations. Figure  2-10 shows the result for oil and Figure  2-11 presents a result 

at supercritical conditions for pure water. In all experiments, the z-direction is taken as pointing 

vertically downward and the knife cuts the beam horizontally from below. The refractive index of 

the carbon dioxide containing solutions is lower than for the solutions without dissolved CO2 (see 

[34] ). Initially there is constant refractive index; the beam is not deflected and the observed 

intensity in the lower region is constant (dark grey). At later times the region below the equator 

appears dark as this is a region of increasing refractive index as we move downward from the 

equator. Indeed the beam is deflected in the direction of higher refractive index. Consequently the 

beam is deflected towards the knife edge and hits the knife edge. This leads to a darker region, as is 

observed in the experiments. At the gas-liquid interface we also expect that on average the 

refractive index increases from above the equator that contains a gas phase to below the equator 

that contains a liquid phase. This would also lead to a dark region. 

Further downward, there will be fingers protruding from above in a rather erratic manner. As the 

light beam, which traverses in the x-direction, encounters many gravity fingers it will be deflected 

in all directions and shows more a typical scattering pattern and the lower half, beyond the dark 

region, shows an increased intensity  [35-39] . So even if the beam is deflected downwards the 
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scattered light goes around the focal point and we expect a lighter region. This is also observed in 

the early stages of most experiments. Still below the scattering region, diffusion of carbon dioxide 

occurs, leading again to an increasing refractive index (positive refractive index gradient) and thus 

to a dark region. After some time the entire region is filled with fingers. The refractive index is 

therefore changing erratically in the z-direction.  

Figure  2-7 presents the Schlieren pattern for a 25 w/w% NaCl solution. At this high salt 

concentration there is only a small density contrast due to the high Henry coefficient (see Figure 

 2-5) and consequently the Rayleigh number is relatively low. Moreover, according to Eq. (2. 13), the 

refractive index contrast is larger than for pure water. The experiment starts after admitting carbon 

dioxide into the cell at the required pressure. Gravity fingering only initiates after 50 seconds. 

Fingers reach the bottom of the cell after about 200 seconds. In the early stages fingers grow much 

slower than in the pure water- CO2 system (see Figure  2-9). For 700 < t < 1000 seconds the 

instabilities are still clearly visible in the 25% brine case as opposed to the pure water-CO2 system 

where the fingering becomes less pronounced after thousand seconds.  

a-5 Sec b-50 Sec c-100 Sec

d-150 Sec e-200 Sec f-250 Sec

g-700Sec h-850 Sec i-1000 Sec

 
Figure  2-7: Schlieren pattern in CO2-Brine (25w/w% salt) after different times. It shows fingers in the 

lower half of the circle. The upper half is filled with CO2 at 64 bar. 
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a-5 Sec b-25 Sec c-50 Sec

d-75 Sec e-100 Sec f-150 Sec

g-250 Sec h-600 Sec i-1000 Sec

 
 

Figure  2-8: Schlieren pattern in CO2-Brine (10w/w% salt) after different times. It shows fingers in the 
lower half of the circle. The upper half is filled with CO2 at 64 bar. 

 

Figure  2-8 shows the Schlieren pattern for a 10 w/w% NaCl solution. Following Eq. (2. 13) we 

expect again that the refractive index contrast becomes larger than for pure water. One observes 

that fingering begins at about 25 seconds whereas the fingering starts after 5 seconds in the CO2 –

pure water system. The time for onset of fingering is inversely proportional to Ra-2 [13, 16]. This 

means that the time for onset of gravity fingering is proportional to (∆ρ)-2. The solubility of CO2 in 

10 w/w% brine is less than in pure water, but larger than in the 25 w/w% case, leading to smaller 

and larger ∆ρ values respectively. From t=75 to t=150 seconds a similar instability behavior is 

observed. As time proceeds, the speed and the number of the fingers decline. The brine- CO2 

system at later stages (600 <t<1000 seconds) shows more unstable behavior than at the 

corresponding times in the pure water- CO2 system.  

Figure  2-9 shows the Schlieren pattern for the system of pure water- CO2 at 64 bar. We observe that 

gravity fingering appears almost immediately; however, as time elapses the number of fingers and 

the fingering rate decreases. Figure  2-9a shows that the instabilities start from the center and then 

propagate towards the sides. After 25 seconds the instabilities are visible throughout the whole 

system. The fingering pattern changes constantly and stays roughly the same between t=25 to 

t=100 seconds. After about 100 seconds the fingering pattern becomes less than initially, 

illustrating the evolvement towards a homogeneous concentration distribution.  
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a-5 Sec b-25 Sec c-50 Sec

d-75 Sec e-100 Sec f-150 Sec

g-250 Sec h-600 Sec i-1000 Sec

 
Figure  2-9: Schlieren pattern in CO2-Water after different times. It shows fingers in the lower half of the 

circle. The upper half is filled with CO2 at 64 bar. 

 

a-1Sec b-15 Sec c-30 Sec

d-90 Sec e-150 Sec f-250 Sec

g-600 Sec h-700 Sec i-1000 Sec

 
 

 Figure  2-10: Schlieren pattern in CO2-Oil (nC10) after different times. It shows fingers in the lower half of 
the circle. The upper half is filled with CO2 at 64 bar. 
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Figure  2-10 demonstrates the Schlieren pattern for the system of Oil (n-decane) - CO2 at 64 bar. 

Immediately after bringing CO2 on top of the oleic phase, the system exhibits highly unstable 

behavior. More interfacial turbulence can be seen in oil-phase experiment than in the aqueous-

phase experiments. After 150 seconds a fingering pattern appears in the middle of the cell. From 

t=600 to t=800 seconds these gravity fingers are observed at both sides of the cell, albeit that the 

intensity of fingering becomes less. This is the first visualization experiment involving oil. We leave 

further interpretation of this experiment for future work. 

We did an experiment at 84 bar when CO2 in supercritical condition is brought into contact with 

water. Figure  2-11 shows the Schlieren pattern in the CO2 – water system after different times at 84 

bar. From the beginning of injection, instability starts. After 5 sec, gravity fingers hit the bottom of 

the cell. From t=25 to t=150 seconds the instability increases. A similar pattern persists in this 

period. In comparison with Figure  2-9 at the later stages (600-1000 seconds), a more or less 

similar behavior is observed for subcritical (Figure  2-9) and super critical CO2 (Figure  2-11) in 

contact with water. 

a-5 Sec b-25 Sec c-50 Sec

d-75 Sec e-100 Sec

g-250 Sec h-600 Sec i-1000 Sec

f-150 Sec

 
Figure  2-11: Schlieren pattern in CO2-Water after different times. It shows fingers in the lower half of the 

circle. The upper half is filled with CO2 at 84bar 

 

Figure  2-12 summarizes the pressure behavior for the four experiments at 64 bar. As shown in 

Figure  2-12 the rate of pressure decline decreases in the order of oil, pure water, brine 10w/w% and 

finally brine 25w/w%. Indeed, due to the high miscibility of CO2 in oil, the initial pressure 

decreases dramatically.  
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Figure  2-12: Comparison of the pressure history of the experiments in Brine, Water and Oil at 64 bar. A 

pressure decrease in the upper half of the cell corresponds to a decreasing mass in the upper half of the cell, 
which must be for reasons of mass conservation transferred to the liquid phase in the lower half of the cell. 
The pressure derivative can be directly related to the integrated mass transfer rate. The “density or inverse 

partial molar volume” of the carbon dioxide in the liquid phase is much higher than the molar density in the 
gas phase, meaning that the transfer of carbon dioxide to the liquid phase entails only a negligible volume 

increase in the liquid phase. 

 

2.7. NUMERICAL RESULTS 

The Numerical modeling of natural convection is challenging because high (spatial and temporal) 

resolution is required in the regions where natural convection takes place. We use commercial 

finite element software (COMSOL) to perform the numerical computations. For the liquid phase 

we apply the creeping flow equation (Eq. (2. 3)), from the fluid flow module and the transport of 

diluted species (Eq. (2. 4), (2. 5)) from the chemical species transport module. Initial and boundary 

conditions are given above. 

Figure  2-13 to Figure  2-16 show the 3-D numerical simulations corresponding to our experimental 

conditions. The experimental results are shown in the sequence of increasing strength of natural 

convection, which has as a consequence that the natural convection is the weakest for the 25w/w% 

salt solution, somewhat stronger at 10w/w%, again stronger for pure water (0w/w%) and  

strongest for the n-Decane experiments. The simulations use 49876 tetrahedral elements. The 

elements are third order for the velocity and second order for the pressure. The elements for the 

concentration equation are linear. 
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Figure  2-13 simulates the 25 w/w% situation. The figure shows the onset of natural convection at 

50 s where initial perturbation is clearly visible. The upper bound of the concentration remains 

more or less the same (~300 mol/m3), but at the lower bound it increases from zero to 140 

mol/m3. As time proceeds, the fingers become longer and thicker as shown in the top right figure. 

Subsequently (in bottom left figure) the strength of natural convection becomes less and also the 

concentration contrast becomes less. The fingers persist in the right bottom figure, albeit that we 

note that the concentration contrast is decreasing in the range between 140-280 mol/m3. Figure 

 2-12 shows that the pressure decline for the 25 w/w% solution is slowest.  

 

 
 

  
Figure  2-13: Numerical results of classical model 25w/w% brine-CO2 at 64 bar and 312k, - concentration 

profile is shown in various times (t=20, 50, 110 and 180 sec). 
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Figure  2-14 concerns the 10 w/w% situation. The top left figure shows the onset of natural 

convection at 20 s and the initial perturbation is already superseded by natural convection flow.  

  
 
 
 
 
 
 
 

  

 
 

 
Figure  2-14: Numerical results of classical model 10w/w%-CO2 brine at 64 bar and 312k, - concentration 

profile is shown in various times (t=20, 50, 150 and 200 sec). 

 

The upper bound of the concentration remains more or less the same (~700 mol/m3), but the 

lower bound increases from zero to 500 mol/m3. As time proceeds, the fingers become again 

longer and thicker as shown in the top right figure. Subsequently (in the bottom left figure) the 

strength of natural convection becomes less and also the concentration contrast becomes less. The 

fingers persist in the right bottom figure, albeit we note that the concentration contrast is 
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decreasing in the range between 500-700 mol/m3.  Figure  2-12 shows that the pressure decline for 

the 10 w/w% solution is the second slowest. 

Figure  2-15 concerns the pure water phase. The top left figure shows the onset of natural convection 

at 10 s and the initial perturbation is completely superseded by natural convection flow.  

 

  

 
  

 
Figure  2-15: Numerical results of classical model pure water-CO2 at 64 bar and 312k, - concentration 

profile is shown in various times (t=20, 50, 150 and 400 sec). 

The upper bound of the concentration decreases from (~1200 mol/m3) to (~900 mol/m3), whereas 

the lower bound increases from zero to (~860 mol/m3). As time proceeds, the fingers stay more or 

less the same as shown in the top right figure. Subsequently (in bottom left figure) the strength of 

natural convection becomes less and also the concentration contrast becomes less. The fingers 
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almost disappear in the right bottom figure, which is even more conspicuous if we consider that the 

concentration contrast is decreasing in the range between (854-874 mol/m3). Figure  2-12 shows 

that the pressure decline for the 0 w/w% solution is stronger than for the 10 w/w% solution. 

Figure  2-16 shows the numerical simulation for the oleic phase. The top left figure shows that the 

on-set of natural convection occurs at 20 seconds.  

 

  
 

 
  
 
Figure  2-16: Numerical results of classical model Decane-CO2 at 64 bar and 312K, - concentration profile is 

shown in various times (t=20, 50, 150 and 500 sec). 
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The upper bound of the concentration decreases from (~2700 mol/m3) to (1400 mol/m3), whereas 

the lower bound increases from zero to (1000 mol/m3). As time increases the fingers become less 

conspicuous. Figure  2-12 shows that the pressure decline for oleic phase is stronger than for the 

other cases. 

Figure  2-17 compares the measured pressure history with results obtained with numerical 

simulation. The computed results show qualitatively the same trends as the experimental results 

albeit that the computed transfer rate is larger.  

 
 

Figure  2-17: Comparison of the pressure history of the modeling in Brine, Water and Oil at 64 bar. 

This is in particular conspicuous for the oil result. Indeed, comparison of the experimental results 

to the numerical results shows only qualitative agreement. We conjecture in the numerical section 

that the grid cells are too large to capture the mm-scale fine structure of the gravity fingers. It is 

technically not possible to use smaller grid cells as this will lead to prohibitively long computation 

times. In comparison to the onset of instability there is some correspondence between experiments 

and numerical results. In the numerical model, the number of fingers is much less than in the 

experimental results. Also in the numerical calculations the fingers are much larger. The main 

qualitative correspondence between simulations and experiments is that there is a region of high 

concentration gradient near the gas–liquid interface. We leave simulations with finer grids for a 

better understanding to future work.  
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2.8. CONCLUSIONS 

• Dissolution of CO2 in an aqueous (or oleic) phase forms a mixture that is denser than the 

carbon dioxide free water or brine (oleic phase). This causes a local density increase, 

which induces natural convection currents (gravity fingers) when gaseous carbon dioxide 

is brought above the liquid phase. This enhances the rate of mixing of CO2 in the liquid 

phase.  

• We designed and built a cylindrical transparent high pressure cell in which gravity induced 

fingers (playing a major role in the enhanced mixing process) could be observed, e.g., by 

mounting the cylinder horizontally and filling the bottom half with liquid and the top-half 

with gaseous or supercritical carbon dioxide.  

• We developed a Schlieren set-up that can be used to observe the gravity induced fingers 

based on refractive index variations. Gravity fingers have been observed in an aqueous 

phase with various concentrations of sodium chloride (0-25 w/w %) or with an oleic phase 

(n-decane). The experiments show that natural convection currents are weakest in highly 

concentrated brine and strongest in oil.  

• The Schlieren pattern consists of a dark region near the equator and a lighter region below 

it. The dark region indicates a region where the refractive index increases downward, 

either due to the presence of a gas liquid interface, or due to the thin diffusion layer, 

which also appears in numerical simulations. 

• It is possible to use commercial software (COMSOL Multiphysics) to simulate the natural 

convection process in 3-D albeit with grid cells that are too large to capture the mm-scale 

fine structure of the gravity fingers.  As the distance between the windows is 11.6 mm it 

can be expected that the concentration is not uniform in the axial direction. This leads 

initially to a scattering region with a lighter appearance in the Schlieren pattern. For later 

times the erratic behavior decreases and the effect of individual gravity fingers can be 

observed.    

• To our knowledge this is the first time that gravity fingers in the oil phase are visualized. 

The set-up can screen any fluid for its relative importance of natural convection flows. 

  

2.9. NOMENCLATURE 

C = concentration (mol/m3) 

Cg = concentration (mol/m3) 
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D = molecular diffusion coefficient, (m2/ s) 

Dg= molecular diffusion coefficient in gas phase, (m2/ s) 

k = permeability, mD 

β = volumetric expansion coefficient (m3/mol) 

V=velocity (m/s) 

P=pressure (bar) 

t=time 

ν = kinematic viscosity (m2/s) 

ρ = density (kg/m3) 

A = the area exposed to CO2 (m2) 

µ = viscosity of the solvent (kg.m.s) 

g = acceleration due to gravity (kg/m) 

Ra= Rayleigh number 

KH =Henry’s constant 

n= refractive index 

nw= refractive index of pure water 

nCO2 =refractive index of pure CO2 

(0)
wρ = density of pure water at the reference temperature(kg/m3) 

α = polarizability 

L= Avogadro’s number 

mw,CO2= molality of carbon dioxide in the water phase(mol/kg) 

γw,CO2 = activity coefficient 

f g,CO2(g)= fugacity of carbon dioxide in the gas phase(bar) 

Subscripts 

0 = reference value of the quantity 

g = gas 

i = initial value 
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w = water 

2.10. REFERENCES 

1. Eftekhari, A.A., H. Van Der Kooi, and H. Bruining, Exergy analysis of underground coal 

gasification with simultaneous storage of carbon dioxide. Energy, 2012. 45(1): p. 729-745. 

2. Van der Meer, L., Investigations regarding the storage of carbon dioxide in aquifers in the 

Netherlands. Energy Conversion and Management, 1992. 33(5): p. 611-618. 

3. Gmelin, L., Gmelin Handbuch der anorganischen Chemie, 8. Auflage. Kohlenstoff, Teil C3, 

Verbindungen, 1973, ISBN 3-527-81419-1. 

4. Bachu, S., W. Gunter, and E. Perkins, Aquifer disposal of CO< sub> 2</sub>: Hydrodynamic and 

mineral trapping. Energy Conversion and Management, 1994. 35(4): p. 269-279. 

5. Class, H., et al., A benchmark study on problems related to CO2 storage in geologic formations. 

Computational Geosciences, 2009. 13(4): p. 409-434. 

6. Elder, J., The unstable thermal interface. J. Fluid Mech, 1968. 32(1): p. 69-96. 

7. Ennis-King, J., I. Preston, and L. Paterson, Onset of convection in anisotropic porous media 

subject to a rapid change in boundary conditions. Physics of Fluids, 2005. 17(8): p. 084107-

084107-15. 

8. Foster, T.D., Onset of convection in a layer of fluid cooled from above. Physics of Fluids, 1965. 8: p. 

1770. 

9. Gasda, S.E., Numerical models for evaluating CO2 storage in deep saline aquifers: Leaky wells and 

large-scale geological features, . Ph.D. Thesis. Available at 

http://arks.princeton.edu/ark:/88435/dsp01j098zb09n., 2010. 

10. Nordbotten, J.M. and M.A. Celia, Geological Storage of CO2: Modeling Approaches for Large-

Scale Simulation2011: Wiley. com. 

11. Nordbotten, J.M., M.A. Celia, and S. Bachu, Injection and storage of CO2 in deep saline aquifers: 

Analytical solution for CO2 plume evolution during injection. Transport in porous media, 2005. 

58(3): p. 339-360. 

12. Ranganathan, P., et al., Numerical simulation of natural convection in heterogeneous porous 

media for CO2 geological storage. Transport in porous media, 2012. 95(1): p. 25-54. 

13. Riaz, A., et al., Onset of convection in a gravitationally unstable diffusive boundary layer in 

porous media. Journal of Fluid Mechanics, 2006. 548: p. 87-111. 

14. Walker, K.L. and G.M. Homsy, Convection in a porous cavity. J. Fluid Mech, 1978. 87(Part 3): p. 

449-474. 

15. Van Duijn, C., G. Pieters, and P. Raats, Steady flows in unsaturated soils are stable. Transport in 

porous media, 2004. 57(2): p. 215-244. 

16. Meulenbroek, B., R. Farajzadeh, and H. Bruining, The effect of interface movement and viscosity 

variation on the stability of a diffusive interface between aqueous and gaseous CO2. Physics of 

Fluids (1994-present), 2013. 25(7): p. 074103. 

17. Myint, P.C. and A. Firoozabadi, Onset of convection with fluid compressibility and interface 

movement. Physics of Fluids, 2013. 25: p. 094105. 

18. Lapwood, E., Convection of a fluid in a porous medium. Proceedings of the Cambridge, 1948. 

19. Weir, G., S. White, and W. Kissling, Reservoir storage and containment of greenhouse gases. 

Energy Conversion and Management, 1995. 36(6): p. 531-534. 

20. Farajzadeh, R., et al., Mass transfer of CO2 into water and surfactant solutions. Petroleum Science 

and Technology, 2007. 25(12): p. 1493-1511. 

21. Farajzadeh, R., et al., Numerical simulation of density-driven natural convection in porous media 

with application for CO2 injection projects. International journal of heat and mass transfer, 2007. 

50(25): p. 5054-5064. 

22. Farajzadeh, R., P.L. Zitha, and J. Bruining, Enhanced mass transfer of CO2 into water: experiment 

and modeling. Industrial & Engineering Chemistry Research, 2009. 48(13): p. 6423-6431. 

23. Yang, C. and Y. Gu, Accelerated mass transfer of CO2 in reservoir brine due to density-driven 

natural convection at high pressures and elevated temperatures. Industrial & Engineering 

Chemistry Research, 2006. 45(8): p. 2430-2436. 



Chapter 2: Visualization and Numerical Investigation of Natural Convection of CO2 in Aqueous and Oleic Systems      35 

24. Nazari Moghaddam, R. and B. Rostami, Reply to the “Comments on the Paper ‘Quantification of 

Density-Driven Natural Convection for Dissolution Mechanism in CO2 Sequestration’by R. Nazari 

Moghaddam et al.(2011)”. Transport in porous media, 2012. 93(1): p. 175-178. 

25. Okhotsimskii, A. and M. Hozawa, Schlieren visualization of natural convection in binary gas–

liquid systems. Chemical engineering science, 1998. 53(14): p. 2547-2573. 

26. Kneafsey, T.J. and K. Pruess, Laboratory flow experiments for visualizing carbon dioxide-induced, 

density-driven brine convection. Transport in porous media, 2010. 82(1): p. 123-139. 

27. Settles, G. S. "Schlieren and Shadowgraph Techniques: Visualizing Phenomena in Transparent 

Media. 2001." Springer. 

28. Parkhurst, D.L. and C. Appelo, Description of input and examples for PHREEQC version 3- A 

computer program for speciation, batch-reaction, one-dimensional transport, and inverse 

geochemical calculations. US Geological Survey Techniques and Methods, Book 6, Modeling 

Techniques, 2013. 

29. Randall, M. and C.F. Failey, The Activity Coefficient of Gases in Aqueous Salt Solutions. Chemical 

Reviews, 1927. 4(3): p. 271-284. 

30. Feynman, R., R. Leighten, and M. Sands, The Feynman Lectures on Physics, Edison-Wesley Pub, 

1965, Comp. 

31. Song, Y., et al., Measurement on CO2 Solution Density by Optical Technology. Journal of 

Visualization, 2003. 6(1): p. 41-51. 

32. Subedi, D., et al., Study of temperature and concentration dependence of refractive index of 

liquids using a novel technique. Kathmandu University Journal of Science, Engineering and 

Technology, 2006. 2(1): p. 1-7. 

33. Mosteiro, L., et al., Density, speed of sound, refractive index and dielectric permittivity of (diethyl 

carbonate+ n-decane) at several temperatures. The Journal of Chemical Thermodynamics, 2001. 

33(7): p. 787-801. 

34. Bao, B., et al., Detecting Supercritical CO2 in Brine at Sequestration Pressure with an Optical 

Fiber Sensor. Environmental science & technology, 2012. 47(1): p. 306-313. 

35. Gatej, A., J. Wasselowski, and P. Loosen, Using adaptive weighted least squares approximation 

for coupling thermal and optical simulation. Applied Optics, 2012. 51(28): p. 6718-6725. 

36. Rimmer, M.P. Ray tracing in inhomogeneous media. in 1983 International Techincal 

Conference/Europe. 1983. International Society for Optics and Photonics. 

37. Sharma, A., D.V. Kumar, and A.K. Ghatak, Tracing rays through graded-index media: a new 

method. Applied Optics, 1982. 21(6): p. 984-987. 

38. van der Net, A., et al., Simulating and interpretating images of foams with computational ray-

tracing techniques. Colloids and Surfaces A: Physicochemical and Engineering Aspects, 2007. 

309(1): p. 159-176. 

39. Wu, Z.S., et al., Improved algorithm for electromagnetic scattering of plane waves and shaped 

beams by multilayered spheres. Applied Optics, 1997. 36(21): p. 5188-5198. 



 

  
 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 



Chapter 3                              
Effect of salinity and pressure on the rate of 

mass transfer in aquifer storage of carbon 

Dioxide 

 

ABSTRACT 

The growing concern about global warming has increased interest in improving the technology 

for the geological storage of carbon dioxide (CO2) in aquifers. One issue is the limited storage 

space for carbon dioxide. Part of the storage space is in a gas tongue overlaying the aquifer. 

However, more storage space is available in aquifer. Storage in the aquifer has the advantage 

that the partial molar volume of dissolved carbon dioxide is about twice as small as the partial 

molar volume of the gas phase under optimal conditions.  

One important aspect for aquifer storage is the rate of transfer between the overlying gas layer 

and the aquifer below. It is generally accepted that density driven natural convection is an 

important mechanism that enhances the mass transfer rate. The density effects occur because 

water with dissolved carbon dioxide has a higher density than fresh water or brine.  

There is a lack of experimental work that study the transfer rate into water saturated porous 

medium at in-situ conditions, i.e., above critical temperatures and at pressures above 60 bar. 

Representative natural convection experiments require relatively large volumes (e.g., a 

diameter 8.5 cm and a length of 23 cm). We studied the transfer rate experimentally for both 

fresh water and brine (2.5, 5 and 10 w/w %). The experiment uses a high pressure ISCO pump to 

keep the pressure constant and allows determining the corresponding injection rate and 

cumulative injected volume. To our knowledge this is the first transfer experiments at constant 

pressure.  

A log-log plot reveals that the mass transfer rate is proportional to t0.8, and thus much faster 

than the predicted by Fick’s law in the absence of natural convection currents. Moreover, the 
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experiments show that natural convection currents are weakest in highly concentrated brine 

and strongest in pure water. 

KEYWORDS: CO2, Enhanced mass transfer, Natural convection 

Published in: submitted to journal of EAGE. 
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3.1. INTRODUCTION 

The International Energy Agency (IEA) proposes large-scale investments in carbon capture and 

storage (CCS) to mitigate the impact of carbon dioxide (CO2) emissions from the power and 

industrial sectors. In fact, IEA explicitly claims that two-thirds of today’s proven reserves of fossil 

fuels still need to be in the ground in 2050 if the world is to achieve the 2°C goal, unless carbon 

capture and storage (CCS) technology can be widely deployed [1]. Carbon sequestration options 

include storage in oil and gas reservoirs, saline formations, un-mineable coal seams, basalts, and 

shales. Perhaps the most commonly considered target repository for CO2 is a deep saline aquifer. 

However, concerns for storage in saline formations contain energy requirement [2], cost, long-

term storage, impact on seismicity, and the logistics of sequestration [3] prevent large scale 

implementation. Eftekhari et al., [4] investigated the practical exergy requirement in  CO2 capture 

processes. They showed that exergy consumption for capture varies between 0.5-10 MJ/kg CO2, 

corresponding to 2.5% - 50% of the exergy of methane. It illustrates the importance of the 

methods chosen and the effect of energy consumed to carry out carbon capture and storage. 

Michael et al., [5] reviewed the experience from existing storage operations for geological storage 

of CO2 in saline aquifers. Experience with CO2 injection at the pilot projects (Frio, Ketzin, 

Nagaoka and US Regional Partnerships) and existing operations (Sleipner, Snøhvit and In Salah) 

show that CO2 geological storage in saline aquifers is technically feasible. By the end of 2008, 

approximately 20 Mt of CO2 had been successfully injected into saline aquifers by existing 

operations. The highest injection rate and total storage volume for a single storage operation are 

approximately 1 Mt CO2/year and 25 Mt, respectively. A benchmark study on problems related to 

CO2 storage in geologic formations were carried out by Class et al., [6]. They mention several 

problems such as: leakage through a well, spillage of methane into the atmosphere, and low 

injectivity and heterogeneity of the reservoirs. Quantitative estimation of CO2 leakage from 

geological storage was also studied by Celia et al., [7]. Their analytical solutions suggest a 

promising avenue for leakage analysis at the large scale. 

It can be expected that optimal storage [4] of carbon dioxide (CO2) in aquifers improves by 

dissolution of CO2 in formation brine because the virtual density (inverse partial molar volume) of 

dissolved CO2 in water (1333 kg/m3) is more favorable than its density in the supercritical gas-

phase. The sequestration capacity of CO2 in aquifers would be of the order of 2%  of the reservoir 

volume, if CO2 would not dissolve in the aqueous phase [8]. Injected CO2 moves upward to the top 

of the reservoir forming a gas layer due to buoyancy forces. The CO2 transfer rate from the gas 

layer to the aquifer below would be slow if it were only determined by molecular diffusion. CO2 

mixes with the water (or brine) to form a denser aqueous phase (e.g., in a pure CO2-water 
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mixture, the density increase  ∆ρ ~ 8 kg/m3 at 30 bar, see, [9]). A denser phase above a less dense 

phase initiates convective currents that enhance the dissolution rate, thus accelerating dissolution 

of CO2 in the aqueous phase. The initial stage of natural convection in a saturated porous layer 

with a denser fluid on top of a lighter fluid has been extensively studied by means of a linear 

stability analysis,  numerical simulations and the energy method ([6, 10-25]).  

Experimental work can be categorized in two fields: visualization of fingers and quantification of 

the dissolution rate. Visualization experiments are designed to show the unstable flow when water 

saturated with CO2 overlays a column of carbon dioxide free water (or brine) and to visualize the 

formation, initiation, and development of fingers. Okhotsimskiis et al., [26] visualized the 

convective currents in a binary CO2-water system and qualitatively evaluated the experimental 

results, based on Marangoni and free (or natural) convection effects in the absence of a porous 

medium. Kneafsey and Pruess [27] used a pH indicator to visualize the formation of fingers due to 

the dissolution of CO2 in pure water and brine in a Hele-Shaw cell with a permeability around 

40,000 Darcy. Khosrokhavar et al. in a previous paper [14] applied the Schlieren method to show 

the effect of gravity induced fingers in a high pressure cell equipped with windows, in which 

subcritical or supercritical CO2 is brought above a liquid water, brine, or oil layer at constant 

temperature, and compared the results with numerical computations. Neufeld et al., [28] 

presented a new analogue fluid system that reproduces the convective behavior of an CO2-

enriched brine. Laboratory experiments and high-resolution numerical simulations illustrate that 

the convective flux scales with the Rayleigh number to the 4/5 power, in contrast with a classical 

linear relationship. MacMinn et al., [29] studied the spreading and convective dissolution of 

carbon dioxide in vertically confined, horizontal aquifers. They conducted the laboratory 

experiments with analog fluids (water and a mixture of methanol and ethylene glycol) and 

compared the experimental results with simple theoretical models. Their experiments show that 

the spreading of the buoyant current is characterized by a parabola-like advance and retreat of its 

leading edge. 

Farajzadeh et al., [30, 31] performed a set of pressure decay experiments to quantify the enhanced 

mass transfer of CO2 in water, surfactant solutions, and oil. They showed that the pressure decay 

results do not match the solution of the Fick's second law. Nazari Moghaddam et al., [32] carried 

out pressure decay experiments in two PVT-cells to investigate the CO2 dissolution in bulk water 

and a second set of experiments to study CO2 dissolution in water saturated porous media with a 

permeability range of 121 to 2546 Darcy. Based on the experimental results, they calculate a 

pseudo-dissolution coefficient for CO2 in water. More recently Moortgat et al., [33] numerically 

investigated CO2 injection in vertical and horizontal cores. They showed that an analysis of CO2 
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core flooding may provide important parameters for field-scale problems. Benson et al., [34] 

mention the main criteria for successful large-scale geologic CO2 storage. They showed that 

optimizing the design and operation of injection projects will depend on knowledge of the 

injectivity, trapping capacity, the distribution of CO2 in the subsurface and the overall areal extent 

of the subsurface plume.  

The objective of this chapter is to design and construct an experimental set-up, with which the 

effect of salinity and pressure on the rate of mass transfer in aquifer storage of carbon dioxide can 

be elucidated. 

The structure of the chapter is as follows: first we describe our experimental set-up and briefly 

explain the procedure. Then we investigate the onset and development of natural convection and 

quantify the mass transfer rate in our experimental configuration and interpret the results. 

Finally we end the chapter with some concluding remarks.  

3.2. EXPERIMENTAL SET-UP  

The experimental set up, shown in Figure  3-1, consists of a stainless steel vessel with an inside 

diameter of 8.43 cm and a height of 22.7 cm (see Figure  3-2). It is positioned vertically in an oven 

with a temperature control accuracy of 0.02 K. The top opening of the vessel is connected to a 

pressure transducer with an accuracy of 0.01 bar. The pressure is recorded by data acquisition 

software every 5 seconds.  

The experimental procedure is as follows: First, the vessel is filled with known mass of sand with a 

known particle size distribution. 90% percent of the Cylinder is filled with sand pack to ensure 

that the sand particles are completely packed, the vessel is shaken by hammering the wall for 60 

minutes. The vessel is mounted in the oven and filled with helium at 8 bar. We use the helium 

detector to check the connections for the leakage. Afterward we pressurized the cylinder by He to 

100 bar. Then we record the helium pressure for 24 hours. If there is no noticeable pressure 

decline (no leakage) we flush the sand pack with CO2 4-6 times. Then, we connect the set up to a 

vacuum pump for 24 hours. The vacuuming step is necessary to prevent the formation of bubbles 

of gas in the water saturated zone .Then a known mass of water is injected through valve 5 to 

saturate the sand pack. The vacuum in the vessel is enough to suck water inside. Then we bring 

CO2 into the ISCO PUMP at 60 and 100 bar. Both the ISCO pump and cylinder containing the 

sandpack are in the oven to keep the temperature constant. We leave the set-up in the oven for 24 

hours to reach thermal equilibrium at a constant temperature of 35°C. When the system reached 
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thermal equilibrium, we start the data acquisition system and inject CO2 at constant pressure into 

the vessel through valve 3. 

 
Figure  3-1: Schematic drawing of the experimental set-up. Mention purpose of all valves  

 

 
Figure  3-2: Cylindrical high pressure cell. (A=88.9 mm, B( Height)=227mm and T=4.6mm) 
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The position of the piston, which is adjusted to keep the pressure constant, is measured as a 

function of time. From this the consumed volume history is determined and recorded every 5 

seconds for about 40 hours. 

3.3. EXPERIMENTAL RESULTS & DISCUSSION 

We carried out five experiments all at a constant temperature and pressure. Figure  3-3 shows the 

five experimental results after 40 hours at temperatures, pressures and salinities  (T, P, c) = (308 

K, 100 bar, 10 w/w%), (308 K, 100 bar, 5 w/w%),  (308 K, 100 bar, 2.5 w/w%),  (308 K, 100 bar, 0 

w/w%) and (308 K, 60 bar, 0 w/w%).  It illustrates that increasing salinity decreases the 

consumed CO2.  

Figure  3-3-a to Figure  3-3-e show the consumed volume versus time for the five experiments, 

respectively. To show the importance of enhanced dissolution of CO2, the results are compared to 

the pure diffusion model. Initially, the consumed volume is zero. By dissolving CO2 in water (or 

the NaCl solution), the number of moles of CO2 in the sand pack increases and consequently the 

volume measured in the ISCO pump decreases. The consumed volume is controlled by the rate of 

mass transfer of CO2 into water (NaCl solution), which is diffusion controlled at the start of the 

process. However, experimental curve deviates from the pure diffusion curve predicted by a 

diffusion model and has a slope bigger than√ t. As the slope is larger than 0.5 it shows that in all 

cases we have enhanced diffusion. The deviation from pure diffusion, if it occurs, starts before 30 

seconds and would be smaller than known onset times in porous media (see Table  3-2).  

Figure  3-3a presents the result for a 10 w/w% NaCl solution at 100 bar and 35°C. At this salt 

concentration there is a smaller density difference between the carbon dioxide solution and the 

pure brine solution [35] and consequently the Rayleigh number is relatively low. The experiment 

starts after admitting carbon dioxide into the cell at the required pressure. At 5000 seconds, 2.50 

cm3
 of carbon dioxide was consumed. After that the slope of experimental curve has changed. 

From 5000 to 140000 seconds, another 7.50 cm3
 of carbon dioxide dissolved. In comparison to 

the theoretical diffusion model, the number of moles dissolved in the high pressure cell, i.e., the 

experimental set-up is about five times bigger. In the early stages of the experiment the 

consumption rate of carbon dioxide is faster than in the later stages.  

Figure  3-3b shows the experimental curve for a 5 w/w% NaCl solution at 100 bar and 35°C. 

Following Eq. (3-1) we expect that more carbon dioxide is dissolved than for the 10w/w% 

solution. Table  3-2 shows that the Rayleigh number decreases for increasing salt concentrations. 

Also the Henry’s constant is smaller for decreasing salinity. The solubility of CO2 in 5 w/w% NaCl 
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solution is less than in pure water, but larger than in the 10 w/w% case, leading to smaller and 

larger ∆ρ values respectively. From t=0 to t=5000 seconds 2.75 cm3
 of carbon dioxide has been 

dissolved. As time proceeds, the slope of the curve is increasing. Between t=5000 and t=55000 

about another 6.35 cm3
 of carbon dioxide dissolved and after that the slope has changed again.  

Figure  3-3c shows the result for the system of a 2.5 w/w% NaCl solution at 100 bar and 35°C. We 

observe that the deviation from diffusion model appears in early stages; however, as time elapses 

the slope of the curve increases. Figure  3-3c shows that at t=5000 seconds, the consumed volume 

was about 3.15 cm3. From t=5000 to t=100000 seconds the volume dissolved has increased to 

12.80 cc and after that till the end of experiment it fluctuates to reach its end value.  

Figure  3-3d demonstrates the experimental result for the CO2 – water system at 100 bar and 

35°C. From t=0 to t=6000 seconds the experiment run with lower slope in comparison to late 

stages. A more or less similar behavior is observed for subcritical critical CO2 - water system 

(Figure  3-3-e). 

Figure  3-3e illustrates the experimental pattern for the CO2–water system at 60 bar and 35°C. 

After bringing CO2 to the cell, the system exhibits similar behavior in comparison to other 

experimental results however the instability occurred later. After 5000 seconds around 14cm3 of 

carbon dioxide dissolved. From t=3000 to t=140000 seconds the slope of experiment has 

smoothly changed. In comparison with supercritical experiments, at 60 bar the consumed volume 

is larger. To investigate late time behavior in our experimental approach, we have plotted 

consumption rate of volume in experimental set-up versus time. The results are shown in Figure 

3-4-e. One observes more or less behavior for all experiments in late stages. At 100 bar, in all 

cases the fast decrease in rate can be seen, after hitting the bottom of the cell, it starts to increase 

and fluctuate to reach a plateau. At 60 bar the same process occurred in later times. In our 

experimental results, the surface tension increases [36]. It could be a possible reason to have both 

mechanisms (natural convection and Marangoni effect) in our study [37]. We leave more 

investigation for future work. 
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Figure  3-3: Experimental results at 100 bar and 308k. It demonstrates four experiments at different 
salinity from 0 wt% to 10 wt%. By increasing the salinity, the amount of CO2 dissolved in the brine 

decreased. Experimental result at 60 bar and 308K, it shows at constant pressure, about 72 cc CO2 was 
consumed 
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Figure 3-4: The consumption rate of volume is plotted versus time. 

 

 

3.4. DATA ANALYSIS 

   

We carried out five experiments all at a constant temperature and pressure. To illustrate the 

importance of the enhanced dissolution of CO2, the results are compared to results computed with 

a diffusion model.  

By dissolution, CO2 starts to diffuse into the sand pack, which is saturated with water (or NaCl 

solution) the part of the moles of CO2 is transferred from the ISCO pump to the sand pack. The 

amount of carbon dioxide dissolved in the aqueous phase in the sand pack is controlled by the 

rate of mass transfer of CO2. The mass transfer is initially diffusion controlled. However, after 

a b 

c 
d 

e 
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some time the experimental curve deviates from the diffusion model. An accurate experimental 

measurement of the flux for the actual CO2-brine system is difficult. For porous media, a large 

number of numerical studies [12, 18] show that the onset time of convection is inversely 

proportional to the Rayleigh number, which can be expressed as, 

 

                             

2

1
0 0 0 

D
t c Ra c

kg

ϕµ
ρ

−  
= =   ∆ 

                                                         (3. 1) 

where µ [Pa.s] is the viscosity of the aqueous phase, ϕ [-] is the porosity of the porous medium, D 

[m2/s] is the binary diffusion coefficient of carbon dioxide in the brine saturated porous medium, 

g [9.81 m/s2] is the acceleration due to gravity, k [m2] is the permeability of the porous medium, 

and ρ∆ [kg/m3] is the difference between the density of pure solvent and the solvent saturated 

with the solute. Moreover, 0 c is a constant value and it covers a range between 55 and 4500. 

Many investigations are applied to quantify the onset time. Our experimental work is summarized 

in Table  3-1. 

                                                                
Table  3-1: The summary of experimental work. 

 
p[bar] T[C°] Salinity k ϕ µ [38] ∆ρ

[35]
 D [39] KH[Pa.m

3
/mol] Ra 

Experiment 1 100 35 10W/W% 59×10
-12 

0.40 9.34×10
-4

 7.32 1.30×10
-9

 1250 1390 

Experiment 2 100 35 5W/W% 59×10
-12

 0.40 8.56×10
-4

 9.86 1.50×10
-9

 1050 1777 

Experiment 3 100 35 2.5W/W% 59×10
-12

 0.40 8.25×10
-4

 11.32 1.75×10
-9

 900 1794 

Experiment 4 100 35 0.0W/W% 59×10
-12

 0.40 8.00×10
-4

 12.91 2×10
-9

 750 1868 

Experiment 5 60 35 0.0W/W% 59×10
-12

 0.40 7.99×10
-4

 10.97 2×10
-9

 600 1584 

 
The experimental onset times are presented in Table  3-2 and are compared to the theoretical 

relations, derived by Riaz et al. [18], Ennis-King [12], Hassanzadeh et al. [40] , Xu et al. [41], Pau 

et al. [42] and Meulenbroek et al [21].  
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Table  3-2: The experimental onset times are compared with different theoretical models. 

         

        Xu et 

al [41] 

Ennis-King et al 

[12] 

Riaz et al [18] Pau et al [42] Hassanzadeh et al 

[40] 

Meulenbroek 

et al[21] 

Experimental 

onset 

time/[sec] 

(this 

chapter) 
Experiment 1 

761 789 3695 18126-37152 5061 556 ~early stages 

Experiment 2 

405 420 1966 9646-19772 2693 296 

~ early 

stages 

Experiment 3 

333 345 1618 7939-19272 2216 243 

~ early 

stages 

Experiment 4 

275 285 1337 6559-13444 1831 201 

~ early 

stages 

Experiment 5 

382 396 1855 9101-18654 2541 279 

~ early 

stages 

 

In order to quantify the time evolution of the flux, we describe the late time behavior when the 

plumes have not yet reached the bottom boundary. This period begins in the neighborhood of the 

start of nonlinear behavior of mass transfer rate versus time. We follow [43] to characterize the 

mass transfer rate of CO2 dissolved in aqueous phase as a function of the Rayleigh number. 

Comparison between our result and other scientific work has been summarized in Table  3-3. 

 
Table  3-3: Comparison between Current experimental result and other scientific works 

 
Backhhaus et al 

[44] 

Slim et 

al[45] 

Neufeld et al[28] Nield and Bejan 

[46] 

Farajzadeh et 

al[47] 

Hidalgo et 

al[48] 

Our experimental 

result 

Experimental  

And numerical works to find a 

relation between Rayleigh Number 

and mas transfer rate. 

 

Sh~Ra0.75 

 

Sh~Ra 

 

Sh~Ra0.83 

 

Sh~Ra 

 

dm/dt ~Ra0.832 

 

Sh~Ra 

 

dm/dt~Ra0.8283 

 

            

3.5. CONCLUSIONS 

• Dissolution of CO2 in an aqueous phase forms a mixture that is denser than the carbon 

dioxide free water or brine. This causes a local density increase, which induces natural 

convection currents (gravity fingers) when gaseous carbon dioxide is brought above the 

liquid phase. This enhances the rate of mixing of CO2 in the liquid phase.  

• We designed and built a cylindrical high pressure cell in which gravity induced fingers 

(playing a major role in the enhanced mixing process) could have occurred, e.g., by 

mounting the cylinder horizontally and filling the 90% with sand pack (k=59 Darcy and 
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porosity =40%) and then saturating with water or brine and the top with gaseous or sub-

supercritical carbon dioxide at constant pressure.  

• The experiments show that natural convection currents are weakest in highly 

concentrated brine and strongest in pure water.  

• The experiments show that CO2 consumption is bigger in subcritical than supercritical 

condition. 

• The experimental results propose a semi linear relation between mass transfer rate and 

Rayleigh number. 

• To our knowledge, this is the first time that such of experiments are carried out at 

constant pressure injection in the lab scale with considering the effect of salinities. 

 

3.6. NOMENCLATURE 

 

C = concentration (mol/m3) 

Cg = concentration (mol/m3) 

D = molecular diffusion coefficient, (m2/ s) 

Dg= molecular diffusion coefficient in gas phase, (m2/ s) 

k = permeability, mD 

u=velocity (m/s) 

P=pressure (bar) 

t=time 

ρ = density (kg/m3) 

µ = viscosity of the solvent (kg.m.s) 

g = acceleration due to gravity (kg/m2) 

Ra= Rayleigh number 
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Chapter 4                              
Sorption of CH4 and CO2 on Belgium 

Carboniferous Shale Using a Manometric Set-

up 

 

ABSTRACT 

Shale gas resources are globally abundant and the development of these resources can increase 

CH4 production. It is of interest to study the possibility of enhancing CH4 production by CO2 

injection (Enhanced Gas Recovery- EGR). Some studies indicate that, in shale, five molecules of 

CO2 can be stored for every molecule of CH4 produced. The technical feasibility of Enhanced Gas 

Recovery (EGR) needs to be investigated in more detail. The amount of extracted natural gas 

from shale has increased rapidly over the past decade. A typical shale gas reservoir combines 

an organic-rich deposition with extremely low matrix permeability. One important parameter 

in assessing the technical viability of (enhanced) production of shale gas is the sorption 

capacity. Our focus is on the sorption of CH4 and CO2. Therefore we have chosen to use the 

manometric method to measure the excess sorption isotherms of CO2 at 318 K and of CH4 at 308, 

318 and 336 K and at pressures up to 105 bar on Belgium dry black shale from a depth of 745 m. 

The shale was obtained from a former coal mine in Zolder in the Campina Basin (North 

Belgium), which contains Westphalian coal and coal associated sediments of Northwest
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European origin. We derive the equations for excess sorption in the manometric set-up. Only a 

few measurements have been reported in the literature for high-pressure gas sorption on shales, 

and interest is largely focused on shales occurring outside Europe. The excess sorption isotherm 

shows an initial increase to a maximum value of 0.175 ± 0.004 mmol/gram for CO2 and then 

starts to decrease until it becomes zero at 82 bar and subsequently the excess sorption becomes 

negative. Similar behaviour was also observed for other shales and coal reported in the 

literature.  The experiments on CH4 show, as expected, decreasing sorption for increasing 

temperature.  We apply an error analysis based on Monte-Carlo simulation. It shows that the 

error is increasing with increasing pressure, but that the manometric set-up can be used to 

determine the sorption capacity of CO2 and CH4 on the black shale with sufficient accuracy.  

KEYWORDS: CO2, CH4, Sorption, Shale, Monte Carlo simulation 

Published in: International Journal of Coal Geology volumes 128–129, 1 August 2014, Pages 153–161 
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4.1. INTRODUCTION 

Shale gas resources are globally abundant and the development of these resources can increase 

the CH4 production, a fossil fuel with potentially minimal carbon footprint if sound operational 

practices are adhered and the latest technological advances are implemented [1, 2]. A typical shale 

gas reservoir combines an organic-rich deposition with extremely low matrix permeability [3]. 

The production of natural gas has been greatly amplified in the United States in recent years due 

to development of shale gas plays and the U.S. is now the largest producer of natural gas in the 

world [4]. Canada and the United States, the two countries that have made  most progress in the  

extraction of shale gas, are producing 25% of the global natural gas  [4].  Advanced technologies 

for shale gas extraction will increase shale gas production in the United States and Canada. It is 

expected that shale gas will account for 49% of the total gas production in the United States by 

2035, up from 23% in 2010.  In that case both countries will drill thousands of wells in next 

decade if  the gas shale development becomes increasingly economical [5]. 

Estimates of technically recoverable shale gas in the United States differ but are generally 

considered in excess of about 660 trillion (1012) cubic feet. In Canada there is estimated a large 

potential of gas in place in shale formations (one quadrillion (1015) cubic feet) [6]. China has 1,115 

trillion cubic feet of technically recoverable shale gas [7]. China has the largest estimated shale gas 

resources and Argentina, estimated to have 802 trillion cubic feet of technically recoverable shale 

gas, has the second largest global shale gas resources. Eastern Europe is estimated to have 424 

trillion cubic feet of shale gas [5]. There have been estimates that Poland, for example, would 

provide domestic natural gas for 300 years at the country’s current level of use if shale gas 

reserves were exploited [5]. Recently the most intense shale gas exploration occurred in Poland 

where over 42 wells have been drilled [8]. According to McGlade and Sorrell [9], Poland and 

France are expected to have the largest shale gas resources in the  European countries. Due to 

several reasons , the development of gas shale has not been successful in European countries [10]. 

Key hindrances include: uncertainty in the estimation of technically recoverable gas shale 

resources, the requirement of large number of wells in dense populated areas, lack of field data, 

environmental risk, lack of infrastructure, operational cost, water source and land access. 

However, technological developments, e.g., using CO2 for hydraulic fracturing [11, 12], may solve 

some of the technological issues. 

The Energy Resources Conservation Board/Alberta Geological Survey (ERCB/AGS) initiated a 

project in 2007 to evaluate shale gas resources in Alberta and determine the quantity and spatial 

extent of these resources. In this project, Beaton et al., [13] measured CH4 sorption isotherms on 
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several shale samples. They showed that the data could be fitted by a Langmuir isotherm. The 

samples originating from depths between 2000-3000 m in Canada at in-situ temperatures 

between 60-80° C show maximum sorption capacities of CH4 between 11-26 scf per ton ~(0.012-

0.029 mmol/g), which has to be compared to 800 scf/ton found for coal Batistutta et al., [14]. 

Indeed it is mentioned by Hall et al., [15] that CH4 sorption in shales is about 10-30 times lower 

than the sorption in coals. Weniger et al., [16] studied gas sorption behavior of CH4 and CO2 in 

coals and shales in the Prana Basin, Brazil. They show a correlation between the total organic 

carbon (TOC) and the sorption capacity. They find that for the sorbed CH4, [CH4] ads = 0.009 TOC 

(%) + 0.026 (mol/ kg), and for sorbed CO2, [CO2] ads = 0.008 TOC (%) + 0.183 (mol/kg). As a 

result the sorption capacity on mineral matter for CO2 is much stronger. Ross and Bustin [17] 

investigated the effect of shale composition, pore structure and CH4 sorption for potential shale 

gas reservoirs in the Western Canadian Sedimentary Basin (WCSB). They also showed that CH4 

sorption on dried and moisture equilibrated shales increases with the total organic carbon (TOC) 

content. Yuan et al., [18] performed an experimental and modelling study of CH4 sorption and 

diffusion in shale. They showed gas sorption and diffusivity were significantly reduced in moist 

samples, showing that water reduces the gas storage capacity and the transport rate in shale on 

the laboratory scale. Gasparik et al., [19] carried out a set of experiments to investigate high-

pressure sorption of CH4 on black shales in the Netherlands. They indicate that, TOC does not 

affect the sorption capacity. They also present a simple and efficient experimental approach to 

determine the effect of temperature on high-pressure CH4 sorption in moist organic-rich shales 

[20]. 

Concerns about rising concentrations of CO2 in the atmosphere have led to many experimental 

[16, 21-25] and numerical studies [26-32] aimed to store anthropogenic CO2 in the geological 

formations [33-35]. Methods proposed to reduce CO2 emission include its storage in saline 

aquifers, depleted gas and oil reservoirs or unminable coal seams [14, 21, 36, 37]. A roadmap and 

criteria for the site selection for CO2 sequestration in geological media has been presented in [36]. 

Bachu [36] mentions as most important steps: selecting appropriate sites for storage that are 

sufficiently close to sources of CO2 and their suitability for long time storage. Busch et al., [22, 38] 

investigated gas sorption behavior in Muderong shales (Australia) and also studied the effect of 

physical sorption and chemical reactions while CO2 is injected in shaly caprock. For their shale 

samples it was observed that the sorption capacity of CO2 decreases with decreasing moisture 

content. They also reported negative excess sorption for dry shale beyond 95 bar. Kang et al., [24] 

measured the total CO2 storage capacity of organic-rich shales at supercritical conditions as a 

function of pore pressure by considering the pore compressibility and sorption effects. The results 

show that kerogen, the organic part of the shale, enhances CO2 sorption on shales.  
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Most work on sequestration of CO2 in depleted gas reservoirs is based on storage. Some studies, 

however, have indicated that CO2 injection can also be used as a method of enhancing shale gas 

recovery [39, 40]. The injection of CO2 may increase the rate and the volume of natural gas 

recovered from a reservoir [34] as CO2 can be trapped in gas shales due to occupation of sorption 

sites that were originally filled with CH4. Shale gas formations include organic materials that may 

store large amounts of sorbed natural gas, from 20% to 80% of the original-gas-in-place. Recent 

work demonstrates that five CO2 molecules could displace one CH4 molecule [41]. This means that 

by storing CO2 in shale gas formation, chances for gas recovery may increase. On the other hand, 

we can approximately store 12 kg of CO2 and produce 1 kg of CH4. 1 kg of CH4 can produce 55 

Mega joules energy. To store 1 kg of CO2, 1 Mega joule is consumed on compression costs. It 

illustrates that in the storing part, we obtain 55 Mega joules energy [42] while we  spend 12 Mega 

joules energy for compression. It shows the benefit of EGR prospect. If we take into account the 

consumption energy in separation of CO2 in Carbon Capture and Storage ( CCS) projects, we can 

say that there still is a gain in terms of energy even considering storage of CO2 [43]. Godec et al., 

[44] showed that by injecting CO2 in the Marcellus gas shale formation in the Eastern United 

States, 7% enhanced gas production can be realized. They theoretically demonstrated that CO2 

can be sequestered with 100% CH4 in place in both free and sorbed phase. 

There are only a few experimental papers dealing with European shales e.g., [19, 38] . Most 

European researchers used samples from other parts of the world [16, 38].  It is important to also 

make an inventory of shales occurring in Europe and this chapter wants to contribute to a 

European data base.  

We have chosen to measure the sorption isotherms of CO2 at 318 K and CH4 at 308, 318 and 336 

K at pressures up to 105 bar by using the manometric method [45] on Belgium dry black shale 

from a depth of 745 m, which consists of Illite, Kaolinite, Chlorite, Quartz and organic matter. It 

was obtained from the former coal mine in Zolder in the Campina Basin (North Belgium), which 

contains Westphalian coal and coal associated sediments of Northwest European origin. 

The chosen temperature and pressure range is representative for in situ conditions. In Europe 

suitable conditions for CO2 storage are at depths above 500 meters, with correspondingly high 

reservoir pressures and temperatures (308-338 K, 60-150 bar), [14] .  

The chapter is organized as follows: first we describe the experimental set-up and materials. Then 

we give the experimental procedure and error analysis. We continue the chapter with a results 

and discussion section. We confirm that an accurate void volume determination is essential for 

the accurate measurement of excess sorption.  We end with some conclusions.  
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4.2. EXPERIMENTAL METHOOD 

The manometric method for determining sorption capacities uses the principle of mass balance. A 

reference cell (Figure  4-1) is filled with a given amount of gas at a pressure P. After opening a valve 

mounted in a connecting tube between the reference cell and the sample cell, the pressure in both 

cells reaches an equilibrium pressure. The excess sorption measurement requires, apart from the 

equilibrium pressure, the determination of the void volume excluding the sample volume. The 

void volume measurement is based on a stepwise introduction of Helium in the reference cell and 

subsequently allowing Helium to expand in the sample cell. Using the pressure before and after 

expansion and using an equation of state (EOS) for Helium Mc-Carthy and Arp., [46] we can 

determine the void volume because the Helium sorption on the sample is considered to be 

negligible. We repeat the steps thus increasing the pressure for reasons of validating the void 

volume determination procedure. Ross and Bustin., [47] investigated the impact of an accurate 

void volume value on the determination of sorption capacities in microporous shale gas 

reservoirs. They suggest that Helium due to its small size overestimates the void volume 

accessible to CO2. Therefore the void volume measurement by Helium can lead to an apparent 

negative excess sorption measurement.  

 

Reference Cell

PT

Sample cell

Sample

Vacume 

or Gas

 

Figure  4-1:  Drawing of manometric set-up.    

The procedure used here to obtain the excess sorption of CO2 and CH4 follows the same procedure 

as used for the void volume determination with Helium, except that the sorption CO2 and CH4 is 

not negligible. Using the known void volume it is now possible to determine the excess sorption as 

is explained in more detail in the section “Data Analysis”.  We use the term excess sorption for the 
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data 
N
adsm obtained from Eqs. (1) and (2), which disregard the change in void volume due to the 

presence of sorbed molecules, swelling or other possibilities. 

4.3. APPARATUS 

The manometric set-up is described in detail in previous papers [14, 45], but is also described 

here for reasons of easy reference.  The full flow scheme around the manometric set-up is shown 

in Figure  4-2 and consists of a sample cell A and a reference cell B. The reference cell B consists of 

tubing with a total volume of 3.524×10-6 m3. Two similar sample cells are used in our 

experiments; a second sample cell can be prepared while the experiment with the first sample cell 

is running. The volumes of the two sample cells are 78.33×10-6 m3 and 75.90×10-6 m3. A 

Paroscientific pressure sensor monitors the pressure continuously. Its precision and accuracy are 

reported by the manufacturer as 0.1kPa and 1kPa in the temperature range of interest. However, 

our instrument was calibrated in 2012 by the manufacturer to remove any systematic error. The 

PT100 temperature sensor monitors the temperature continuously. Its precision and accuracy are 

reported by the manufacturer as 20mK and 1mK respectively. Valves (1, 2, 3, and 4) with low 

leakage characteristics are used in the set-up. However, they can only operate at experimental 

temperatures below 340 K. The thermostatic bath has a volume of about 40×10-3m3. A 

temperature control device keeps the temperature of the bath constant within 20 mK. The gas 

added to the setup is pressurized with a booster.  

 

Figure  4-2 : Schematic drawing of the manometric set-up [45]. 
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4.4. SAMPLE PREPARATION AND MATERIAL USED 

The experiments are performed with Carboniferous black shale from Belgium. The procedure is as 

follows: first, from a large source sample, pieces of 2-5 cm were hammered out. These pieces were 

granulized together and then sieved to a size of 40-100 µm. No further homogenization procedure 

was performed. 

 

Figure  4-3: The XRF result of the black shale. 

Secondly, we determined the mineral composition and elemental composition using XRF on an 

additional sample from the granulized stock and an XRD on a previously obtained sample from 

the same source. The XRF results, shown in Figure  4-3, indicate that the main part of the shale 

consists of SiO2. The XRD results, shown in Figure  4-4, demonstrate that the sample contains 

53.70% clay minerals, 26.82% quartz and 6.58 vol% of organic matter.  

Illite

32,2%

Kaolinite

16,1%

Chlorite

5,7%

Calcite

0,7%

Siderite

7,4%

Quartz

27,0%

Na-albite

4,3%

Organic matter

6,6%

 

Figure  4-4: The XRD result of the black shale. 
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Before placing the sample cell, it has been dried in an oven for 24 hours at 378 K under vacuum 

conditions in order to remove the moisture content.  The scanning electron microscope (SEM) 

image of our sample is presented in Figure  4-5. 

 

Figure  4-5: Scanning electron microscope (SEM) image of the black shale. 

 

4.5. EXPERIMENTAL PROCEDURE 

An experiment comprises the following four sequential procedures: (1) He (helium) leakage test, 

(2) Void volume measurement by a He sorption experiment, (3) actual sorption experiment with 

CO2 or CH4, and (4) control measurement of the He sorption. The second He sorption experiment 

in step 4 ensures that the volume accessible to gas has not changed during the experiment [45]. 

The He leak rate is determined at 18 MPa and the experimental temperature for more than 24 h.  

Prior to the experiments, a drying procedure was carried out as described here: the sample holder 

containing sample was weighed and put in the oven at a temperature of 373 K, where it was also 

evacuated for 24 hours. The sample was weighed again after this procedure, but no significant 

change in weight was measured. Subsequently it was put in the experimental set up and 

evacuated for another 24 hours before the actual sorption.  Subsequently we fill the reference cell 

by opening valve “3” to a pressure Pf .Then we close valve “3”. Thereafter we open valve “4” and 

measure the equilibrium pressure. Then we again close valve “4” and fill the reference cell by 

opening valve “3” to filling pressure Pf. Subsequently we repeated the procedure (See Figure  4-2). 

4.6. DATA ANALYSIS  

Measured properties are the initial and final pressure and temperature in the reference and 

sample cell; these are converted to density values, in mole/dm3, using highly accurate EOS [48, 

49]. The volume accessible to gas in the sample, vV , i.e., the void volume in m3, is determined 

from the He sorption experiments as mentioned above. The sample mass, M in g, is determined 
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by weighing, before the sample cell is built into the setup. We refer to Figure  4-6 for the derivation 

of an expression for the cumulative sorbed mass. Using that the mass for the conditions shown at 

the left side of Figure  4-6 is equal to the mass shown at the right side we find 

                              
1 1 ,N N N N N N

r f v eq ads r eq v eq adsV V m V V mρ ρ ρ ρ− −+ + = + +                                            (4. 1) 

which can be rearranged to                         

                                     ( ) ( )1 1,N N N N N N
r f eq v eq eq ads adsV V m mρ ρ ρ ρ − −− − − = −                                           (4. 2) 

The equation has been derived previously see [14, 45].  

 

Figure  4-6: Data analysis after bringing gas to sample cell. 

4.7. RESULTS AND DISSCUSION 

In this section we present the results of the sorption experiments of CO2 and CH4 on black shale. 

We applied Eq. 2 to obtain the sorption values. First we discuss the CO2 experiments. We carried 

out two experiments at a temperature of 318 K and pressures up to 85 bar. Figure  4-7a, b plots the 

excess sorption versus the pressure, while Figure  4-8a, b plots the excess sorption versus the 

density. We use the Span-Wagner EOS to obtain the density [48]. Error bars (see below how they 

are obtained) are included. The plots cover a pressure range between 0-90 bar. For both 

experiments at about 82 bar the excess sorption is zero. The experiments show that the excess 

sorption is the same within experimental error, with a maximum between 0.153 ± 0.006 

mmol/gm and 0.175 ± 0.004 mmol/g. This corresponds to the sorption values reported by 

Weniger et al. [16] who obtained 0.187mmol/g for shale with this carbon content, i.e., [CO2]ads = 

0.008 TOC(%) + 0.183 (mol/kg), as already mentioned in the introduction . At a pressure of 

about 82 bar, the excess sorption becomes negative. The low pressure at which zero excess 

sorption occurs can be due one or the combination of the following: (1) overestimation of the void 

volume as Helium can penetrate in corners that are not easily accessed by CO2 molecules (2) the 

finite density of the sorbed phase, (3) reaction of CO2 with the minerals, (4) changing of the void 

volume during the experiment and (5) the behaviour of CO2 [23, 50-54] near the critical point. 

The void volume measurements are validated with Argon and Helium at the end of experiment. It 
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proves that there is no change in void volume before and after introducing the gases, i.e., CO2 or 

CH4 to the sample.   

 

(a)                                                                                                         (b) 

   

Figure  4-7: (a) Excess sorption of CO2 on black shale as a function of pressure at a temperature of 318 K. 

                   (b) Excess sorption of CO2 on black shale as a function of pressure at a temperature of 318 K. 

                                       (a)                                                                                                          (b) 

    

Figure  4-8: (a) Excess sorption of CO2 on black shale as a function of density at a temperature of 318 K. 

(b) Excess sorption of CO2 on black shale. 

Negative excess sorption values were also observed by Busch et al., [38] and Ross and Bustin [47].  

Busch et al., [38] report experiments on CO2 absorption on Paleozoic shale from the Warndt-

Luisenthal coal mine in the German Saar area. Their experiments cover a pressure range between 

zero and 200 bar. From about 80 bar onwards their results on dry shale show a decrease, with 

zero excess sorption at 95 bar. After reaching an excess sorption of “-1 kg/ton” their excess 

sorption remains constant, i.e., at a much lower value than observed by us. The maximum excess 

sorption value measured by Busch et al., [38] is 5.5 kg/ton, which can be compared with our 

maximum of 7.90 kg/ton.  
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We also plot a theoretical curve in Figure  4-8a, b (red line-Dash line), which is a Langmuir 

sorption isotherm (with two parameters) multiplied by a correction factor (with one parameter) to 

account for the density of the sorbed phase, disregarding other mechanisms that vary the void 

volume. 

                                1 ,
1ads

a

a
M

b

ρ ρ
ρ ρ
 

= − +  
                                                                          (4. 3) 

It appears that a curve that plots the sorbed mass per unit mass of sorbent versus the density of 

the gas can describe the experiments within experimental data. The EXCEL solver was used to fit 

the experimental data to obtain optimized parameters for Eq. (3). EXCEL uses the Generalized 

Reduced Gradient Algorithm to find the parameters. The sorption isotherm in the first 

experiment (Figure  4-8-a) is well described by Eq. (3). The second experiment, shown in the right 

panel (Figure  4-8-b), was obtained with the sample from the same batch.  For densities < 4 

mol/dm3 Eq. (4. 3) is not adequate to describe the sorption behaviour in this experiment.  At 

higher densities there is a good fit.  This would indicate that the finite density of the sorbed phase 

can account for the declining excess sorption. A zero excess sorption value would indicate that the 

density of the sorbed phase is the same as the density of the free phase. This suggests that the 

sorbed phase density is 5.80 mol/dm3 = 255 kg/m3.  The density, aρ , is the inverse partial molar 

volume of CO2. The partial molar volume describes the increase in volume of the sorbing medium 

when a mole of CO2 is sorbed on it. The density aρ = 255 kg/m3 obtained for sorption on shale is 

very small with respect to equivalent densities (inverse partial molar volumes  when CO2 dissolves 

in water or brine [55-57] or in ionic melts [58-61] or sorbs on polymers [62].  

Rother et al., [63] have also observed negative sorption of CO2 in mesoporous CPG-10 Silica. They 

mention that the pore size can affect the value of the excess sorption and may change the pressure 

at which the maximum excess sorption occurred. The gas density  at which the excess sorption of 

CO2 on coal becomes zero is 880 kg/m3 by table 5 from  [14] and the  gas density  at which the 

excess sorption of CO2 on CPG-10 Silica becomes zero is 700 kg/m3 [63]. This density can be 

equated to the inverse partial molar volume or the sorbed density respectively on coal and CPG- 

10 Silica. The density of dissolved CO2 in water is 1333  kg/m3 [64]  . However, the sorbed density 

of CO2 in our shale experiment is much lower, i.e., 255 kg/m3. Even if the black shale sample 

consists of 27 % of quartz and 6.6 % of organic carbon and the sorption capacity of black shale is 

relatively low,  we infer that the low value of the sorbed phase density is indicative of sorption on 

the clay mineral [63]. 
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In order to put error bars in the plot, we conducted an error analysis based on a Monte Carlo 

simulation. This simulation considers all random errors in the experimental measurements. The 

precision of the pressure and temperature is given by the manufacturer who calibrated the 

instrument. The systematic error in the pressure was also calibrated by the manufacturer. We 

corrected for the systematic error and only kept the random errors. However, in the Monte Carlo 

simulation, we used the systematic error in the temperature as random error, but this error is very 

small. It is assumed that experimental errors are normally distributed. In our case we consider 

variations in the temperature, the pressure, the reference volume and the volume ratio. The 

Monte Carlo method is used to obtain a probability distribution of experimental quantities, in our 

case the excess sorption [mmol/g]. It uses repeated random sampling of temperature, pressure 

and void volume. For the volume ratio (void volume / reference volume) and the reference 

volume we used the standard deviation of the measured values with Helium pycnometry as 

random error. For each equilibrium step we applied Eqs. (1) and (2) and calculated the measured 

excess sorption value 
N
adsm adding a randomly sampled standard deviation for the pressure, 

temperature and volumes to the measured values. This procedure was repeated four hundred 

times.  Thus we obtain for each equilibrium pressure step four hundred excess sorption values.  

By putting in ascending order we used the standard procedure to obtain the cumulative 

distribution function of the excess sorption values. By inverting this cumulative distribution 

function we can obtain the corresponding value of Z, i.e., a variable in its standard normal form.  

By plotting our experimental data 
N
adsm versus Z, where 

N
adsm = σZ+µ, we find the average value µ, 

N
adsm (P,T,Vr ,Vv), and the standard deviation σ. The standard deviation determines the length of 

the error bars. The results are shown in Figure  4-7 to Figure  4-11 plots the excess sorption versus 

pressure and the error bars indicate the standard deviation. Figure  4-8 gives the same plot, but 

now versus the density obtained using the Span Wagner EOS [48]. 

Figure  4-9 to Figure  4-11 present excess sorption of CH4 on black shale as a function of pressure. 

Figure  4-9 shows excess sorption of CH4 at 308 K. it increases to its maximum at (0.0392 ± 0.003 

mmol/g) and after that it starts to decrease to 0.034± 0.005 mmol/g at about 110 bar. Figure  4-10 

indicates the excess sorption of CH4 at 318 K. It starts to increase to its maximum at 0.022 ± 

0.006 mmol/g then it decreases to reach zero at about 104 bar. After that the negative sorption 

can be observed. By increasing the pressure the uncertainty increases. Figure  4-11 demonstrates 

CH4 sorption at 336 K. Among three experiments, at 336 K, excess sorption of CH4 has a 

maximum of at least 0.014±0.005.  
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Figure  4-9: Excess sorption of CH4 on black shale as a function of pressure at 308 K. 

 

Figure  4-10: Excess sorption of CH4 on black shale as a function of pressure at 318 K. 
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Figure  4-11: Excess sorption of CH4 on black shale as a function of pressure at 336 K. 

 

The figure shows that negative sorption starts around 80 bar. Figure  4-7:11 suggest that the 

standard deviation at high pressures is of the order of 0.005mmol/g.  Figure  4-12 compares 

excess sorption at different temperatures. That the value measured at 318 K and 12 bar is lower 

than the value at 336 K and 12 bar must be attributed to experimental error as indicated by the 

error bars.  For all other data it shows that by increasing the temperature, the amount of excess 

sorption decreases. Ross and Bustin [47] report experiments for CH4 sorption on moist Jurassic 

and Devonian shales. They find a maximum CH4 sorption of 0.05 cc @ STP / g corresponding to 

0.002 mmol/g, which is much smaller than the CO2 sorption. They also observed negative 

sorption. For all experiments, the void volume measurements are validated with Argon and 

Helium at the end of experiment, showing that there is no significant change in the void volume 

before and after introducing the gases, i.e., (CO2 and CH4) to the sample. Investigations of CH4 

sorption on shale done by other scientists are summarized in Table  4-1. 
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Figure  4-12: Comparison of Excess sorption of CH4 on black shale as a function of pressure in three 

different temperatures. 

 

Table  4-1: The CH4 sorption amounts on shales. The effects are shown with three abbreviations: N 

(negative), P (positive) and NE (no effect). aS: Shale, bV: Volumetric and M:Manometric. cNo trend for 

organic-lean Sample. 

 
Author Year Gas Sample

a TOC Moisture Methodb Sorption 

Ross et al., [47] 2007 CH4 S -      N       V 0.002 mmol/g 

Ross et al., [17] 2008 CH4 S P       V 0.4 to 4 cc/g at T=30° C 

Weniger et al., [16] 

2010 CH4 S P      N      M 

=0.009 TOC(%) + 0.026 

mmol/g 

Chareonsuppanimit et al.,[65] 2011 CH4 S P
c 

    -      V =0.035 mmol/g at T=55 C 

Gasparik et al.,[19]  

2012 CH4 S NE      N     M 

0.05 to 0.3 mmol/g at 

T=65° C 

Gasparik et al., [66] 

2013 CH4 S P      N     M 

For carboniferous 

sample, 0.03 to 0.09 

mmol/g at T=65° C and 

different TOC 
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4.8. CONCLUSIONS 

• It is possible to use the manometric set-up to accurately measure excess sorption of CO2 

and CH4 on Belgian carboniferous black shale at temperatures of 308, 318 and 336 K and 

in a pressure range between 0- 105 bar. 

• The CO2 excess sorption isotherm shows an initial increase to a maximum value of 0.175 ± 

0.004 mmol/gram-shale before it starts to decrease until it becomes zero at 82 bar, which 

can be converted using the Span-Wagner EOS to a gas-density of 255 kg/m3. 

Subsequently the excess sorption becomes negative. 

• The CH4 excess sorption isotherm at 308 K shows an initial increase to a maximum value 

of 0.0392 ± 0.003 mmol/gram-shale. The CH4 excess sorption isotherm at 318 K shows 

an initial increase to a maximum value of 0.022 ± 0.006 mmol/gram-shale before it 

decreases until it becomes zero at 104 bar. Subsequently the excess sorption becomes 

negative. We see the same behaviour for CH4 sorption at 336 K; however, its maximum is 

about 0.014±0.005 mmol/ gram-shale. As expected the CH4 excess sorption isotherm at 

308K is the largest. Indeed, the experiments on CH4 show a decreasing sorption at 

increasing temperature. In comparison to the experiment that we have done for CO2 at 

318 K, the amount of excess CO2 sorption is about 7 times higher than CH4 sorption. It 

validates the idea that sorption capacity of CO2 is much higher than of CH4. 

  

4.9. NOMENCLATURE 

 EGR       Enhance Gas Recovery 

 TOC       Total Organic Carbon  

 CCS        Carbon Capture and Storage  

 EOS        Equation of State  

 SEM       Scanning Electron Microscope  

 XRF        X-Ray Fluorescence, the elemental composition analysis 

 XRD       X-Ray Diffraction, the mineral composition analysis 

 T             Temperature 

 P             Pressure 

 Pf                filling pressure 

ρ            Density of the gas 

1N
eqρ −

     Equilibrium density of gas in step N-1 
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N
eqρ          Equilibrium density of gas in step N 

N
fρ          Density of the gas filled in the reference cell step N 

rV            Volume of reference cell 

vV            Void volume 

N
vV          Void volume measured in step N 

0
vV           Void volume measured by Helium prior to the gas sorption experiment 

1N
adsm −

      Sorbed mass in step N-1 

N
adsm         Sorbed mass in step N 

N
swV∆       The changes in void volume of the sample due to its swelling in step N 

N
adsV∆       The changes in void volume of the sample due to the sorption in step N 

N
reactV∆     The changes in void volume of the sample due to the reaction in step N 
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Chapter 5                               
Shale Gas Formations and Their Potential for 

Carbon Storage: Opportunities and Outlook 

 

ABSTRACT 

Shale gas resources are proving to be globally abundant and the development of these resources can 

support the geologic storage of CO2 (carbon dioxide) to mitigate the climate impacts of global carbon 

emissions from power and industrial sectors. This chapter reviews global shale gas resources and 

considers both the opportunities and challenges for their development. It then provides a review of the 

literature on opportunities to store CO2 in shale, thus possibly helping to mitigate the impact of CO2 

emissions from the power and industrial sectors. The studies reviewed indicate that the opportunity for 

geologic storage of CO2 in shales is significant, but knowledge of the characteristics of the different types 

of shale gas found globally is required. The potential for CO2 sorption as part of geologic storage in 

depleted shale gas reservoirs must be assessed with respect to the individual geology of each formation. 

Likewise, the introduction of CO2 into shale for enhanced gas recovery (EGR) operations may 

significantly improve both reservoir performance and economics. Based on this review, we conclude 

that there is a very good opportunity globally regarding the future of geologic storage of CO2 in 

depleted shale gas formations and as part of EGR operations. 

KEYWORDS: Shale gas, Shale formations, EGR, CO2 storage in geological formations, Natural gas 

production 
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5.1. INTRODUCTION    

Global and national energy outlooks to 2030 and beyond indicate growing global energy demand, 

particularly in non-OECD countries, and a continued dominant role for fossil fuels in the world’s energy 

mix, even as utilization of renewable energy sources grows faster than utilization of fossil fuels [1-3].  The 

future energy landscape will see natural gas play an increasing role for energy supply, particularly in light 

of the substantial quantities of unconventional gas reserves now being exploited in the United States and 

plans to exploit similar unconventional resources in many other countries. Even though natural gas is a 

cleaner burning fossil energy source than coal or oil (Carbon emissions from electricity generation are 

approximately 400 gCO2/kWh for natural gas, 785 to 1,005 gCO2/kWh for coal, depending on type, and 

635 to 715 gCO2/kWh for oil products, depending on type) [4], it still produces greenhouse gas (GHG) 

emissions and will only compliment rather than fully replace coal and oil for energy in the stationary and 

transportation sectors. Therefore, addressing the joint challenge of growing energy demand and the 

potential of climate change consequences from the resulting GHG emissions requires coordinated action 

at the global scale. Immediate and effective actions are needed to maintain the atmospheric concentration 

of GHGs to 450 ppm or less, which is the level consistent with maintaining global temperature change 

below 2°C relative to pre-industrial levels and the associated social, economic and environmental 

consequences [5]. The International Energy Agency (IEA) estimates that key actions include large-scale 

investments in carbon capture and storage (CCS) to mitigate the impact of CO2 (carbon dioxide) emissions 

from the power and industrial sectors. In fact, IEA explicitly states that unless CCS technology is widely 

deployed by 2050, approximately two-thirds of proven fossil fuel reserves need to remain un-extracted if 

the world is to achieve the 2°C goal [6]. 

Carbon sequestration options include storage in depleted oil and gas reservoirs, saline formations, un-

mineable coal seams, basalts, and shales. Perhaps the most commonly considered target repository for 

CO2 is deep saline aquifers. However, documented concerns for storage in saline formations include cost, 

long-term storage, impact on seismicity, and the logistics of sequestration [7]. Enhanced recovery of tight 

oil, coal bed methane and other unconventional fossil fuels, known as enhanced gas recovery (EGR) or 

enhanced oil recovery (EOR), using CO2 is receiving interest as an opportunity for carbon sequestration 

because of the economic benefits it affords and the existing infrastructure that can be leveraged [7].  

The potential for the geologic storage of CO2 in shale formations that have undergone hydraulic fracturing 

for extraction is being explored for several reasons [8] such as shales are broadly distributed; availability 

of infrastructure of wells, pipeline and so on; decrease in pore pressure caused by gas production in the 

shale formation before CO2 injection. 
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Development of shale resources may benefit CO2 storage because the innovations developed are 

directly transferable, particularly those that relate to well completion, like new methods for well 

cementing, advanced horizontal drilling techniques, and enhancement of field treatment skills for 

saline water [9]. Thus, understanding the behavior of CO2 in shale is an important part of 

advancing the opportunity for the economic geologic storage of CO2, particularly because of the 

fact that the geological characteristics of a particular storage site often have important influences 

on the design of related CO2 capture and transportation infrastructure [4].  

This chapter examines the global unconventional hydrocarbon landscape with a focus on the 

assessment of recoverable shale gas resources. The opportunity for geologic storage of CO2 in 

shale formations (as well as other natural gas reservoirs that include shales) is then considered 

through a review of the types of shales globally, and the CO2 storage capacity and EGR 

opportunities in shale formations. 

5.2. GLOBAL SHALE RESOURCES 

According to the World Energy Outlook [6], the remaining technically recoverable natural gas 

resources by the end of 2011 globally reached 790 Tcm (trillion cubic meters). This includes both 

conventional and unconventional resources and is slightly greater than the estimate of 719 Tcm 

provided by McGlade, Speirs [10] in their recent review of regional and global unconventional gas 

estimates. A breakdown of the amount of each type of resource globally [6] is shown in Table  5-1. 

The U.S. Energy Information Administration (EIA) estimates that roughly 32% of total estimated 

global natural gas resources are in shale formations [11]. The top 10 countries for technically 

recoverable shale gas resources for which EIA has made a shale resource assessment are shown in 

Table  5-2 [11]. 

 

Table  5-1: Technically recoverable natural gas resources by end-2011 [6]  

 

Region 
Conventional 

(Tcm) 
Unconventional 

(Tcm) 
Total 
(Tcm) 

  
Tight 
gas 

Shale gas 
Coalbed 
methane 

Sub-total  

E. Europe/Eurasia 144 11 12 20 44 187 
Middle East 125 9 4 - 12 137 
Asia-Pacific 43 21 57 19 94 137 

OECD America 47 11 47 9 67 114 
Africa 49 10 30 0 40 88 

Latin America 32 15 33 - 48 80 
OECD Europe 24 4 16 2 22 46 

World 462 81 200 47 328 790 
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Table  5-2: Top 10 countries with technically recoverable shale gas resources [11]. Estimates for the United 

States include those from the Energy Information Administration (EIA) and Advanced Resources 

International (ARI) 

Rank Country Shale Gas (Tcf) 
1 China 1,115 
2 Argentina 802 
3 Algeria 707 
4 United States 665 (EIA), 1,161 (ARI) 
5 Canada 573 
6 Mexico 545 
7 Australia 437 
8 South Africa 390 
9 Russia 285 
10 Brazil 245 

 

Although the data shown in Table  5-1 and Table  5-2 suggest a significant CO2 storage opportunity 

via exploitable shale resources, the data represent technically recoverable resources which differ 

from economically recoverable resources. According to the EIA’s definitions [11]: technically 

recoverable natural gas is that which can be produced with current technologies, regardless of 

natural gas prices and production costs; economically recoverable resources are resources that 

can be produced profitably under current market conditions. The costs of well drilling and 

completion, the amount of natural gas produced from an average well over its lifetime, and the 

prices received for gas production define the economic recoverability of gas resources.  

As specifically stated by the EIA, the economic recoverability is influenced by factors such as 

ownership of mineral rights that provide economic incentive for development, availability of 

experienced independent operators and contractors, existing infrastructure, and the availability of 

water resources for use in hydraulic fracturing [11]. It should also be noted that estimates of both 

technically and economically recoverable shale gas resources are uncertain and continually 

undergoing revision based on updated information.  

Given the substantial variation across the world’s shale formations in both geological and non-

geological factors, the extent to which technically recoverable shale resources will prove to be 

economically recoverable is very uncertain. China, for instance, holds the most technically 

recoverable reserves of shale gas globally (Table  5-2) and was once considered well positioned to 

replicate the United States’ shale gas success. However, problems comprising poor infrastructure, 

political disputes, and the fact that the shale gas formations are much deeper than expected, have 

made economic shale gas recovery extremely challenging in China [12]. Although not assessed in 

EIA’s coverage, large amounts of potentially productive shales exist in other countries around the 
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world, including most of the countries in the Middle East and North Africa (MENA) [13, 14]. 

According to Baker Hughes, Saudi Arabia [15] has more than 16.8 Tcm of shale gas reserves. 

However, several of the obstacles already noted make MENA countries hamper the development 

of tight and shale gas. The obstacles stated by Martin [14]include: high cost of MENA field-

development operations (i.e., the cost of drilling and completing in the MENA countries is said to 

be  2.5 to 5 times higher than similar operations in the United States); lack of fiscal incentives; 

lack of infrastructure; competition from alternative fossil sources; discomfort with wellbore-scale 

experimentations; lack of wellbore-specific information; and difficulty in doing business 

generally. The conclusion, therefore, is that shale gas resources are abundant but many factors 

must converge in order to make shale gas extraction profitable. These factors include technology 

innovation, government policy, private sector entrepreneurship, land and mineral rights 

ownership, market structure, geology, water availability, and natural gas pipeline infrastructure, 

to name a few. Hence, the policy and market environment are key factors in determining the 

potential for profitable shale gas production in a particular country. Therefore, the opportunity 

for geological storage of CO2 in shale resources is dependent on success in overcoming a large 

number of development challenges that would make the shale resources available for storage. If 

these challenges can be overcome, then not only will abundant hydrocarbon resources become 

available, but potentially very good repositories for geologic storage of CO2 will also result. 

5.3. CURRENT STATUS OF SHALE GAS DEVELOPMENT 

World production of unconventional gas, of which shale gas is a subset, was approximately 472 

Bcm in 2010, with approximately 76% of production coming from the United States and 13% of 

production coming from Canada [16]. The opportunity to produce substantial amounts of gas 

from shale formations in both the United States and Canada is based on the development and 

application of new technologies for economic shale gas extraction [17, 18]. Unlike China and the 

MENA region previously discussed, the United States and Canada currently have regulatory and 

political climates generally conducive for shale gas development. Both countries are predicted to 

drill thousands of wells in the next decade as shale gas development becomes increasingly 

economical [19]. 
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Figure  5-1: US historic gas production record (in Trillion cubic meter per year – Tcma) and forecast till 

2035. [108] 

 

During recent years, because of development of shale gas plays, the production of natural gas has 

been significantly increased in the United States (Figure  5-1). The U.S. is now the largest producer 

of natural gas in the world. The most growth in economic extraction of shale gas has been made 

by Canada and the United States which are producing 25% of global natural gas [20]. Indeed, 

shale gas is expected to account for 49% of total gas production in the United States by 2035, up 

from 23% in 2010 (Figure  5-1). Advances in shale gas extraction technologies have increased shale 

gas production in the United States and this production is believed to be able to support the 

United States’ energy demand for about 60 years at the current level of use [21]. The main shale 

resources in the United States are provided in Figure  5-2 [11, 22]. Among these formations, the 

Marcellus Shale in the Appalachian Basin is the largest one [11]. 
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Figure  5-2: Remaining Shale Gas Reserves and Undeveloped Resources in the United States [11]. 

 

In Canada, a large potential value for gas-in-place is estimated in shale formations (~28 Tcm) 

[23]. Gas production from Canadian shales began modestly in 2005 (Figure  5-3) and has 

increased rapidly afterward. Natural gas is mainly being produced from Devonian shales in the 

Horn River Basin and from the Triassic Montney shales and siltstones, both located in 

northeastern British Columbia and in the Devonian Duvernay Formation in Alberta [24]. The 

important shales in Canada are shown in Figure  5-4. Gas production from the Utica Shale in 

Quebec, Canada was placed under a moratorium until the possible risks for groundwater 

contamination could be evaluated [25]. 
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Figure  5-3: Total number of wells drilled yearly for unconventional hydrocarbon per year in Canada and 

yearly production of shale gas for British Columbia [24]. 

 

China is at the early stages of evaluating its shale gas resources [17]. China is planning to increase 

its shale gas output from nearly zero in 2012 to 6.5 billion cubic meters (Bcm) ( per year by 2015 

and to 80 to 100 Bcm per year by 2020 [17]. In China, the Sichuan Basin, located in south central 

China, accounts for 40% of the country’s shale resource [19]. 

Argentina’s Neuquén Basin, on Argentina’s border with Chile, is the country’s largest source of 

hydrocarbons, accounting for 35% of the country’s oil reserves and 47% of the gas reserves.  

Argentina’s biggest energy company, YPF (Yacimientos Petrolíferos Fiscales), was successful in 

discovering shale gas in the Mendoza province [19].  

Australia's natural gas resource is shown in Figure  5-5. They are dominated by unconventional 

gas, particularly shale gas and coal seam gas. This indicates the significance of shale gas resources 

in long-term gas supply for Australia [26].  
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Figure  5-4 : Technically Shale Gas Reserves in Canada [11]. 

 

Eastern Europe is estimated to have ~12 Tcm of shale gas resources. This potential provides a 

great opportunity for Europe to decrease its dependency on natural gas imports. There have been 

estimates that Poland, for example, would not need to import natural gas for 300 years at the 

country’s current level of use if shale gas reserves were exploited to meet demand [19]. Recently, 

intense shale gas exploration has occurred in Poland [27] with over 42 wells drilled. Kiersnowski 

and Dyrka [28] present a brief history and a comparison with other reports of shale gas resources 

in Poland. According to McGlade, Speirs [10], Poland and France are expected to have the largest 

shale gas resources among European countries. The development of shale gas has been largely 

unsuccessful so far in European countries [29] for several reasons [30], including uncertainty in 

estimating technically recoverable shale gas resources, a lack of field data, perceived 

environmental risks, lack of infrastructure, operational costs, water scarcity, and land access, 

similar to issues in the MENA region discussed earlier. The status of shale gas development as of 

2013 is shown in Figure  5-6. 
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Figure  5-5: Australia's natural gas resources [26]. The differences depend on the methodology (hypotheses) 
used for the estimation. 

 
 

  

Figure  5-6: Shale gas development status in European countries (as of February 2013) in allowing or 
banning shale gas development [107]. 
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5.4. TYPES OF GAS SHALES  

Unconventional hydrocarbons in the context of this chapter are those hydrocarbons obtained 

from reservoirs difficult to produce due to physically limiting factors such as low permeability. We 

focus our attention on shale and tight hydrocarbon formations, with particular consideration 

given to natural gas. However, it is important to acknowledge that shale oil and liquids play an 

equally important role in the broader realm of unconventional hydrocarbons. Although the terms 

“shale” and “tight” are often used interchangeably, we adopt the U.S. Energy Information 

Administration (EIA) definitions [11] that specifically states that shale formations are a subset of 

all low permeability tight formations, which includes not just shales but also sandstones and 

carbonates. Tight gas reservoirs are geologically similar to conventional reservoirs except that 

they have much lower permeability of less than 0.1 millidarcy. Shale gas reservoirs have 

permeability three orders of magnitude (or more) lower than tight gas reservoirs [31] and also 

differ geologically since shale is a geological rock formation containing clay minerals and organic 

particles where the shale source rock is also the reservoir. Unconventional gas typically cannot be 

produced economically unless the well from which it is extracted is stimulated by a hydraulic 

fracture treatment, a horizontal wellbore, or some other technique to expose more of the reservoir 

to the wellbore [10, 17]. 

Shales are divided into dark and light forms based on organic content [32]. The dark form is 

organic rich whereas the light form is organic lean. A good illustration is in the United States 

where the Barnett shale, Marcellus shale, Haynesville shale, Fayetteville shale are dark (gray 

dark) shale [33]. Shale formation defining characteristics are based on age and physical 

characteristics, including era, period, depth and thickness. A shale gas reservoir is a fine grained 

shale with organic content [34]. Criteria that are important in characterizing shale gas 

hydrocarbon potential include: permeability, Total Organic Carbon (TOC) content, thermal 

maturity of the organic matter and the type of hydrocarbons available in the reservoir [35-39]. 

Characteristics of shale gas formations in the United States and Canada are summarized in (see 

Table  5-3). This suggests that each shale reservoir is unique with regard to the optimal approach 

to drilling, completion, production and evaluation. Shale gas is a dry gas in many formations 

albeit some reservoirs produce wet gas. To clarify the terms dry and wet in quantitative measures, 

dry natural gas is primarily a CH4 vapor with less than 0.014m3 of gasoline vapor per 28.32m3 

Wet natural gas contains liquid natural gases (LNGs), such as ethane and butane, in the gas at 

concentrations of more than 0.014m3per 28.32m3 [19]. The gas from shale is generated in two 

ways: thermogenic (generated from cracking of organic matter or the secondary cracking of oil), 

and biogenic (generated from microbes such as in the Antrim shale gas field in Michigan) [40]. 

Mature organic matter typically generates the most gas in the formation. Gas in the formation is 
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in sorbed and free phases. Thermal maturity, the thickness of organic shale and TOC are effective 

parameters for the economic viability of a shale gas play. The required thickness to economically 

develop a shale gas target may decrease by improving and developing drilling and completion 

techniques [19]. For a more detailed discussion of shale gas geology, see Bruner and Smosna [41]. 

 

Table  5-3: Shale Gas Formations in the United States and Canada with their Characteristics [35-39] 

Characterization of shales is provided by Total Organic Carbon (TOC) and Vitrinite Reflectance (VR). VR 

indicates maturity of the organic matter and the onset of oil generation in hydrocarbon source rocks is 

generally correlated with a VR of 0.5-0.6% and the termination of oil generation with VR of 0.85-1.1%. The 

onset of gas generation is typically associated with VR values of 1.0-1.3% and terminates around 3.0%. 

 

Formation Period Location TOC 
wt% 

Vitrinite 
Reflectance 

Color 

Antrim Shale Late Devonian Michigan Basin, 
US 

0.5-24            0.4-0.6 Black 

Barnett Shale Mississippian Fort Worth and 
Permian Basin, US 

3.2                2.25 Dark Gray 

Marcellus Shale Devonian New York, Ohio, 
Pennsylvania, 
West Virginia, US 

3.8                1.56 Black 

Haynesville Shale Late Jurassic Louisiana, East 
Texas, US 

4.2                 2.37 Black 

Woodford Shale Devonian- 
Mississippian 

Oklahoma, Texas, 
US 

2                1.51 Gray 

Duvernay Shale Devonian Alberta, Canada 4-11               0.4-1.41 Dark Brown  

 

5.5. CH4 CAPACITY, CO2 STORAGE AND ENHANCED GAS RECOVERY IN SHALES 

Currently, natural gas is the third largest energy source in the world and its consumption is 

predicted to raise substantially in coming years [26]. From an environmental perspective, CH4 is a 

hydrocarbon with a carbon footprint that is generally smaller than that of other hydrocarbons 

used in energy production, although various studies suggest that shale gas production and 

utilization may result in significant GHG emissions, depending on the total fugitive CH4 emissions 

during extraction and utilization [16]. Additionally, extraction of shale gas may have negative 

impacts on water resources, public health, biodiversity, food supply and soil, if not adequate 

technical precautions are taken and there is lack of regulatory oversight. 

The sorption capacity of both CO2 and CH4 on shales is important to understanding the storage 

capacity of natural gas in different type of shales, as well as the extent to which CO2 can displace 

CH4 in EGR. Shale gas is a combination of sorbed and free natural gas, which is mainly composed 

of methane (CH4) and to a much lesser extent ethane, propane and other gases [42, 43]. The 

sorption capacity of shales is affected by its TOC content, clay minerals and micropore structure. 
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There is a large body of literature investigating the sorption capacity [44-65]. Beaton et al. [66] 

measured CH4 sorption isotherms on several shale samples from Alberta. They showed that the 

data could be fitted by a Langmuir isotherm. The samples originated from depths between 2,000 

and 3,000 m in western Canada at in situ temperatures between 60 and 80o C. They illustrated 

that maximum sorption capacities of CH4 vary between 0.012and 0.029 mmol/g. Weniger et al. 

[67] studied the gas sorption behavior of CH4 and CO2in coals and shales in the Parana Basin, 

Brazil. They demonstrated a correlation between the sorption capacity and the TOC. They found 

for sorbed CH4 that [CH4]ads = 0.009 TOC(%) + 0.026 (mol/kg), but that [CO2]ads = 0.008 

TOC(%) + 0.183 (mol/kg). Therefore, the sorption capacity on mineral matter for CO2 is much 

stronger but not very dependent on the TOC. The TOC, however, is the dominating factor for CH4 

sorption. Wang et al. [42] investigated the CH4 sorption capacity of Paleozoic shales from the 

Sichuan Basin, China.  

 

 

Table  5-4: CH4 sorption amount on shale. The effects are shown with three abbreviation s: TOC: Total 
Organic Content, V: Volumetric and M: Manometric. 

 

Author Year Gas Sample Method CH4 sorption capacity 
Ross and Marc Bustin 
[104] 2007 CH4 Shale V 

0.002 mmol/g 

Ross and Marc Bustin 
[60] 2008 CH4 Shale V 

0.4 to 4 cc/g at T=30° C 

Weniger et al. [67] 
2010 CH4 Shale M 

=0.009 TOC(%) + 0.026 
mmol/g 

Chareonsuppanimit et al. 
[105] 2011 CH4 Shale V 

=0.035 mmol/g at T=55° C 

Gasparik et al. [55] 2012 CH4 Shale M 0.05 to 0.3 mmol/g at T=65° C 
Gasparik et al.  [56] 

2013 CH4 Shale M 

For carboniferous sample, 
0.03 to 0.09 at T=65° C and 
different TOC 

Rexer et al. [106] 

2013 CH4 Shale M 

0.042-0.176 mmol/g at T=27 
to T=200° C 

Khosrokhavar et al.  [62] 2014 CH4 

Shale 

M 0.02-0.04 mmol/g at T=30 
,40 and 63° C 

 

They showed that the TOC content is the controlling factor for CH4 sorption capacity in these 

shales. CH4 sorption experiments were carried out by Zhang et.al [58] on clay-rich rocks at 35° C, 

50° C and 65° C, and at CH4 pressure up to 15 MPa under dry conditions. The experimental 

results illustrate that the clay mineral type greatly affects CH4 sorption capacity under 

experimental conditions. In terms of relative CH4 sorption capacity: montmorillonite ≫ 

illite/smectite mixed layer > kaolinite > chlorite > illite. Physisorption is the dominant process for 

CH4 absorption on clay minerals and, as a result, in the clay-mineral dominated rocks exist a 
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linear correlation between CH4 sorption capacity and surface area. Ross and Marc Bustin [60] 

showed the effect of shale composition, pore structure and CH4 sorption for potential shale gas 

reservoirs in the Western Canadian Sedimentary Basin (WCSB). They demonstrate that CH4 

sorption on dried and moisture equilibrated shales increases with total organic carbon (TOC) 

content. The results of recent work are summarized in Table  5-4. 

In various studies the total CO2 storage capacity of unmineable coalbeds is estimated to range 

between 100 and 300 Gt CO2 [68] and the total storage capacity of deep saline aquifers is 

estimated to range between 1000 and 10,000 Gt CO2 [68]. Gas-bearing shales are also a strong 

candidate for CO2 storage. To illustrate the importance of shale formations for CO2 storage, we 

can refer to work done concerning the Netherlands. The Dutch resource of shale gas is estimated 

between 48,000 and 230,000 Bcm and if one assumes that technology can be developed to store 1 

m3 of CO2 for 1m3 of CH4 produced and that only one percent of the resource can be recovered, a 

substantial 480-2,300 Bcm of CO2, corresponding to 0.9 to 4.35 Gton CO2, could be stored [69]. 

This compares very favorably with the annual Dutch emission of 0.17 Gton/year and would allow 

for several  decades of the Dutch yearly CO2 emissions to be stored [69]. This indicates the 

potential importance of CO2 storage in geological formations, and many studies have been 

undertaken on this topic [70-91]. Methods have been proposed to decrease CO2 emission through 

storage in geological formations and criteria for the site selection for CO2 sequestration in 

geological formations have been given by [84]. Nuttal et al. [87] estimated the CO2 sequestration 

capacity in the organic-rich Devonian black shales in the Big Sandy gas field of Eastern Kentucky 

to be about 6.8 Gt. Gas sorption behaviour of Muderong shales in Australia were investigated by 

[85, 86]. Their experiments indicate significant CO2 storage capacity in the shale formations. For 

Belgium black shale, Khosrokhavar et al. [62] investigated the sorption capacity for CO2 is about 

7.9 kg/ton of the formation, while Busch et al. [85] showed the sorption capacity for CO2 is 5.5 

kg/ton of the formation for dry samples. These results are consistent with those by Weniger [67], 

discussed previously regarding the gas sorption behavior of CH4 and CO2 in coals and shales in the 

Parana Basin, Brazil.  

Godec et al. [89], based on numerical investigation, concluded that the maximum CO2 storage 

capacity for eastern U.S. shale gas is 1.12 million metric tons per square kilometer, and the sorbed 

CO2 storage capacity is estimated to be 0.72 million metric tons per square kilometer. The total 

CO2 storage capacity of organic-rich shales at supercritical conditions as a function of pore 

pressure was measured by Kang et al. [92] by considering the pore compressibility and sorption 

effects. The results state that kerogen, the organic part of the shale, acts as a molecular sieve and 

accounts for the gas sorption on shales.  
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5.6. ENHANCED GAS RECOVERY IN SHALES 

The most work on sequestration of CO2 in depleted gas reservoirs is based on storage. Recently 

some studies have illustrated that CO2 injection can be considered as a method of EGR [93-96]. 

The injection of CO2 may increase the rate and the volume of natural gas recovered from a 

reservoir [95, 97] as CO2 can be trapped in shale gas through sorption onto organic materials and 

clay minerals as a sorbed gas with the parallel displacement of natural gas. Nuttall et al. [95] 

showed that continuous CO2 injection (300 tons) over a period of 45 days can lead to significant 

improvement in recovery. As previously discussed, shale gas formations include organic 

materials. Large amounts of sorbed natural gas could be stored by organic materials from 20% to 

80% of original-gas-in-place. Recent work demonstrates that CO2 could displace CH4 with up to a 

5:1 ratio on a molecule-by-molecule basis [98] or 14:1 on a mass basis. 1 kg of CH4 produces 

approximately 55 MJ [99] of energy. To store 1 kg of CO2, 1MJ is consumed [100] on compression 

costs. This suggests that for storage, 55 MJ of energy [99] is obtained while spending only about 

14MJ of energy for compression, indicating the potential benefit of EGR from an energy balance 

perspective. If we take into account the consumption of energy in separation of CO2 in CCS 

projects, there is still a net energy gain, even considering storage of CO2 [100]. This means that by 

storing CO2 in a shale gas formation, chances for gas recovery increase without significant energy 

penalty, and this benefit is in addition to those previously discussed regarding storage of CO2 in 

shales as opposed to saline aquifers. Godec et al. [101] showed that by injecting CO2 in the 

Marcellus shale in the Eastern United States, a 7% enhancement in gas production can be 

realized. Al-Hasami et al. [102] investigated the main criteria for CO2 EGR and found that the 

density of CO2 is 2 to 6 times greater than CH4 at reservoir conditions and this caused the effect of 

gravity to accelerate the displacement of CH4. The dissolution of CO2 in water is higher than the 

solubility of CH4 in water and this helps to delay CO2 breakthrough. The mobility ratio and 

viscosity of CO2 are other important parameters for CO2 EGR projects. Recently, Ishida et al. 

[103] investigated the application of CO2 in hydraulic fracturing and found that use of CO2 may 

decrease the environmental risk (i.e., contaminated water) and increase the production rate. As a 

final and critically important consideration, CO2 EGR projects are only economically feasible 

when an available supply of CO2 is close to the shale gas formation as this  decreases the cost of 

infrastructure, transportation, and operation [97]. 

5.7. CONCLUSIONS  

Carbon capture and storage to mitigate the impact of CO2 emissions from the power and 

industrial sectors receives increased interest in importance, and sequestration of CO2 in shale gas 

formations has significant potential. Shales are widely distributed. Fracked shales have 
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infrastructure in place that can be used for CO2 storage. The CO2 storage in shale formations has 

reduced potential for induced seismicity relative to CO2 storage in saline aquifers. Furthermore, 

EGR using CO2 presents an interesting opportunity to produce a relatively clean burning fuel 

while simultaneously promoting environmental sustainability through CO2 storage. We recognize, 

however, that various studies suggest that shale gas production and utilization may result in 

significant GHG emissions depending on the total fugitive CH4 emissions during extraction and 

utilization. Additionally, extraction of shale gas may have negative impacts on water resources, 

public health, biodiversity, food supply and soil without adequate technical precautions and 

regulatory oversight. Hence, EGR and storage of CO2 in shale gas formations must be further 

explored before the environmental benefits can be decisively concluded. 

As discussed, technically recoverable shale gas is abundant globally, although only the United 

States and Canada have made substantial progress in the development and production of shale 

gas reservoirs. Several countries with substantial technically recoverable shale gas, such as China 

and countries in the MENA region, are struggling not only with technical challenges for shale gas 

development, but also financial and regulatory challenges. Nonetheless, there is a great global 

opportunity for developing large, economically recoverable shale gas resources, and so it is 

necessary to investigate now how such reservoirs may perform for both CO2 storage and EGR. 

Our review of the literature on this topic suggests that CO2 storage and EGR are viable, yet 

dependent on shale physical characteristics. Hence, knowledge of shale properties is critical to 

assessing the economic viability of CO2 storage in shales. 

The literature review in this chapter indicates that shales are in fact a good medium for CO2 

storage with capacities of 5 to 10 kg/ton of formation or approximately 1 million metric tons per 

square kilometer. This level of storage capacity suggests a substantial opportunity for CO2 storage 

in shales. The opportunity for CO2 storage in shales via EGR becomes even more attractive as 

significant energy can be extracted with relatively modest energy input. As discussed in this 

chapter, EGR can be used to exploit the high affinity of shales for CO2 relative to CH4 (14:1 on a 

mass basis). 

Although widespread exploitation of shale gas resources and the long-term economic viability of 

carbon capture and storage are not certain, the state of knowledge regarding geologic storage of 

CO2 and EGR in shale formations needs to be improved in order to make these processes viable as 

the extraction of gas from shale resources gains traction globally. Based on the studies reviewed 

and information presented in this chapter, we conclude that there is a very good opportunity 

globally regarding the future of geologic storage of CO2 in depleted shale gas formations and as a 

part of EGR operations. 
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Chapter 6  

Conclusions 
 

The work described in this thesis deals with a variety of aspects related to the storage of carbon 

dioxide in geological formations. In particular we focus on the transfer between the gas phase to a 

fluid or solid phase. It is asserted that the transfer considerably enhances the storage capacity in 

geological formations. The main conclusions are first summarized before the chapter wise 

conclusions are repeated for the ease of reference. First, we deal with dissolution in fluid phases. 

A transparent Schlieren set-up was built to visualize the movement of carbon dioxide in a high 

pressure cell (64-84 bar) when carbon dioxide was brought above a fluid layer. This aspect is 

described in chapter 2. It is able to qualify, experimentally and numerically, the mass transfer rate 

of CO2 to water (brine) and oil. It shows that in high salinity solution enhanced transfer due to 

natural convection still occurs, but is less than for less concentrated solutions. The occurrence of 

natural convection also occurs when the brine is replaced by an oleic phase. A qualitative 

comparison was made between numerical simulations and Schlieren results. We also 

corroborated the occurrence of enhanced transfer of carbon dioxide in porous media. A unique 

feature of the experimental set up is that it operates at constant pressures. Also here the salinities 

were varied and the same reduction with salinity as in the Schlieren set up was illustrated. 

Secondly we deal with the sorption mechanisms on shales. It is shown that the manometric set-up 

can accurately (as inferred from the Monte Carlo method) determine the sorption capacity. Our 

measurements indicate that shales comprise a significant sorption capacity for carbon dioxide. 

Indeed, the result of our measurement is used to review the potential of shales for carbon dioxide 

storage. Finally we review shale gas formations globally and demonstrate obstacles and 

opportunities for shale gas development. The thesis consists of four published/ submitted papers. 

Sections 6.1 to 6.4 summarize the main results of this thesis. 

 



Chapter6: Conclusions  97 

 

 

6.1.: VISUALIZATION AND NUMERICAL INVESTIGATION OF NATURAL 

CONVECTION FLOW OF CO2 IN AQUEOUS AND OLEIC SYSTEMS 

• Dissolution of CO2 in an aqueous (or oleic) phase forms a mixture that is denser than the 

carbon dioxide free water or brine (oleic phase). This causes a local density increase, 

which induces natural convection currents (gravity fingers) when gaseous carbon dioxide 

is brought above the liquid phase. This enhances the rate of mixing of CO2 in the liquid 

phase.  

• We designed and built a cylindrical transparent high pressure cell in which gravity induced 

fingers (playing a major role in the enhanced mixing process) could be observed, e.g., by 

mounting the cylinder horizontally and filling the bottom half with liquid and the top-half 

with gaseous or supercritical carbon dioxide.  

• We developed a Schlieren set-up that can be used to observe the gravity induced fingers 

based on refractive index variations. Gravity fingers have been observed in an aqueous 

phase with various concentrations of sodium chloride (0-25 w/w %) or with an oleic phase 

(n-decane). The experiments show that natural convection currents are weakest in highly 

concentrated brine and strongest in oil.  

• The Schlieren pattern consists of a dark region near the equator and a lighter region below 

it. The dark region indicates a region where the refractive index increases downward, 

either due to the presence of a gas liquid interface, or due to the thin diffusion layer, 

which also appears in numerical simulations. 

• It is possible to use commercial software (COMSOL Multiphysics) to simulate the natural 

convection process in 3-D albeit with grid cells that are too large to capture the mm-scale 

fine structure of the gravity fingers.  As the distance between the windows is 11.6 mm it 

can be expected that the concentration is not uniform in the axial direction. This leads 

initially to a scattering region with a lighter appearance in the Schlieren pattern. For later 

times the erratic behavior decreases and the effect of individual gravity fingers can be 

observed.    

• To our knowledge this is the first time that gravity fingers in the oil phase are visualized. 

The set-up can screen any fluid for its relative importance of natural convection flows. 

 

 



98                                                                                                                                                                                                      Chapter 6 

6.2. EFFECT OF SALINITY AND PRESSURE ON THE RATE OF MASS TRANSFER IN 

AQUIFER STORAGE OF CARBON DIOXIDE 

• Dissolution of CO2 in an aqueous phase forms a mixture that is denser than the carbon 

dioxide free water or brine. This causes a local density increase, which induces natural 

convection currents (gravity fingers) when gaseous carbon dioxide is brought above the 

liquid phase. This enhances the rate of mixing of CO2 in the liquid phase.  

• We designed and built a cylindrical high pressure cell in which gravity induced fingers 

(playing a major role in the enhanced mixing process) could be occurred, e.g., by 

mounting the cylinder horizontally and filling the 90% with sand pack (k=59 Darcy and 

porosity =40%) and then saturate it with water or brine and the top with gaseous or sub-

supercritical carbon dioxide at constant pressure.  

• The experiments show that natural convection currents are weakest in highly 

concentrated brine and strongest in pure water.  

• The experiments show that CO2 consumption is bigger in subcritical than supercritical 

condition. 

• The experimental results propose a semi linear relation between mass transfer rate and 

Rayleigh number. 

• To our knowledge, this is the first time that such of experiments are carried out at 

constant pressure injection in the lab scale with considering the effect of salinities. 

 

6.3. SORPTION OF CH4 AND CO2 ON BELGIUM CARBONIFEROUS SHALE USING A 

MANOMETRIC SET-UP 

• It is possible to use the manometric set-up to accurately measure excess sorption of CO2 

and CH4 on Belgian carboniferous black shale at temperatures of 308, 318 and 336 K and 

in a pressure range between 0- 105 bar. 

• The CO2 excess sorption isotherm shows an initial increase to a maximum value of 0.175 ± 

0.004 mmol/gram-shale before it starts to decrease until it becomes zero at 82 bar, which 

can be converted using the Span-Wagner EOS to a gas-density of 255 kg/m3. 

Subsequently the excess sorption becomes negative. 

• The CH4 excess sorption isotherm at 308 K shows an initial increase to a maximum value 

of 0.0392 ± 0.003 mmol/gram-shale. The CH4 excess sorption isotherm at 318 K shows 

an initial increase to a maximum value of 0.022 ± 0.006 mmol/gram-shale before it 



Chapter6: Conclusions  99 

 

decreases until it becomes zero at 104 bar. Subsequently the excess sorption becomes 

negative. We see the same behaviour for CH4 sorption at 336 K; however, its maximum is 

about 0.014±0.005 mmol/ gram-shale. As expected the CH4 excess sorption isotherm at 

308K is the largest. Indeed, the experiments on CH4 show a decreasing sorption at 

increasing temperature. In comparison to the experiment that we have done for CO2 at 

318 K, the amount of excess CO2 sorption is about 7 times higher than CH4 sorption. It 

validates the idea that sorption capacity of CO2 is much higher than of CH4. 

6.4. Shale Gas Formations and Their Potential for Carbon Storage: Opportunities 

and Outlook 

• Carbon capture and storage to mitigate the impact of CO2 emissions from the power and 

industrial sectors receives increased interest in importance, and sequestration of CO2 in 

gas shale formations has significant potential. Shales are widely distributed. Fracked 

shales have infrastructure in place that can be used for CO2 storage. The CO2 storage in 

shale formations has reduced potential for induced seismicity relative to CO2 storage in 

saline aquifers. Furthermore, EGR using CO2 presents an interesting opportunity to 

produce a relatively clean burning fuel while simultaneously promoting environmental 

sustainability through CO2 storage. We recognize, however, that various studies suggest 

that shale gas production and utilization may result in significant GHG emissions 

depending on the total fugitive CH4 emissions during extraction and utilization. 

Additionally, extraction of shale gas may have negative impacts on water resources, 

public health, biodiversity, food supply and soil without adequate technical precautions 

and regulatory oversight. Hence, EGR and storage of CO2 in gas shale formations must be 

further explored before the environmental benefits can be decisively concluded. 

• As discussed, technically recoverable shale gas is abundant globally although only the 

United States and Canada have made substantial progress in the development and 

production of shale gas reservoirs. Several countries with substantial technically 

recoverable shale gas, such as China and countries in the MENA region, are struggling not 

only with technical challenges for shale gas development, but also financial and 

regulatory challenges. Nonetheless, there is a great global opportunity for developing 

large, economically recoverable shale gas resources, and so it is necessary to investigate 

now how such reservoirs may perform for both CO2 storage and EGR. Our review of the 

literature on this topic suggests that CO2 storage and EGR are viable, yet dependent on 

shale physical characteristics. Hence, knowledge of shale properties is critical to assessing 

the economic viability of CO2 storage in shales. 
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• The literature review in this chapter indicates that shales are in fact a good medium for 

CO2 storage with capacities of 5 to 10 kg/ton of formation or approximately 1 million 

metric tons per square kilometer. This level of storage capacity suggests a substantial 

opportunity for CO2 storage in shales. The opportunity for CO2 storage in shales via EGR 

becomes even more attractive as significant energy can be extracted with relatively 

modest energy input. As discussed in this chapter, EGR can be used to exploit the high 

affinity of shales for CO2 relative to CH4 (14:1 on a mass basis). 

• Although widespread exploitation of shale gas resources and the long-term economic 

viability of carbon capture and storage are not certain, the state of knowledge regarding 

geologic storage of CO2 and EGR in shale formations needs to be improved in order to 

make these processes viable as the extraction of gas from shale resources gains traction 

globally. Based on the studies reviewed and information presented in this chapter, we 

conclude that there is a very good opportunity globally regarding the future of geologic 

storage of CO2 in depleted shale gas formations and as part of EGR operations. 
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Appendix A 

Varying void volume 

 

The purpose of this Appendix is to include the effect of a changing void volume. In practice the 

void volume determination is subject to uncertainties. First the void volume determined with 

Helium, may overestimate the void volume accessible to CO2 and CH4. Then the void volume can 

change at every time step due to the finite volume of the sorbed phase, swelling of the clays and 

possible reactions of the introduced gas with the minerals present in the black shale. To obtain a 

formulation for a changing void volume we must modify Eqs. (4. 1, 2) to   

( ) ( )1 1 1  ,i i i i i i i i
r f eq v eq v eq ads adsV V V m mρ ρ ρ ρ− − −− − − = −                                          (A. 1) 

This means that the incremental sorption requires the void volume at the previous step and at the 

present step. Adding the terms in Eq. 3 for i=1…N, where N are the number of steps in the 

experiment, leads to  
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The final result in Eq. 4 expresses that for the computation of the cumulative sorbed mass 
N
adsm  

we only need the void volume 
N

vV at the present step N.  

By considering the mechanisms for modifying the void volume mentioned above, we write  

1     ,N N N N N
v v sw ads reactV V V V V−= − ∆ − ∆ − ∆                                                           (A. 3) 
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where ,   and N N N
sw ads reactV V V∆ ∆ ∆ are the change in void volume due to swelling, sorption and 

reaction respectively. Using the same approach as above we can relate the void volume at the Nth 

step as a sum of individual void volume changes, i.e.,  

1

1 2 1 1 1

2 3 2 2 2

0

1 1 1
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N N N N N
v v sw ads react
N N N N N
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                           (A. 4) 

In other words, the void volume is equal to the initial void volume corrected for all volume 

changes at each step, and includes volume changes due to swelling, sorption and reaction.  
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Summary 

 

The work described in this thesis deals with a variety of aspects related to the storage of carbon 

dioxide in geological formations. In particular we focus on the transfer between the gas phase to a 

fluid (liquid) or solid phase. This thesis limits its interest to study the sequestration capacity of 

CO2 in saline aquifers and more specifically on the mass transfer between CO2 and the brine, 

show the effect of salinity and visualize the fingering of CO2 rich brine in bulk phase outside a 

porous medium by applying Schlieren technique. 

Furthermore, we also illustrate the importance of shale formations in the world for storing carbon 

dioxide and our experimental methods to measure the sorption capacity for enhanced gas 

recovery- EGR. To achieve our goals we designed, constructed and improved three different 

setups.  

The main research objectives addressed in this thesis are: (1) to investigate, experimentally and 

numerically, the mass transfer rate of CO2 to water (brine), oil (2) visualization of natural 

convection flow of CO2 in aqueous and oleic systems, (3) to illustrate the effect of salinity on the 

transfer rate of CO2 in bulk and porous media, (4) to model natural convection instability of CO2 

rich fluid flow in the bulk aqueous and oleic phase, (5) to determine the sorption capacity of shale 

experimentally by applying the manometric method and estimate errors based on a Monte-Carlo 

simulation, (6) to review shale gas formations and their potential for CO2 storage. Each chapter is 

summarized as follows: 

In chapter 2, we compare numerical model results with a set of high pressure visual experiments, 

based on the Schlieren technique, in which we observe the effect of gravity-induced fingers when 

sub- and super-critical CO2 at in situ pressures and temperatures is brought above the liquid, i.e., 

water, brine or oil. A short description of the Schlieren set-up and the transparent pressure cell is 

presented. The Schlieren set-up is capable of visualizing instabilities in natural convection flows 

in the absence of a porous medium. The experiments illustrate that natural convection currents 

are weakest in the highly concentrated brine and strongest in oil. Therefore, the set-up can rank 
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aqueous salt solutions or oil in sequence of its relative importance of natural convection flows and 

the ensuing enhanced transfer. The experimental results are compared to numerical results. It is 

shown that natural convection effects are stronger in cases of high density differences. To our 

knowledge there are no visual data in the literature for natural convection flow of CO2 in the 

aqueous and oleic phase in equilibrium with supercritical CO2. Indeed, there is no available 

experiment for CO2-oil. There are no data in the literature that show the presence of a diffusive 

boundary layer and the continuous initiation of fingers.  

In chapter 3 we experimentally investigated the effect of salinity and pressure on the rate of mass 

transfer, for aquifer storage of carbon dioxide in porous media. There is a large body of literature 

that numerically and studies analytically the storage capacity and the rate of transfer between the 

overlying CO2-gas layer and the aquifer below. There is, however, a lack of experimental work that 

address the transfer rate into a water-saturated porous medium at in-situ conditions using carbon 

dioxide and brine at elevated pressures. We emphasize that the experiment uses a constant gas 

pressure and measures the dissolution rate using a high pressure ISCO pump. It is shown that the 

transfer rate is much faster than predicted by Fick’s law in the absence of natural convection 

currents. 

Chapter 4 investigates the sorption of CH4 and CO2 in Belgian Carboniferous Shale, using a 

manometric set-up. Only a few measurements have been reported in the literature for high-

pressure gas sorption on shales.  Some recent studies illustrate that, in shale, five molecules of 

CO2 can be stored for every molecule of CH4 produced. The technical feasibility of Enhanced Gas 

Recovery (EGR) needs to be investigated in more detail. Globally, the amount of extracted natural 

gas from shale has increased rapidly over the past decade. A typical shale gas reservoir combines 

an organic-rich deposition with extremely low matrix permeability. One important parameter in 

assessing the technical viability of (enhanced) production of shale gas is the sorption capacity. 

Our focus is on the sorption of CH4 and CO2. Therefore we have chosen to use the manometric 

method to measure the excess sorption isotherms of CO2 at 318 K and of CH4 at 308, 318 and 336 

K and at pressures up to 105 bar. We apply an error analysis based on Monte-Carlo simulation to 

establish the accuracy of our experimental data.  

Chapter 5 reviews the global shale gas resources and discusses both the opportunities and 

challenges for their development. It then provides a review of the literature on opportunities to 

store CO2 in shale, thus possibly helping to mitigate the impact of CO2 emissions from the power 

and industrial sectors. The studies reviewed indicate that the opportunity for geologic storage of 

CO2 in shales might be significant, but knowledge of the characteristics of the different types of 
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gas shales found globally is required. The potential for CO2 sorption as part of geologic storage in 

depleted shale gas reservoirs must be assessed with respect to the individual geology of each 

formation. Likewise, the introduction of CO2 into shale for enhanced gas recovery (EGR) 

operations may significantly improve both reservoir performance and economics.  

In chapter 6 the main conclusions of the thesis are summarized. 
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Samenvatting 

 

Het werk dat in dit proefschrift wordt beschreven gaat over verschillende aspecten die 

samenhangen met het opslaan van koolstofdioxide in geologische formaties. In het bijzonder 

richten we ons op de overdracht van gas naar vloeistof of naar een vaste fase. We beperken ons tot 

het bestuderen van CO2 in reservoirs met pekel en meer specifiek tot (1) de massaoverdracht 

tussen CO2 en pekel, (2) het aantonen van het effect van het zoutgehalte en (3) het visualiseren 

van de vorming van “vingers” van kooldioxiderijk pekel in de bulk-fase bij afwezigheid van het 

poreuze medium door toepassing van de Schlieren-techniek.  

Bovendien, laten we ook het belang inzien van kleiformaties in de wereld voor het opslaan van 

kooldioxide en het belang van onze experimentele methoden om de sorptie capaciteit te meten 

ten behoeve van verbeterde gaswinning. Om onze doelen te bereiken, hebben wij drie 

verschillende opstellingen ontworpen, geconstrueerd of verbeterd. 

Het voornaamste onderzoekdoelstellingen die in dit proefschrift worden nagestreefd zijn: (1) het 

onderzoeken, experimenteel en numeriek, van de massaoverdracht van CO2 naar water (pekel) en 

olie (2) het  visualiseren van natuurlijke convectiestroming van CO2  in waterige en olieachtige 

systemen, (3) het illustreren van het effect van het zoutgehalte op de overdrachtssnelheid van CO2 

in de bulk-fase en poreuze media (4) het modelleren van instabiele natuurlijke convectie van 

kooldioxiderijke vloeistofstroming in een bulkwaterige en bulkolieachtige fase, (5) het 

experimenteel bepalen van de sorptiecapaciteit van schalie met de manometrische methode en 

het afschatten van de meetfout gebaseerd op een Monte-Carlo simulatie, (6) een overzicht te 

geven van schaliegas formaties en hun potentieel voor CO2 opslag. Elk hoofdstuk wordt als volgt 

samengevat. 

In hoofdstuk 2, vergelijken we numerieke modelresultaten met een verzameling van visuele 

experimenten bij hoge druk gebaseerd op de Schlieren-techniek, waarin we het effect waarnemen 

van door zwaartekracht veroorzaakte “vingers” indien sub-kritisch of superkritisch CO2 bij in de 

ondergrond heersende drukken en temperaturen  boven vloeistof, d.w.z. water, pekel of olie, 
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wordt gebracht. Een korte beschrijving van de Schlieren-opstelling en de doorzichtige druk-cel 

wordt gegeven. De Schlieren-opstelling is in staat instabiliteiten te visualiseren in natuurlijke 

convectiestroming in afwezigheid van een poreus medium. De experimenten tonen aan dat 

natuurlijke convectie het zwakste is in hoge concentratie pekel en het sterkste in olie. Daarom kan 

de opstelling zoutoplossingen en olie rangschikken in volgorde van het relatieve belang van 

natuurlijke convectiestroming en de daaruit voortvloeiende versnelde massaoverdracht. De 

experimentele resultaten worden vergeleken met numerieke resultaten. Het blijkt dat natuurlijke 

convectie-effecten sterker zijn bij hogere drukverschillen. Voor zover wij weten bestaan er geen 

visuele gegevens in de literatuur voor natuurlijke convectiestroming van CO2 in de waterige of 

olieachtige-fase in evenwicht met superkritisch CO2. Inderdaad bestaat er in de literatuur geen 

experiment dat de aanwezigheid bevestigt van een diffusieve grenslaag en de voortdurende 

initiatie van “vingers”.  

In hoofdstuk 3 onderzochten wij experimenteel het effect van het zoutgehalte en druk op de 

massaoverdrachtssnelheid, ten behoeve van opslag van kooldioxide in watervoerende lagen. Er is 

een groot stuk literatuur dat de opslagcapaciteit en de overdrachtssnelheid tussen een CO2
 gas-

laag en de watervoerende laag daaronder bestudeert. Er is, echter, een gebrek aan experimenteel 

werk dat gaat over de overdrachtssnelheid naar een met water verzadigd poreus medium onder 

veldomstandigheden bij gebruik van koolstofdioxide en pekel bij verhoogde drukken. We 

benadrukken dat ons experiment plaatsvindt bij constante druk en de overdrachtssnelheid meet 

met een hogedruk ISCO pomp. Het blijkt dat de overdrachtssnelheid veel sneller is dan voorspeld 

met de wet van Fick in afwezigheid van natuurlijke convectie stromingen.  

In hoofdstuk 4 onderzoeken wij experimenteel, de sorptie van CH4 en CO2 in Belgische schalie uit 

het carboon met behulp van een manometrische opstelling. Er zijn slechts enkele metingen in de 

literatuur beschreven van hoge druk gas sorptie in schalies. Sommige recente studies laten zien 

dat in schalie vijf moleculen CO2 kunnen worden opgeslagen voor elk geproduceerd CH4 

molecuul. De technische haalbaarheid van verhoogde gaswinning (EGR) moet in meer detail 

worden onderzocht. De hoeveelheid gas, wereldwijd onttrokken aan schalie, is de laatste tien jaar 

sterk gestegen. Een typisch schaliegas reservoir bestaat uit een organisch-rijke afzetting in een 

reservoir met een extreem lage matrix permeabiliteit. Een belangrijke parameter om de 

technische haalbaarheid in te schatten van verhoogde gaswinning uit schaliegas is de sorptie 

capaciteit. Onze belangstelling gaat uit naar de sorptie van CH4 en CO2. Daarom hebben we 

gekozen voor de manometrische methode om de “excess sorption” isothermen van CO2 bij 318 K 

en van CH4 bij 308, 318 en 336 K en bij drukken tot 105 bar te bepalen. We passen een fouten 
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analyse toe gebaseerd op een Monte-Carlo simulatie om de nauwkeurigheid van onze 

experimentele gegevens te bepalen.      

Hoofdstuk 5 geeft een overzicht van de wereldwijde schaliegasvoorkomens en bespreekt zowel de 

mogelijkheden en uitdagingen voor schaliegaswinning. Vervolgens geeft het een 

literatuuroverzicht van de mogelijkheden om CO2 in schalies op te slaan en zodoende 

mogelijkerwijs bij te dragen om de schade van CO2 emissies van de energie- en industriële 

sectoren te verzachten. De studies waarvan een overzicht is gegeven wijzen aan dat de 

mogelijkheid voor geologische opslag van CO2 in schalies significant is, maar dat kennis is vereist 

van de karakteristieken van de verschillende types gasschalies die wereldwijd worden gevonden. 

Het potentieel van CO2 sorptie als onderdeel van geologische opslag in leeg-geproduceerde gas 

reservoirs moet worden geschat in vergelijking met de specifieke geologie van elke formatie.  Op 

dezelfde manier kan de introductie van CO2 in schalie voor verbeterde gaswinningsoperaties 

(EGR), zowel de winning als de economie verbeteren. 

Hoofdstuk 6 geeft een samenvatting van de conclusies van het proefschrift. 
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Propositions 

 

1. Growing concern about global warming is the main reason for increased interest in the 
geological storage of carbon dioxide (CO2) (Thesis). 
 

2. Dissolution of CO2 in brine forms a mixture that is denser than the carbon dioxide free 

brine, but in the oleic phase, the mixture is only denser under favourable conditions. 

Even if this causes a local density increase, it induces natural convection currents (gravity 

fingers) when gaseous carbon dioxide is brought above the liquid phase only under 

favourable conditions. Consequently, the rate of mixing of CO2 in the liquid phase is not 

always enhanced. (Chapter 2 and 3). 

 
3. A Schlieren set-up can only be used to observe gravity induced “fingers” in the bulk 

phase. The porous media experiments in chapter 3, show that the observations in chapter 
2, i.e., that natural convection currents are weakest in concentrated brine are also valid in 
porous media. (Chapter 2 and 3). 
 

4. Temperature control is the key condition to use the manometric set-up to accurately 
measure excess sorption of CO2 and CH4 on Belgian carboniferous black shale at 
temperatures of 308, 318 and 336 K and in a pressure range between 0- 105 bar. (Chapter 
4). 
 

5. Enhanced gas recovery using CO2 presents a viable opportunity to produce a relatively 
clean burning fuel from shale gas while simultaneously promoting environmental 
sustainability through CO2 storage. (Chapter 5). 
 

6. Air injection is an effective method for light oil recovery at shallow reservoirs; however 
gas over-ride, heterogeneity and channelling effects on the stability of the process should 
be considered (N. Khoshnevis Gargar). 
 

7. Pragmatic storage of carbon dioxide (CO2) in aquifers requires dissolution in the aqueous 
phase (A. A. Eftekhari). 
 

8. A frequently ignored difference between the developed and developing countries is the 
way that they look to human resource. (Peter Drucker). 
 

9. “To have a society characterized by sustainable development, proponents of this idea 
should be the initiators of change targeted at reaching this goal”, inspired on “You must 
be the change you wish to see in the world (Mahatma Gandhi)”. 
 

10. A flower does not think of competing with the flower next to it. It just blooms. 
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Stellingen 

 

1. De groeiende bezorgdheid over globale opwarming is de voornaamste reden voor de 

toegenomen belangstelling voor geologische opslag van koolstofdioxide (CO2). (Dit 

proefschrift). 

 

2. Het oplossen van CO2 in pekel vormt een mengsel dat dichter is dan kooldioxide-vrije pekel, 

maar in de olieachtige fase is het mengsel alleen dichter onder gunstige omstandigheden. Zelfs 

indien dit een lokale dichtheidstoename veroorzaakt, leidt dit slechts onder gunstige 

omstandigheden tot natuurlijke convectie stromen (zwaartekrachtsvingers) wanneer 

gasvormig kooldioxide boven de vloeistoffase wordt gebracht. Dientengevolge wordt de 

mengsnelheid niet altijd versterkt. (Hoofdstuk 2 en 3). 

 

3. De Schlieren opstelling kan slechts worden gebruikt om door zwaartekracht gedreven 

“vingers” in de bulk-fase te visualiseren. De poreuze media experimenten in hoofdstuk 3 tonen 

aan dat de waarnemingen in hoofdstuk 2, d.w.z. dat natuurlijke convectiestromen het zwakst 

zijn in geconcentreerde pekel, ook geldig zijn in poreuze media. (Hoofdstuk 2 en 3).   

 

4. Temperatuur beheersing is de voornaamste voorwaarde om de manometrische opstelling te 

gebruiken om nauwkeurig de “excess sorption” van CO2 en CH4 in Belgische zwarte schalie uit 

het carboon bij temperaturen van 308, 318 en 336 K en in het drukgebied 0-105 bar te meten. 

(Hoofdstuk 4).  

 

5. Verbeterde gaswinning met gebruik van CO2 biedt een haalbare kans om een relatief schone 

brandstof te produceren uit schaliegas en tegelijkertijd milieuduurzaamheid te bevorderen 

door opslag van CO2. (Hoofdstuk 5). 

 

6. Luchtinjectie is een effectieve methode voor lichte-oliewinning in ondiepe reservoirs; echter 

men moet rekening houden met de effecten van het bovenlangs schieten van gas, 

heterogeniteit en gaskanaalvorming op de stabiliteit van het proces. (N. Khoshnevis Gargar).  

 

7. Pragmatische opslag van kooldioxide (CO2) in watervoerende lagen vereist oplossing in de 

waterachtige-fase. (A. A. Eftekhari).  

 

8. Een vaak genegeerd verschil tussen ontwikkelde landen en ontwikkelingslanden is de manier 

waarop zij aankijken tegen het menselijk potentieel. (Peter Drucker). 

 

9. Om een duurzame maatschappij te krijgen zouden de voorstanders van dit idee de 

initiatiefnemers moeten zijn van veranderingen die er opgericht zijn dit doel te bereiken, 

(geïnspireerd op “Gij moet de verandering zijn die u in de wereld wenst. (Mahatma Gandhi) ”. 

 

10. Een bloem denkt er niet aan te wedijveren met een naburige bloem. Hij bloeit alleen.  
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